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Electricity markets support open access and non-discrimination to allow
competition, entry, and innovation. Investment and operation in the competitive
sectors follow the incentives induced by prices. To achieve the intended
outcomes of reliability and economic efficiency, it is important to have efficient
prices that are consistent with the objectives and operation of the underlying
system. The basic design of successful organized electricity markets, built on the
principles of bid-based, security-constrained economic dispatch, goes a long way
towards meeting this objective. However, the real electricity system involves
features that are difficult or impossible to fully reconcile within this core model.
This calls for an application of the principles of dispatched-based pricing to move
as far as possible to achieving the ideal of efficient pricing and minimizing the
need for additional payments through uplift and other interventions to maintain
reliability. The challenge is constantly present to match the prices to reflect the
actual changing conditions of the dispatch. Motivated by issues under review in
New England, a summary of the basic principles and illustrative applications
provides examples of seeking the first-best efficient prices to mitigate the
unintended consequences of second-best out-of-market payments.

Introduction
An important objective of electricity market design is to provide efficient prices with the
associated incentives for operation and investment. In the idealized theory, energy and related
reserve scarcity prices would provide all that would be needed to support a market and capture
the benefits of competition. In the less than perfect reality, there are many complications in
achieving the theoretical ideal. The result is a resort to out-of-market (OOM) interventions and
payments that create incentive problems and compromise many of the benefits of efficient
markets. Although it is not possible to fully achieve the theoretical ideal, it is possible to achieve
a good approximation through application of the basic principles of efficient prices.
The essential ideas apply across all the organized electricity markets operating under the rubric
of bid-based, security-constrained economic dispatch—the successful market design. (IEA,
2007) Improvement of the implementation of this model is a subject of constant review in all the
organized markets. For example, in response to a number of problems seen in 2012-2013, the
New England Independent System Operator (ISONE) undertook a substantial effort to address
real-time pricing and related issues as part of an ongoing review of market design. (Coutu &
White, 2014a) A persistent problem, in New England and elsewhere, is the apparent assumption
that important interventions in the market by system operators are necessary for successful
operation of the system but are too hard to incorporate in the associated pricing model. The “too
hard” part might be technical or political. It always looks easier to handle the interventions
outside the market, and spread the average costs as an uplift allocation. But in markets where
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participants have discretion to follow the incentives, this superficially easy fix creates perverse
incentives that cause larger unintended consequences. While some pricing problems may have
no technical solution, the technical problems can be less of a barrier when viewed from the
perspective of dispatch-based pricing. The political problems can be less serious once we see the
consequences of suppressing reality. Raising prices or increasing volatility always creates
pressure on market regulators. But when prices are too low or not volatile enough, there is too
little incentive for load management, storage technologies, fast response generation, dual fuel
capability, firm fuel supply, and so on. The special interventions to treat the symptoms create
new problems and make the market oversight problem more difficult. In the end it is easier and
better to emphasize the priority of efficient pricing as the first choice, not the last resort. The
principles and practices of dispatch-based pricing illustrate how to adopt and implement this
perspective. The goal in the present paper is to contribute to this process and illustrate how
getting the prices right can both improve the incentives and market signals, but also simplify
some of the more difficult problems that arise in the continuing market review. The ongoing
review of market design and pricing in New England motivates much of the discussion and
recommendations, but similar issues arise in all organized electricity markets. For example, on
June 19, 2014, the Federal Energy Regulatory Commission launched just such an inquiry “to
improve the energy and ancillary services price formation process.” (Federal Energy Regulatory
Commission, 2014)

Electricity Market Challenges
New England operates forward capacity markets plus day-ahead and real-time markets for
energy and ancillary services. Success of these markets requires design of components that
mesh. In a market with many participants exercising discretion in their energy supply and
demand choices, a critical design principle is to begin with an efficient and transparent real-time
energy market that operates under the principles of security-constrained economic dispatch. The
design of forward markets for energy and ancillary services should follow, to be consistent with
the principles applied in the real-time market which will be anticipated in forming bids and
offers in the forward markets. Similarly, long-term capacity markets should reflect the future
operation of forward energy and ancillary service markets. In all cases, a key design principle is
to establish prices and pricing rules that are consistent with and reinforce the incentives for
efficient operation and investment.
The actual experience in these markets reveals a number of problems that have been a source of
concern for many years. For instance, in its review of the accumulated experience, the ISONE
Market Monitor summarized the concerns.
“The goal of the real-time market is to efficiently procure the resources required
to meet the reliability needs of the system. To the extent that reliability needs are
not fully satisfied by the market, the ISO must procure needed resources outside
of the market process. This tends to distort the real-time prices and may indicate
that there are reliability needs that are not fully priced. Both of these issues are
significant because they undermine the efficiency of the real-time price signals.
Efficient real-time price signals are essential because they encourage competitive
conduct by suppliers, efficient participation by demand response, and investment
in new resources or transmission where it is needed most. Hence, it is beneficial
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to regularly evaluate whether the market produces efficient real-time price
signals. … [W]e evaluate several aspects of the market operations related to
pricing and dispatch in the real-time market in 2012:
• Prices during the deployment of fast-start generators;
• Prices during shortages of operating reserves;
• Prices during the activation of real-time demand response;
• Efficiency of real-time ex post prices; and
• Frequency of price corrections.” (p.64) (Potomac Economics, 2013)
The collective results of a number of these market aspects tend to suppress prices. Fast start
generators are partially accounted for, but “real-time LMPs frequently do not reflect the full cost
of deploying the fast-start generator, even if the generator is still economic to be online.”
“Furthermore, since the minimum output level of most fast-start generators is within 90 percent
of their maximum output level, fast-start generators are frequently dispatched at their minimum
output levels where they do not set price during the second phase of commitment. In such cases,
the resulting LMP may be lower than the incremental offer of the fast-start generator. (p. 66)
(Potomac Economics, 2013)
For the treatment of reserves, “[i]n the real-time market, the Reserve Constraint Penalty Factors
(“RCPFs”) limit the costs that the model may incur to meet the reserve requirements (i.e.,
marginal dispatch actions that would exceed the relevant RCPF are foregone). Consequently, if
the cost of maintaining the required level of a particular reserve exceeds the applicable RCPF,
the real-time market model will allow a reserve shortage and set the reserve clearing price based
on the level of the RCPF.” (p. 73) (Potomac Economics, 2013)
The use of demand response also can have an unintended impact on real-time prices. “The
activation of demand response in real time can inefficiently depress real-time prices substantially
below the marginal cost of the foregone consumption by the demand response resources,
particularly during shortages or near-shortage conditions. Although there is little information
available on the marginal cost of foregone consumption for demand response resources, the
marginal costs of most demand response resources are likely to be much higher than the
marginal costs of most generators. Hence, real-time prices should be very high when demand
response resources are activated.” (p. 79) (Potomac Economics, 2013)
The incentive problems for real-time pricing in ISONE have been compounded by scheduling
and operating problems during severe cold weather which result in part from depressed real-time
prices and the inability to schedule and pay for gas supplies at the short-term constrained prices.
This has produced a wide array of programs that treat many of the costs in uplift rather than
fixing the underlying real-time prices that should rise to incent all market resources to be
available, including those that need to schedule gas. (ISONE, 2014c) “…real-time prices often
do not fully reflect the cost of satisfying demand and maintaining reliability during tight market
conditions, particularly when fast-start resources or demand response resources are deployed in
the real-time market.” (p. iii) (Potomac Economics, 2013)
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The fact that many of these problems have been recognized for many years points to the
difficulty of finding simple treatments for the symptoms without addressing cures for the
underlying problem of not getting the prices right. Failure to address the fundamentals has the
almost inevitable effect of compromising the benefits of efficient markets and creating new
challenges. For example, efforts to increase investment by developing capacity markets, rather
than fixing the pricing in real-time, raise costs for loads but the costs are socialized and do not
provide effective incentives for either demand participation or reliable operation. This leads to
the need for supplemental real-time performance incentives, that may help with generation
operations but still do not address the opportunities for demand participation. The net effect is
move more and more towards administrative prescription and higher average costs, recreating
the problems that were intended to be addressed by electricity restructuring. These indirect
attempts to create the effects of efficient pricing, without the efficient prices, confront the reality
that we do not know how to design regulations for efficient outcomes when the pricing
incentives motivate inefficient behavior. If we did know how to accomplish this administrative
feat, there would be no need for electricity markets.

Energy Pricing and Revenues
Organized markets operating under the only successful market design have not been completely
successful. The markets share a number of problems. Perhaps the best known and most
important is the so-called “missing money” problem when energy and ancillary service payments
are not sufficient to cover the going forward cost of new generation investment. For a variety of
reasons, pricing rules and operating practices of different types combine on average to suppress
energy prices to the point that the energy prices are well below the level needed to support new
generation investment. (Joskow, 2008)
One approach to addressing this problem is through the creation of forward capacity markets. In
the case of New England, the market result for 2013 found energy revenues of $58.14/MWh. In
addition, capacity payments were $8.20/MWh, or 12% of the total. (p. 2) (ISONE, 2014a) There
is some dispute about whether this capacity value is enough to support adequate investment and
the ISONE continues to review investment choices relating to generation, fuel diversity and so
on.
The use of the capacity market creates important incentive problems and challenges. For
instance, ISONE has recognized that a capacity obligation from the capacity market is not
sufficient to ensure the capacity is available in real time under shortage conditions. This created
an initiative for changing and improving the real-time incentives for capacity resources. The
resulting controversial pay-for-performance program has as its essence that some generators
deficient in meeting capacity obligations pay other generators who meet or exceed their
commitments. (ISONE, 2014b) (Potomac Economics, 2014) However, the net payments are
zero in aggregate and do not provide the same real-time incentives for other participants in the
market, such as price responsive load, as would arise from efficient scarcity pricing.
Similar problems arise in reliability related OOM transactions. The excess costs of these
transactions are added to uplift payments which are allocated across market participants. In the
case of ISONE, in 2013 uplift payments amounted to $158 million. “Approximately 70% of all
reliability payments in 2013 were made in January, February, July, and December—months that
4

had unusual operating conditions resulting in tight or uncertain system conditions and causing
the commitment of additional resources out of merit order.” (p. 3) (ISONE, 2014a) Although
much smaller than capacity payments, the uplift charges are important because of the impacts on
cost allocation and real-time energy prices. The 2013 uplift charges were lower than they were
before 2009 when transmission investments reduced transmission congestion and the associated
OOM actions that had been more common in the presence of greater transmission congestion. (p.
iii) (Potomac Economics, 2013) In effect, this moved the OOM payments out of the uplift and
into transmission cost allocations. But in both cases, the result was to raise costs overall while
adding to the pressures that depress market-clearing energy prices.
Related proposals would work through capacity market performance payments to alter real-time
incentives. (Potomac Economics, 2014) However, everything channeled through the capacity
market is indirect and convoluted. The process almost seems driven by a commitment not to fix
the actual energy markets prices but rather to find ever new and ever more indirect pathways to
reproduce the results of an efficient real-time market without actually implementing an efficient
real-time market.
The goal “of the real-time market … to efficiently procure the resources required to meet the
reliability needs of the system,” is important. Although it may not be possible to eliminate
capacity payments, OOM costs and uplift, a companion goal should be to reduce the importance
of these interventions and improve the performance of the basic energy market. (Harvey, 2014)
And the first-best way to address the deficiencies of the energy market is by addressing real-time
pricing. Only after exhausting the consistent improvements in real-time pricing should we resort
to the second-best OOM interventions. Achieving the first-best improvements relies on
application of the principles of dispatch-based pricing.

Dispatch-Based Pricing
The purpose of ex post or dispatch-based pricing is to determine “prices consistent with the
actual usage by applying the marginal tests of economic dispatch.” (Hogan, 1992) The essential
idea is to let the dispatch determine the prices rather than to change the dispatch to meet some
model that might differ from the operational practices of the system operator. By making prices
consistent with the dispatch, we create incentives that support rather than oppose the actions of
the system operators. (An outline of formulations for different pricing problems appears in the
Appendix.)
A starting point relies on a characterization of an underlying security-constrained economic
dispatch problem. (Hogan, 2013b). Given the optimality conditions, we can apply the usual
analysis to derive the general form of the locational marginal prices (LMP) as in:
p = System Energy Cost + Locational Marginal Loss + Locational Congestion .

The LMP has the interpretation as the effect of the system reference energy price, marginal
losses, and congestion.
In this representation, for an interior solution, the LMP is also equal to the marginal benefit of
load or the marginal cost of generation at the location.
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p = Marginal Benefit of Load = Marginal Cost of Generation.

The details of implementation may affect the characterization of the benefit and cost functions,
such as to include capacity constraints, but the basic insight of the LMP formulation will
continue to apply. Efficient prices are defined and determined consistent with the economic
dispatch formulation. Several types of applications, from ex post LMP to approximating the
price impacts of voltage support reliability commitments, illustrate the approach of dispatchbased pricing.
Ex Post LMP
Solving the full economic dispatch problem is complicated, and system operators have long
experience in this matter. Trying to improve the quality of the dispatch may be a worthwhile effort.
But the intent of dispatch-based pricing is to solve the simpler problem of finding the prices that
would apply if we assume we come as close as possible with the actual dispatch as a solution to this
optimal dispatch problem. Ex post LMP illustrates dispatch-based pricing because it is a technique
to approximate prices that are close as possible to being those that would arise from efficient
dispatch, and thus consistent with efficient dispatch.
The earliest implementation of the approach was to extract the implied LMP values from the
solution to the linear approximation based on the actual dispatch with binding transmission
constraints. The set of binding constraints is not known before the dispatch is determined. But
once the dispatch is known, the much smaller set of known limiting constraints produces a
simpler and smaller linear approximation of the security-constrained economic dispatch. This
reduced model would be inappropriate for choosing the dispatch, but it is ideally suited for
calculating the LMP values that would be consistent with the actual dispatch.
Given the dispatch, the information needed to formulate this problem is both relatively simple
and readily available. The critical elements would be the “shift factors” that define the marginal
flow over transmission lines from an injection and withdrawal of energy at different locations.
These are the derivatives of the binding constraints, a small subset of the full list of possible
constraints. The actual dispatch is a solution to this model, and the associated prices are the
dispatch-based LMPs.
The critical feature of an application of ex post, dispatch-based pricing is to focus on the
accuracy of the shift factors, which directly affect the determination of the prices. The ex post
approach allows flexibility in the accepting the estimated transmission flows as the best estimate
of the limits on the binding transmission constraints. That the actual power flows may differ by
some small amount from the announced transmission limits is accepted as part of the
approximation. The system operator need only establish the set of limiting constraints without
specifying separately the constraints limits, which do not affect the LMPs, and this simplifies
finding a solution of the pricing model.
ISONE uses a variant of ex post LMP determination. However, the description of the constraints
apparently is not consistent with the actual dispatch. “Large differences between the two prices
typically occur when a reserve constraint is binding, creating inaccurate LMP calculator prices
during difficult operating conditions when accurate prices are essential to maintaining reliability.
[Unit Dispatch System] prices have become reliable enough that the LMP calculator is no longer
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needed.” (p. 15) (ISONE, 2014a) The principle is not new. It is important, however, to make
the approximation reflect the real dispatch.
The treatment of reserves and other reliability requirements is an important part of dispatch and
pricing. Dispatch-based pricing can integrate these requirements to provide a better
approximation of prices that reflect the dispatch.

Operating Reserve Demand Curve
The use of operating reserve demand curves for improving dispatch-based energy prices is an
example of an approach to improving the efficiency of prices within the framework of economic
dispatch. (Hogan, 2005) This is important for at least three reasons. First, it provides another
example of using first principles to derive better approximations of efficient dispatch-based
prices. Second, addressing scarcity in efficient prices is widely recognized as a critical challenge
in electricity markets. Third, the resulting scarcity pricing mechanism provides a tool for
addressing related efficient pricing problems such as for contracted demand response or
reliability unit commitments.
The discussion here extracts from the more extensive development in (Hogan, 2013a), which
provides further details. Operating reserves for spinning and quick start capacity are a regular
feature of all electricity markets. These reserves are distinct from the installed capacity that is
the focus of forward capacity markets. Operating reserves are a subset of the installed capacity
that is both available and standing by to produce energy on short notice. In any given real-time
dispatch interval, reserves are maintained to deal with unpredictable events such as a sudden
surge in demand, loss of a generator, or loss of a transmission line. This balancing generation
needs to ramp up very rapidly to meet the immediate emergency and to give the system operator
time to reconfigure the energy dispatch.
Although it is difficult to forecast requirements for installed capacity many years ahead, it is a
comparatively easier and more familiar task to forecast operating reserve requirements and
availability for the next instant or parts of an hour. Supply, demand and transmission conditions
are known. Weather forecasts are on hand. System operators have experience and procedures
for defining and evaluating standby generation capabilities.
The most immediate requirement is for the operating reserves needed to meet security
contingency conditions. The flows of electricity respond much faster than operators to sudden
events such as the loss of a generator. In order to avoid cascading failures that could blackout
most or all of the system, operators must maintain a minimum level of contingency reserves.
From an economic perspective, a way to interpret and define the minimum magnitude of the
required contingency reserves would be as the level at which the system operator would impose
involuntary controlled curtailment on selected loads in anticipation of the possible contingency,
in order to maintain minimum adequate capacity that could provide additional energy but must
be kept in reserve.
System reliability would be improved if more operating reserves than the minimum were
available in terms of response to increase generation or quickly decrease load. Over the next few
minutes or parts of an hour, events may arise that deplete operating reserves and bring the system
below the minimum contingency requirement, in which case the operator will have to impose
involuntary load curtailments to restore the minimum contingency protection.
7

The importance of operating reserves has always been known, but the requirements for operating
reserves were given only a simplified consideration in early wholesale electricity market design.
The assumption was that the operating reserve requirement at any moment and location could be
represented by a fixed requirement, and that economic dispatch would produce simultaneous
optimization that would incorporate the dispatch of energy and reserves. Pricing, especially
during shortage conditions, would be provided by demand bidding to voluntarily reduce load at
high prices, and the value of operating reserves would be determined by the implied scarcity
prices. While this was a workable approximation in theory, it failed in practice when the
associated demand bidding did not materialize.
One solution to this problem is to revisit the pricing of operating reserves through a better
representation of an operating reserve demand curve (ORDC). To be sure, an operating reserve
demand curve is an administrative intervention in the market. But this is already true of the
administrative requirement for operating reserves. In the presence of a necessary and inevitable
operating reserve requirement, it is clear that the superior administrative rule would be a better
model of the demand for operating reserves that goes beyond the fixed quantity requirement.
(Hogan, 2005)
Several ISOs have implemented variants of an ORDC, but without the connection to the
underlying scarcity principles. The RCPF approach in ISONE already provides a price for
operating reserves. This is a scarcity pricing mechanism. However, the level of the payments
and conditions under which the payments are made are not derived from the underlying
principles of economic dispatch or an explicit model for the reliability requirement. As a result,
the prices are too low in at least two ways. The RCPF is not high enough to account for real
scarcity costs just when the system is most constrained and the efficient price would be most
important. The highest reserve penalty factor cap is only $850/MWh. In addition, in its early
implementation the RCPF was not applied during more than 95% of the hours when the value of
additional reserves should be lower but not zero. (p. 67) (ISONE, 2014a) The subsequent
reforms to increase the penalty payments doubled the number of hours and the value paid for
operating reserves. (ISONE Internal Market Monitor, 2014) But the focus remains on a limited
number shortage hours that leaves most hours with no scarcity prices. By contrast, small scarcity
payments applied across many hours could make a material contribution to reducing the missing
money.
A Structure of Scarcity Pricing Through Operating Reserves
The basic outline of an operating reserve demand curve with efficient prices follows from the
description above. Although the ORDC would be integrated with the dispatch model, rather than
applied solely in a pricing model, it is in the spirit of dispatch-based pricing in using a simplified
scarcity pricing model to approximate the more complicated set of security decisions found in
the real dispatch. The key connection is with the value of lost load (VOLL) and the probability
that the load will be curtailed. (Potomac Economics, 2014) Whenever there is involuntary load
curtailment and the system has just the minimum of contingency operating reserves, then any
increment of reserves would correspondingly reduce the load curtailment. Hence the price of
operating reserves should be set at the value of lost load during these periods.
At any other level of operating reserves, set to protect the system from events in the immediate
future, the value of an increment of operating reserves would be the same VOLL multiplied by
the probability that net load would increase enough in the coming interval to reduce reserves to
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the minimum level where load would be curtailed to restore contingency reserves. Hence the
incremental value of operating reserves would be analogous to the product of the loss of load
probability (LOLP) and VOLL, or LOLP*VOLL. The clearest early example of the application
of this logic is from the implementation by the Midcontinent Independent System Operator
(MISO).
“For each cleared Operating Reserve level less than the Market-Wide Operating
Reserve Requirement, the Market-Wide Operating Reserve Demand Curve price
shall be equal to the product of (i) the Value of Lost Load (“VOLL”) and (ii) the
estimated conditional probability of a loss of load given that a single forced
Resource outage of 100 MW or greater will occur at the cleared Market-Wide
Operating Reserve level for which the price is being determined. … The VOLL
shall be equal to $3,500 per MWh.” (MISO, 2009)
The ORDC is similar to the operating reserve penalty factors utilized in ISONE. However, the
penalty factors in ISONE apply only when there is an operating reserve “shortage,” which occurs
in relatively few operating hours. By contrast, the ORDC and associated LOLP calculation
should apply in all hours. Although many of the scarcity payments may be relatively small, the
cumulative effect can have a material effect on the missing money problem. (ERCOT Staff &
Hogan, 2013)
Combining this with the treatment of minimum contingency reserves, the resulting operating
reserve demand curves would look like the hypothetical illustration in the accompanying figure.
Here the assumed VOLL is $9,000/MWh and the minimum contingency reserve requirement is
assumed to be 2000 MW, as illustrated in the initial ERCOT implementation. (ERCOT, 2014)
The discontinuity at 2000 MW occurs because of the probability that load will reduce over the
interval more than the expected generation losses, in which case there is no need for load
curtailment. Above the minimum reserve level, the shape of the demand curve follows the
LOLP distribution. Importantly, a general property of an operating reserve demand curve
derived from first principles is that the demand is not vertical and price does not drop to zero.
Scarcity pricing would arise to some degree for all hours.
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The same principles could be generalized to include zonal requirements for operating reserves
that interact with energy dispatch, incorporate local interface constraints, and provide compatible
short-term prices for operating reserves and interface capacity. (Hogan, 2010) With
simultaneous optimization in the economic dispatch, the scarcity prices attributed to operating
reserves apply as well to energy whenever there is a tradeoff between energy dispatch and
operating reserve capacity. Hence, the scarcity prices would contribute to resolving the missing
money problem for all generators actually providing energy or reserves. (Hogan, 2013a)
The formulation of the dispatch model with an ORDC, and the dispatch-based pricing, utilize the
co-optimization of reserves and energy. This would be true in real-time and would then create a
consistent representation of scarcity conditions and prices. Similar comments would apply to a
consistent application of the principles in the day-ahead market, which would use an ORDC and
co-optimization to reflect consistent scarcity prices. (Hogan, 2013a)
Market Power Mitigation
The many features of an ORDC include an important and sometimes neglected connection with
market power mitigation. One of the principal challenges in monitoring electricity markets has
been to distinguish between (good) high prices caused by scarcity and (bad) high prices caused
by the exercise of market power.
One of the principal tools for mitigating real-time market power is to combine offer requirements
with offer caps. The cap sets a limit on generator offers to be close to the variable operating
cost. A persistent difficulty is that the offer caps, while effective in mitigating market power,
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also have the unfortunate effect of preventing scarcity pricing from entering the market in the
form of higher generator offers. Given the pricing rules without adequate accounting for
scarcity, competitive generation offers could be above estimated variable costs. However,
despite the defects in the pricing rules, there is a presumption that any generation offers above a
reasonable estimate of variable cost must be an attempt to withhold supply and exercise market
power. There is no easy means to separate the good from the bad high price outcomes.
The ORDC formulation provides a simple escape from this important dilemma. Scarcity of
operating reserves, and hence a co-optimized energy price increase, enters the market through
the ORDC and clearly distinguishes between scarcity and market power. With an ORDC, it is no
longer necessary to have high generation offers that look like economic withholding, in order to
achieve high market clearing prices. Generators will have an incentive to make offers that
approximate their true opportunity cost, and market mitigation rules based on offer caps would
be less problematic. A generator with an offer of $75/MWh could be dispatched at capacity and
not face the likelihood that its offer would set the market prices during a condition of scarcity. In
the presence of even a modest amount of scarcity, the generator would see and be paid the
probably much higher ORDC-induced price at the VOLL*LOLP. During times of system stress,
generators could be paid thousands of dollars per MWh even though the generation offer was
still $75/MWh. And the cause of scarcity and high prices would be easy to identify as being
market conditions and not generator offers. Everyone would benefit from this analytical clarity
and from the contribution towards making up the missing money.

Augmented ORDC
An ORDC addresses many problems in providing better incentives in the real-time energy
market. In addition, the ORDC contributes to reducing the missing money problem and
increases the attractions of investing in generation. However, there is no reason in principle why
the basic ORDC by itself would provide enough of the missing money to be sufficient to induce
investment sufficient to attain a planning reserve margin that would be consistent with a typical
one-event-in-ten-year reliability standard. (Newell, Spees, Pfeifenberger, & Karkatsouli, 2014)
A reasonable implication of this disconnect would be to ask whether the cost of the reliability
standard is worth the benefit. This could result in policy decisions related to the level of the
reliability standard and the associated reserve margins.
Whatever the choice on the reliability standard, a separate question arises as to the best way to
provide the required missing money. A common assumption is that the only practical alternative
is to establish a forward capacity market. As we know well from experience, designing and
operating a capacity market presents its own set of challenges and unintended outcomes. A basic
ORDC helps mitigate many of the related problems of a capacity market, and makes the capacity
market less important. An augmented ORDC could be a complement or an alternative to a
capacity market that could operate through the energy market to provide a further contribution
towards the missing money.
The idea of an augmented ORDC is simply to impose conservative assumptions on the basic
ORDC model. The intent would be to provide both a greater level of reliability and an
associated increase in total operating reserve and energy payments to address the missing money
problem.
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For purposes of this discussion consider the three parameters of the basic ORDC: VOLL,
Minimum Contingency Reserves (X), and loss of load probability (LOLP). The VOLL should
approximate the average cost of involuntary load curtailments or other non-market actions that
would actually be undertaken by the system operator when reserves become scare. The “X”
factor should approximate the level of reserves at which the system operator would begin to take
these non-market actions in order to restore reserves to an acceptable minimum contingency
level. And the LOLP should be the short-run probability (e.g., over the next hour) that
unanticipated increases in load or decreases in available generation would reduce operating
reserves below the X level. Increases in any of these three parameters would have the effect of
increasing operating reserve prices on average and contributing more of the missing money in
the reserve and energy markets.
The VOLL price applies when conditions require involuntary load curtailment. It is important
that this price be paid to generation and charged to remaining load. Hence, an upper bound on a
conservative VOLL would be the maximum price we were willing to charge in the face of load
curtailment. It may be better to err in the direction of a higher VOLL, but this may not be
enough to address the reliability goal and provide the missing money. Too low a VOLL would
create a situation where its application would have the average curtailed load willing to pay more
to avoid curtailment. Too high a VOLL would be less problematic because it would eventually
stimulate demand response that would avoid the need for the involuntary load curtailment.
However, the VOLL price should not be set so high that it becomes not credible that regulators
would allow the price actually to be charged or paid, in which case a VOLL at too high a level
would undermine the intended incentives and there could be no real contribution to better
generation investment.
Similar arguments apply to the minimum contingency level X where the system operator would
initiate non-market interventions to raise the level of available operating reserves. The minimum
contingency level is more directly connected to reliability. If the level is set too low, then actual
interventions would start before reaching the high prices and the resulting impact would be to
lower rather than raise market prices as we approach shortage conditions. If the minimum
contingency threshold is set too high, then we would produce periods when high prices were
being imposed but no non-market interventions were needed and the regulators would have to
defend applying the VOLL when it was not required.
The short-term load and generation changes that give rise to the LOLP summarize a complex
process. The models of LOLP employ certain assumptions about the accuracy of the system
approximations and the ability to avoid problems like human error typically found in events that
threaten the stability of the system. A conservative approach to reliability is already part of the
motivation for the use of contingency constraints to define secure operations. However, it would
be consistent to extend this reliability motivation to a conservative estimation of the LOLP. This
would avoid the conflicts that arise with too high a VOLL or too high an X. In particular, if the
conditions that define the missing money are motivated by reliability concerns, then the most
obvious connection with the ORDC would be through the LOLP estimation.
There are many ways to augment the LOLP calculation, but the simplest approach would be to
shift the probability curve by some fixed amount that represents the further margin of safety that
motivates a high reliability standard.
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The accompanying figure illustrates such an augmented LOLP and resulting augmented ORDC
in an example from ERCOT. (ERCOT Staff & Hogan, 2013) Here the standard deviation used
in the normal approximation for the LOLP is 1357 MW. The two sensitivity cases illustrate the
impact of shifting the mean expected change in net load over the operating reserve period by (i)
one and by (ii) two standard deviations. Clearly the resulting augmented ORDC could make a
material difference in the implied scarcity prices for many hours, well before we get to the
minimum contingency level.
The choice of how much of a margin of safety in the ORDC should be applied is a judgment call.
However, expressing the margin of safety in terms of the size of the shift in the LOLP curve
seems more intuitive and transparent than setting the planning reserve margin according to the
one-event-in-ten-years rule that is not connected to the actual conditions in real-time operations.
Simulations would be required to determine the final estimate of the incremental contribution to
the missing money under an augmented ORDC. But if the goal is to provide greater reliability,
rather than to meet a planning reserve margin per se, the approach of augmenting the ORDC has
advantages over a capacity market and may provide a better answer to define how much
reliability is enough.

Demand Response
The use of Demand Response (DR) to provide operating reserves raises the question of how to
interact with the ORDC and energy pricing in the dispatch. The focus here is on how to
incorporate DR to determine the impact on prices in the electricity market. This is separate from
the discussion of the appropriate payments for DR that has been the subject of controversy.
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(United States Court of Appeals for the District of Columbia Circuit, 2014) In the case of DR
that is offered on a continuing unconstrained basis as price responsive demand, or under the buysell model, the response can be treated in a straightforward way with bid prices. However, in
many cases the DR program is implemented through a contract that includes features that
constrain the cumulative use and therefore affect the opportunity cost from the perspective of the
rest of the market.
The details of DR matter somewhat, but a common feature is that the use of DR over some
period such as a season may be limited by a total megawatt hour constraint. (Yoshimura &
Parent, 2014) The essential basic structure is close to the problems found in the use of an energy
limited facility. The analysis of the familiar problem of an energy limited facility provides
guidance for the treatment of DR with a cumulative megawatt hour constraint. For the present
discussion, assume the direct variable cost of the energy is zero, much like a hydro facility with a
limited reservoir of water.
Suppose that we have an energy limited generation facility that is capable of providing operating
reserves and energy. It can provide operating reserves as long as there is still available energy.
However, the cumulative amount of energy over the current and future periods is limited. Using
the facility to provide operating reserve now does not affect the energy available in the future.
But using the energy now does affect the energy and reserves that can be provided in the future.
Hence, in the current period there is no opportunity cost for using the plant for reserves, but there
is an opportunity cost for using the plant to provide energy.
Estimating the opportunity cost and solving for the optimal use of such a facility is possible and
familiar from the study of constrained hydro systems. A full optimization would require a
dynamic model that goes beyond the limits of the static or near-horizon representation in the
usual economic dispatch model used in operations. The reduced summary of the full
optimization appears in the “value of water” stored in a pond, which can then be applied in
determining the economic dispatch.
However, in the mode of dispatch-based pricing, the problem allows for a simpler
approximation. The purpose of dispatch-based pricing is to assign prices to actions the system
operator takes as part of the dispatch. To the extent possible, the idea is to assume that the
operator is making good decisions consistent with economic dispatch, and to determine the
implied prices accordingly. The current operating protocols include operator decisions for
deploying DR to provide energy. As long as these rules are in place, the task is to determine
prices that are consistent with the operator’s decisions.
Ignoring the lumpiness of the decision, for a continuously dispatchable energy limited facility we
can compute an upper bound on the implied energy opportunity cost whenever the plant is
dispatched to provide energy. If the operator dispatch decision is optimal, it must be that the
opportunity cost of the energy is no more than the market clearing price of energy including the
cost of scarcity. This market price must be less than the energy offer of the next unit in the
dispatch stack plus the scarcity price determined from the ORDC, with the energy limited facility
removed from reserves and providing energy. This implies that an upper bound on the implied
energy offer for the DR must be the energy offer of the next unit in the stack.
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In a dispatch-based framework, applying this energy offer for the energy limited unit ensures that
the resulting price is consistent with the resulting energy dispatch and scarcity price. The
resulting energy offer plus scarcity price will not produce a price reversal, when deploying the
valuable reserve energy reduces the price. And the generator at the margin will be indifferent to
providing reserves or energy.
The assumption is that the continuous approximation should be a workable solution for the
lumpy DR dispatch decision. When DR is providing reserves, it should be included in the
ORDC calculation as reserves. When DR is dispatched to provide “negawatt” energy, it should
be removed from reserves and included in the generation stack at the implied energy offer of the
first undispatched unit in the stack.
This rule should produce consistent market-clearing prices. Since DR is contracted for in
advance, the associated reserve or energy payment would not go to the DR provider.
Presumably the reserve payment would be rebated to entities paying for the DR contract.
This approach is quite general, and would apply whenever the operator is dispatching DR. The
pricing rule is not affected by whether or not we are at, above or below the minimum
contingency level. This dynamic pricing rule should be at least feasible, and perhaps easy to
implement. The resulting LMPs will incorporate the scarcity value of the DR in the energy price,
and use of DR will not produce a price reversal. The pricing model does not tell the operator when
to use DR, but given that the dispatch calls on the DR the model determines the ex post prices
consistent with the dispatch.
The rule could apply to all kinds of activities that are approximately like energy limited facilities.

Reliability Unit Commitment
In day-ahead markets the bid-in load that clears provides one estimate of the forthcoming demand in
the real-time dispatch. As part of their responsibility for reliability monitoring, system operators
regularly prepare an independent forecast of the prospective load. When the two forecasts differ,
the system operator faces the possibility that there will not be enough generation capacity to meet
the requirements for forecast load and the associated reserves. In ISONE this analysis is referred to
as the Resource Adequacy Assessment (RAA). This conforms to a common practice, which is to
undertake a related Reliability Unit Commitment (RUC) to make sure that there is sufficient
capacity to meet the system operator’s forecast load.
The effect of the incremental RUC units is to increase the available capacity relative to the bid-in
and scheduled load. Absent some compensating adjustment, the effect is to lower the marketclearing prices in the day-ahead dispatch. This has the perverse effect of sending the market signal
that there is less scarcity than implied by the actual reliability requirements adopted by the system
operator.
One way to apply the approach of dispatch-based pricing for the day-ahead market would be to treat
the RUC requirement as a need for increased reserves relative to the bid-in load indicated
requirement. A direct approach would be to utilize an augmented ORDC to incorporate the
reliability requirement of the RUC. The locational or regional ORDC calculated from the first
principles would be augmented by shifting the probabilistic portion of the non-spin demand curve
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by the RUC amount. The increased capacity committed would be part of the available reserves, and
the augmented ORDC would incorporate the value of the increased reserves.
In real-time, the uncertainty would be resolved to be higher or lower load than the system
operator forecast. In any event, the RUC commitment would be sunk, and there would be no
purpose in a separate treatment of the generation capacity committed by the RUC.

Voltage Support
Full description of all the many transmission constraints that limit an economic dispatch can be a
daunting task. Often the dispatch models are functionally equivalent to DC load models that
address real power only. This modeling approach assumes that reactive power is readily
available, unconstrained, and unimportant in determining the dispatch. However, when voltage
constraints are important and these simplifying assumptions do not apply, it may be necessary to
restrict load or operate certain generators in order to avoid reactive power losses or ensure
reactive power supply. (Hogan, 1993)
The dispatched generation or load constraints often are then treated as OOM transactions. The
decisions are fixed in the dispatch model and excluded from the price calculations. This results
in increased total capacity and lower prices in the associated dispatch.
Incorporating voltage constraints and reactive power flows in the full dispatch model would
require a full AC, security-constrained, optimal power flow representation of the dispatch. This
might be a good idea, someday, but it would be a great challenge with existing software for
controlling economic dispatch. Real and reactive power flows and the impact on local voltage
constraints are highly nonlinear, and thus difficult to incorporate in the formal dispatch model.
The practice of reliability evaluations and dispatch of a generator for reactive power depends
more on the discretion of the system operator.
However, the software limitation on economic dispatch does not apply to the application of the
principles of dispatch-based pricing. A linear representation of the impact of real power flows on
the local voltage would not be a good guide to the dispatch, but a linear approximation of the
reactive power and voltage impacts on the margin for prices for the actual dispatch would be both
appropriate in theory and much easier to estimate in practice. In effect, this linear approximation
would be included as one of the binding transmission constraints modified to include the
independent effect of local generation.

Extended Locational Marginal Pricing
The examples of dispatch-based pricing illustrate the simplicity and flexibility available for
improving both real-time and day-ahead pricing models. Incorporating refinements in dispatchbased pricing should go a long way in supporting the incentives and integrity of electricity
markets. However, the underlying economic dispatch pricing formulation has limitations in
dealing with the full complexity of electricity markets.
In the core model of economic dispatch for electricity markets, energy prices derived from
marginal costs support the equilibrium solution. This is true in the limited sense that within the
formal structure included in the model the energy prices provide the appropriate charges to loads
and payments to suppliers. However, prices that support the equilibrium solution for energy do
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not provide the necessary payments for products and services not included in the core model.
Ancillary serves such as reactive support, black start capability and so on, are not priced in the
same way and must be paid for in a matter separate from the formal structure embedded in the
core model. The particular rules for determining these payments are often ad hoc and not
derived from an inclusive model. Charges applied to customers to cover these costs are similarly
based on reasonable but ad hoc rules that often approximate some pro rata allocation across
customers. These charges applied in addition to energy payments go under the heading of the
“uplift” following a nomenclature established in the UK electricity market restructuring.
Hence, an uplift payment is an inherent part of electricity markets. The total cost of uplift
payments is usually relatively small and the effects on market incentives are often ignored in
formal analysis as being de minimis. However, this may not be true as more and more charges
are included in the uplift. An example of an added source of uplift charges is with costs for startup and minimum load requirements associated with unit commitment.
Unit commitment with economic dispatch introduces discontinuities into the electricity market
model; e.g., the plant is committed or not. The usual interpretation of market-clearing prices has
the economic dispatch as consistent in the sense that the dispatch is a profit-maximizing solution
for the individual generators and load that take the prices as given. However, this marketclearing definition ignores the effects of the discrete decisions that define the discontinuities. In
the presence of these conditions, there may be no set of prices that supports the economic
dispatch as the market clearing solution. In other words, given the prices some generators or
loads may have an incentive to deviate from the economic dispatch. For example, a generator
may not recover its startup costs at the given prices, and would prefer not to operate. Or another
generator that should not be committed and dispatched may see a foregone opportunity cost
because that generator would earn a profit at the given energy prices. One solution to make the
economic dispatch consistent with the incentives in the market is to make up any losses for
dispatched generators or to pay the lost opportunity profits for the constrained off generator.
These extra payments constitute an addition to the uplift that balances the difference between
optimal profits and actual profits at the given energy prices. A reasonable goal would be to set
the energy prices so as to minimize the extent of these uplift payments. This approach goes
under the heading of Extended Locational Marginal Prices (ELMP). The ELMP derive from the
so-called convex hull of the total cost of the unit commitment and economic dispatch problem.
These ELMP prices minimize the uplift associated with the difference between the market
clearing solution given the prices, and the optimal commitment and dispatch. This minimum
uplift includes transmission congestion and loss revenues that determine the revenue adequacy of
financial transmission rights. (Gribik, Hogan, & Pope, 2007)
The ISONE has been examining the implications of ELMP and its dispatch-based pricing
approximations as part of its market discussions. (Coutu & White, 2014b) The essential idea is
that many activities related to start-up, block loading of generation units, minimum output
requirements, minimum run times, and so on, create various kinds of lumpy choices (the plant is
off or on) that produce non-convexities in the total cost curve for unit commitment and dispatch.
The results can sometimes be counterintuitive, but the theory and examples developed by the
ISONE illustrate the use of ELMPs to provide a pricing regime that comes as close as possible to
the core model and that reduces to the core model when the best convex approximation leaves no
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gap relative to the total cost curve. (Coutu & White, 2014c) The balance of payments appears in
the uplift charges, and this contribution to uplift is as small as possible.
The ELMP approach deals with an application of the unit commitment and economic dispatch
framework that goes beyond some of the simplifying assumption of otherwise convex problems.
The intuition for ELMP can be summarized as recognizing the difference between the marketclearing solution at the ELMP and the economic dispatch. The market-clearing solution is the
outcome that would prevail if all load and generation took energy prices as given, and
individually chose their own profit-maximizing solution. If the problem has no lumpy decisions,
essentially assuming convexity, then the economic dispatch is a market-clearing solution. There
is no gap. But if the problem does not meet these convexity conditions, the two solutions can
differ. Then the ELMP supports the market-clearing solution, and the associated revenue effects,
impacts on financial transmission rights, the nature of binding constraints, and so on, apply to the
market-clearing solution, but not to the actual economic dispatch. (Cadwalader, Gribik, Hogan,
& Pope, 2010) The difference creates the need for the uplift payments.
The ELMP approach creates another type of requirement for dispatch-based pricing. Essentially,
we have to know the solution and associated costs of the unit commitment and economic
dispatch in order to calculate the ELMP. This does not require a perfect solution to the unit
commitment and economic dispatch. The minimum uplift property of ELMP applies relative to
any dispatch, including an approximate solution to the underlying problem. However, the ELMP
is not produced as a byproduct of the economic dispatch in anything other than the convex case.
We need to know the underlying costs and model in order to then calculate the ELMP. So
ELMP is inherently a case of dispatch-based pricing.
In addition, actual calculation of ELMP involves finding a solution to an appropriate
mathematical dual version of the unit commitment and dispatch problem. This dual formulation
has long been recognized as an approach applicable to a wide range of optimization models.
(Falk, 1969) There is a great deal of experience with methods for solving for these dual prices.
The cumulative experience is that it is easy to get a good approximation of the prices but it is
more challenging to get an exact solution. Combined with the complexity of the underlying
model, there is a strong interest in providing what the ISONE terms as Approximate Extended
Locational Marginal Prices (AELMP). (Coutu & White, 2014b)
One approach that has a great deal of appeal is to utilize a relaxed version of the unit
commitment and economic dispatch model. This is referred to as the “dispatchable” model in
(Gribik et al., 2007). This is a much easier problem to solve, and with the usual assumption
would produce a convex model with easy-to-obtain prices. This convex problem looks like the
core model where it is easy to compute prices. This approximation may not be a good way to
determine the commitment and dispatch, but this AELMP formulation may provide a workable
way to approximate the prices. The resulting dispatch-based prices would not be exactly the
uplift minimizing ELMP, but they could be a workable approximation.

Day-Ahead and Real-time Interaction
A day-ahead electricity market creates financial commitments that are settled at the real-time
price. There are a few decisions such as unit commitment actions that involve irrevocable
physical effects, but the vast majority of the day-ahead transactions create obligations and rights
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for physical flows in real time that permit deviations from the day-ahead contracts to be
discharged at real-time prices.
In addition, the typical day-ahead markets include so-called “virtual” transactions which are
explicitly acknowledged to be purely financial. The virtual bids and offers are treated essentially
the same as bids and offers from entities that own generation or serve load. However, unlike the
entities with these real-time physical transactions, the virtual traders need have no connection to
physical transactions and will settle as an imbalance the full amount of their contract at the realtime price.
These characteristics of electricity markets make clear the importance of efficient real-time
pricing. All traders who will have to settle in the real-time market will try to anticipate the realtime price. Even if the full pricing rules in the day-ahead market are not perfect, with no
transactions costs the effect of virtual transactions will tend to arbitrage any anticipated
differences between the day-ahead and real-time price. This price convergence function
provides a number of benefits to the market. The existence of virtual transactions also
guarantees that defects in real-time pricing design will not be corrected by the day-ahead market.
The day-ahead market comes chronologically before the real-time market, but in terms of the
incentive effects the day-ahead market will follow the incentives established by the real-time
pricing rules.
In the electricity system, a day is a long time. Hence, at the time the day-ahead market clears
there is a good deal of uncertainty about the actual supply and demand conditions that will
appear in real-time. This means that the arbitrage and equilibrium between day-ahead and realtime should operate in terms of the expected prices in real-time. On any given day, the prices in
real-time could be quite different than the day-ahead prices. One of the reasons the day-ahead
market is valuable for market participants is the ability to hedge the uncertain real-time price.
But on average there should be convergence between day-ahead and real-time price, other than
for what should be relatively small aggregate effects of risk aversion and transaction costs.
The connection between day-ahead and the expected real-time prices applies in the case of
ELMP. The values of prices will depend on the choices of which commitment decisions are
treated as variable. In real-time, many of these commitment decisions will be fixed in advance.
If treated as fixed in the real-time ELMP pricing model, the prices will differ to some degree
from the day-ahead prices. Sometimes they could be higher or lower in real-time, but on average
the day-ahead prices and real-time prices should converge due to the effects of arbitrage and
virtual bidding. In addition, virtual bids by design add convex elements to the day-ahead
problem. This should reduce the lumpiness inherent in the model and tend to reduce the need for
uplift.
Although virtual bidding offers a powerful tool to overcome defects in the day-ahead market,
there is no good reason to impose defects that can be avoided. The implication is that the design
of the day-ahead market should be established to reflect as much as possible the anticipated
conditions in the real-time market. Hence, the description of the transmission grid should reflect
the real grid expected to be in operation. Energy and ancillary services commitments should be
included in the day-ahead clearing. Pricing for energy, operating reserves, congestion and so on,
should all be the best possible approximation of the real-time conditions. The solution of the
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day-ahead model should be co-optimized just as in the real-time model. The same principles of
dispatch-based pricing can be applied in the day-ahead and the real-time.

Forward Markets
More efficient pricing in the real-time and day-ahead spot markets would serve many purposes
that will provide better incentives for forward markets for electricity and related markets for
scheduling fuel supply.
The real-time market is the most important market. The rules for dispatch and pricing in realtime affect everything that comes before. Forward markets provide hedging and scheduling
activities, but the forward markets look ahead to what will happen in real-time. If efficient prices
do not appear in association with the actual dispatch, this inevitably creates incentives to either
“lean-on” the rest of the system, when prices are too low, or self-schedule to avoid providing
flexibility for economic dispatch, when penalties are too high. This applies to short-term
scheduling of generation and fuel supply. It applies to long-term investment in generation
capacity, energy efficiency and load management. The regulatory and administrative efforts to
compensate for bad incentives in real-time add costs and complexity that are unnecessary and
self-reinforcing.
Better spot prices that capture more of the scarcity impacts would help reduce the missing money
problem and, therefore, make capacity markets less important. Better scarcity pricing would
address directly the real-time performance problem for capacity resources that has been the
subject of controversy and attention in ISONE.
Better real-time scarcity pricing would also provide incentives for generators to arrange for
natural gas supplies and dual fuel capabilities. The ISONE plan is to allow revisions of offer
prices to reflect real-time gas supply conditions and this would interact with dispatched-based
pricing to provide the right incentives at the right time.
There are important related scheduling issues for arranging natural gas supplies, and these are
being addressed. But better scheduling will not be as effective as it could be if it also
accompanies improved implementations of real-time dispatch-based pricing.

Uplift Cost Allocation
Improved pricing would reduce some of the sources of uplift. The remaining uplift must be
collected in some way to cover the costs incurred by the market operator. This allocation
decision problem is a separate question with its own complications. There is an important
dimension, however, in which the uplift allocation rules interact with the objective of achieving
efficient prices.
A common appeal related to efficiency is to assign uplift according to some principles of cost
causation. This logic is likely misplaced in the case of many uplift components. The cost
causation arguments are motivated by the incentives at the margin, to the extent the effects can
be identified. A basic objective of dispatch-based pricing is to move as much of these costs as
possible into the efficient locational prices for energy and ancillary services. From this
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perspective, if there are marginal impacts of a transaction that contribute to uplift, this is a signal
to identify and fix the ex post pricing rules, and not a signal to guide the allocation of uplift.
By this construction, uplift costs are those costs which cannot be attributed at the margin and
therefore cannot be allocated according to a marginal principle of cost causation. The attempts
to move away from the marginal to lumpy decisions such as simulations of the market with and
without various transactions run into similar problems of lumpy decisions that are so difficult or
impossible to solve as discussed in the case of ELMP.
For costs that cannot be identified at the margin, the principles of efficiency imply that cost
allocation should be done in a way that minimizes the change in decisions, such as a decision not
to schedule an efficient import due to the transmission access charge, while covering the total
costs. The cost uplift allocation challenge is similar to or the same as allocating transmission
access charges, connections fees and so on. The basic guideline is similar to more restrictive
case of Ramsey pricing, where the effect is to allocate such costs to the transactions that will be
changed the least. (Transpower, 2002)
The implication of this rule would be to allocate uplift charges more to final physical load and
less or not at all to day-ahead virtual transactions. A problem arises through the allocation of
uplift charges to virtual transactions. In ISONE, these uplift charges average around $2/MWh
and provided a significant impediment for virtual trading to equilibrate the market. The
independent market monitor recommended eliminating the charges for all virtual load and others
that could not reasonable be assigned cost causation responsibility. (pp. viii-ix) (Potomac
Economics, 2013) Removing uplift charges for virtual transactions would increase day-ahead
market participation, improve price convergence and promote efficient day-ahead prices that
properly reflect real-time expectations.

Conclusion
Dispatch-based pricing principles and associated practices work to create efficient price signals
consistent with economic dispatch. A fundamental assumption of markets in electricity is that
market participants will make operating and investment decisions based on market prices. The
simplified theory implies that efficient prices are all that would be needed to provide the right
incentives. That real systems do not conform to the simple theory does not imply that efficient
prices are less important. To the contrary, the practical implication is that efficient prices
become even more important in minimizing the out-of-market interventions and costs that are so
difficult to design and which produce perverse incentives. The most important step for ISONE
and other organized markets would be to change the priority from compensating for deficiencies
in efficient real-time pricing to removing the impediments to efficient prices. Only when
everything available had been done to move to efficient real-time pricing, would we turn to other
market interventions. The examples of dispatch-based pricing applied to transmissions
constraints, operating reserves, reliability commitments, voltage support, and unit commitment
problems illustrate the ideas, the flexibility of the approach, and some of the limitations.
Efficient real-time and day-ahead pricing models should be the first choice, not the last resort.
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Appendix
Dispatch-Based Pricing Formulations
The purpose of ex post or dispatch-based pricing is to determine “prices consistent with the
actual usage by applying the marginal tests of economic dispatch.” (Hogan, 1992) The essential
idea is to let the dispatch determine the prices rather than to change the dispatch to meet some
model that might differ from the operational practices of the system operator. By making prices
consistent with the dispatch, we create incentives that support rather than oppose the actions of
the system operators.
The basic formulation utilizes a security-constrained economic dispatch problem. (Hogan,
2013b). Let B  d  define the benefits of bid-in load  d  and C  g  the cost of generation  g 
offers. Incorporate other relevant variables such as unit commitment decisions in the control
variables in u . The net load at each location is defined as the vector y  d  g . Aggregate
losses are L  y, u  . Finally the transmission constraints appear in the vector function K  y, u  .
With these definitions, we treat the underlying security-constrained economic dispatch problem
as
Max

d D , gG ,uU

B d   C  g 

s.t.
d  g  y,
L  y, u    t y  0,
K  y, u   0.

The notation sets up the corresponding optimality conditions as

There exists  d * , g* , y* , u * ,  , , p  , such that
d *  g *  y* ,
L  y * , u *    t y *  0,
K  y* , u *   0,  t K  y* , u *   0,

  0, u *  U ,

 d , g , y , u   arg
*

*

*

*

max

d D , gG , y ,uU

 B  d   C  g     L  y, u    t y    t K  y, u   p t  d  g  y   .



Given these optimality conditions, we can apply the usual analysis to derive the general form of
the locational marginal prices (LMP) as in:





p    L y  y * , u *    t   t K y  y * , u *  .
Hence, the LMP has the interpretation as the effect of the system reference energy price,
marginal losses, and congestion.
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In this representation, for an interior solution, the LMP at a location is also equal to the marginal
benefit of load or the marginal cost of generation at the location.
p  B  d *   C  g *  .

The details of implementation may affect the characterization of the benefit and cost functions,
such as to include capacity constraints, but the basic insight of the LMP formulation will
continue to apply. Efficient prices are defined and determined consistent with the solution of the
economic dispatch formulation. For further details on cases with multiple sets of efficient prices,
see (Hogan, 2012).
Ex Post LMP
One of the earliest implementations of the dispatched-based approach was to extract the implied
LMP values from the solution to the linear approximation of the full dispatch problem, where the
linear approximation is based on the actual dispatch with binding transmission constraints in K * .
The set of binding constraints is not known before the dispatch is determined. Given the linear
approximation of the binding constraints, the ex post LMP model would be:
Max

d D , gG ,uU

B d   C  g 

s.t.
d  g  y,
L  y, u    t y  0,

K *  y* , u *  y  y * , u  u *   0.

Given the dispatch, the information needed to formulate this problem is both relatively simple
and readily available. The critical elements would be the “shift factors” that define the
derivatives of the binding constraints K * , which is a small subset of the full list of possible
constraints in K . The actual dispatch is a solution to this model, and the associated prices are
the dispatch-based LMPs. The derivatives in K * directly affect the determination of the
prices. However, the actual transmission flows may differ by some small amount from the
announced limits is accepted as part of the approximation. The system operator need only
establish the set of limiting constraints without specifying separately the constraints limits, which
do not affect the LMPs.

Operating Reserve Demand Curves
The dispatch-based pricing formulation to include the ORDC for reserves r is a simple
modification of the generic economic dispatch problem to separate energy generation from
reserves subject to the generation total capacity Cap . The operating reserve benefit is just the
corresponding area under the ORDC. Hence, the economic dispatch problem could be seen as:
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Max

d D , gG , r ,uU

B  d   C  g   ORBenefit  r 

s.t.
d  g  y,
g  r  Cap,
L  y, u    t y  0,
K  y, u   0.

Application of dispatch-based pricing with this model would account for simultaneous cooptimization of reserves and energy, incorporating scarcity prices defined by the ORDC in both
the reserve prices and energy prices in real time. Similar comments would apply to a consistent
application of the principles in the day-ahead market, which would use an ORDC and cooptimization to reflect consistent scarcity prices. (Hogan, 2013a)

Augmented ORDC
In the case of the ERCOT implementation, the ORDC incorporates both spinning and nonspinning reserves. Introducing an augmented ORDC by shifting the full ORDC raises the
criticism that we would create an incentive to incur the costs of “too much” spinning reserve
 RS  . As shown in (ERCOT Staff & Hogan, 2013), given the value of scarcity

 v  VOLL  mc 

and the loss of load probability  LOLP  , the shift of the full ORDC produces

a difference between the price of spin  PS  and non-spin  PNS  of:
∗ 0.5 ∗

.

If we shift the full ORDC then this increases the LOLP and the difference between the price of
spin and non-spin increases accordingly. This would create an artificial incentive to convert from
non-spin to spin. Since non-spin  RNS  is less costly, an adaptation would be to maintain the
base difference between spin and non-spin, but apply the conservative reliability adjustment to
the price of non-spin.
For example, if we made the change by simply adding a capacity availability payment to the
would not change, and there would be no
price of all reserves, then the differential
added incentive to convert from non-spin to spin.
A better approach would be to shift the LOLP for non-spin only. This would preserve the same
differential between spin and non-spin, but would raise the price of both. The amount of the
price increase would be a function of the total level of reserves in real time, preserving the
property that when capacity is scarce the prices should be higher. In terms of the notation in the
ERCOT backcast report, this would imply:
∗ 0.5 ∗
∗ 1

0.5 ∗
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#

# would be calculated by shifting the distribution by a specified amount and
Here
calculated with the total spinning and non-spinning reserves. Hence, the total ORDC shifts up
and the difference between spin and non-spin remains as
∗ 0.5 ∗

.

There would be no increased incentive to incur the costs of spinning above the economic benefit.
The conservative scarcity pricing would affect the total value of spin and non-spin, but the
increase in availability would be for non-spin capacity.

Demand Response
The use of Demand Response (DR) to provide operating reserves lends itself to dispatch-based
pricing. The implementation for DR reserves called to provide energy would be to incorporate
the marginal cost of the next unit of undispatched generation, say mc , and apply this to the DR
used and include the remaining demand response held reserves, DRr , as part of the benefit
function.
Max

d D , gG , r , DR , DRr ,uU

B  d   C  g   ORBenefit  r  DRr   mc * DR

s.t.
d  g  y,
DRr  DR  TotalDR,
g  r  Cap,
L  y, u    t y  0,
K  y, u   0.

The resulting LMPs will incorporate the scarcity value of the DR in the energy price, and use of DR
will not produce a price reversal. The pricing model does not tell the operator when to use DR, but
given that the dispatch calls on the DR the model determines the ex post prices consistent with the
dispatch.

Reliability Unit Commitment
The effect of the incremental RUC units is to increase the available capacity relative to the bid-in
and scheduled load. One way to apply the approach of dispatched based pricing for the day-ahead
market would be to treat the RUC requirement as a need for increase reserves relative to the bid-in
load indicated requirement. A direct approach would be to utilize an augmented ORDC to
incorporate the reliability requirement of the RUC. The locational or regional ORDC calculated
from the first principles would be augmented by shifting the probabilistic portion of the non-spin
demand curve by the RUC amount. The increased capacity committed would be part of the
available reserves, and the augmented ORDC would incorporate the value of the increased reserves.
If we take the area under the augmented ORDC as ORBenefit RUC . Then the revised dispatch-based
adjustment would be as in:
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Max

d D , gG , r , RUC ,uU

B  d   C  g   ORBenefit RUC  r  RUC 

s.t.
d  g  y,
g  r  RUC  Cap,
L  y, u    t y  0,
K  y, u   0.

This formulation for the day-ahead should avoid the problem of price reversals in the day-ahead
market.

Voltage Support
When voltage constraints are important, it may be necessary to restrict load or operate certain
generators in order to avoid reactive power losses or ensure reactive power supply. (Hogan,
1993) A linear representation of the impact of real power flows on the local voltage would not be a
good guide to the dispatch, but a linear approximation of the reactive power and voltage impacts on
the margin for prices for the actual dispatch would be both appropriate in theory and much easier to
estimate in practice. In effect, this linear approximation would be included as one of the binding
transmission constraints in K * modified to include the independent effect of local generation.
(Caramanis, 1982) (Baughman & Siddiqi, 1991) Let this constraint be K  .
The resulting addition to the implied pricing model would be to incorporate the effect of the voltage
constraint.
Max

d D , gG ,uU

B d   C  g 

s.t.
d  g  y,
L  y, u    t y  0,
K  y, u   0,

K   y* , g*  y  y* , g  g *   0.

This version of the dispatch pricing model would then yield prices that incorporate an effect of
voltage constraint on real power LMP results.

Extended Locational Marginal Pricing
Calculation of the exact ELMP involves finding a solution to an appropriate dual version of the
unit commitment and dispatch problem. Although this is feasible, there is a strong interest in
providing what the ISONE terms as Approximate Extended Locational Marginal Prices
(AELMP). (Coutu & White, 2014b) One approach that has a great deal of appeal is to utilize a
relaxed version of the unit commitment and economic dispatch model.
Discrete variables can capture a great deal of the complexity in real unit commitment and
economic dispatch models. The discrete decisions, such as to start a plant, can be modeled as
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controlled by a variable that can be zero or one. Suppose the basic model with discrete decisions
where the control variables in u must be zero or one.
Max

d D , gG ,uU

B d   C  g 

s.t.
d  g  y,
L  y, u    t y  0,
K  y, u   0
u  0,1.

The discrete variables present a significant challenge in even solving these problems. But the
solution is a separate topic. The importance for pricing is that the presence of these discrete
variables creates the need for ELMP.
An approximate description of the same unit commitment and dispatch problem would treat
these discrete variables as continuous, constrained only to be between zero and one.
Max

d D , gG ,uU

B d   C  g 

s.t.
d  g  y,
L  y, u    t y  0,
K  y, u   0
0  u  1.

This “dispatchable” model is a much easier problem to solve, and with the usual assumptions
would produce a convex model with easy-to-obtain prices. This approximation may not be a
good way to determine the commitment and dispatch, but this AELMP formulation may provide
a workable way to approximate the prices. The resulting dispatch-based prices would not be
exactly the uplift minimizing ELMP, but they could be a workable approximation. (Gribik et
al., 2007)
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