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The Shale Gas Paradox: 

Assessing the Impacts of the Shale Gas Revolution on Electricity Markets and 
Climate Change 

 
Abstract 

 
The United States shale gas revolution has led to record-low natural gas prices 

and profoundly affects the energy economy.  Shale gas potentially offers a lower-carbon 
fuel source cheap enough to dethrone coal, the primary and most carbon intensive US 
electricity source.  However, cheap shale gas hinders the economic competitiveness of 
zero-carbon renewable energy sources like wind and solar.  How will shale gas impact 
climate change?  To answer this, three analyses are performed: First, type-curve 
production and economic modeling for each of the 12 largest US shale gas plays are used 
to estimate the breakeven price for profitable extraction of shale gas.  Second, the impact 
of liquefied natural gas (LNG) exports on the domestic price of natural gas is analyzed.  
Third, current financial data from 8,000 US power plants are analyzed to model the cost 
competitiveness of various energy sources.  Also analyzed is the potential for shale gas to 
contribute to a global low-carbon future, focusing on China.   

Without LNG exports, the breakeven shale gas price is ~$4.04/MMbtu.  At this 
low price, natural gas would likely emerge as America’s cheapest fuel of the future.  US 
LNG exporters should be able to charge significantly less than the current Asia LNG 
prices of over $15/MMbtu, creating a substantial arbitrage opportunity.  Potential LNG 
exports are shown to increase the 2020 price of natural gas by ~$1.16-$1.83/MMbtu 
(2012 dollars).   

Wind, the renewable technology with the best large-scale deployment prospects, 
cannot currently compete with utility-scale natural gas and coal.  Even with the 2.2¢/kWh 
Production Tax Credit, the levelized cost of wind is calculated to be $69.71/MWh—
substantially higher than the sub-$50/MWh costs of coal and natural gas.  With added 
costs associated with the implementation of EPA regulations, coal would rise to the range 
of wind, with a levelized cost of $67.14.  If the US exports natural gas, the cost of natural 
gas is estimated to rise as high as $64.31.  Under this scenario, wind would thus be an 
economically competitive alternative.  (A mechanism to tax carbon would give a crucial 
advantage to wind; however, it is assumed that no such mechanism will develop in the 
foreseeable future.)  The ultimate climate change solution must involve disenfranchise-
ment of coal power and the economic competitiveness of renewable energy sources.  
EPA coal regulations, government renewable energy subsidies, and a healthy LNG export 
market appear necessary to accomplish this.   
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1. Introduction 

The United States’ boom in shale gas production presents a paradox.  It 

potentially offers the US energy independence and lowers natural gas prices sufficiently 

to outcompete other fossil fuels, like coal, which are far more damaging to the 

environment.  The paradox:  The lower natural gas prices become, the greater will be 

these benefits; but the more prices fall, the harder it becomes for even more 

environmentally friendly renewable power sources to flourish economically.  Exporting 

natural gas promotes the feasibility of renewable power sources.  By reducing domestic 

gas supply, domestic gas prices rise, and the high cost of renewables compares more 

favorably.  This thesis examines the paradoxical impact of the shale gas boom on 

electricity markets and the climate.   

The recent production of natural gas from shale in the US has been remarkable.  

Technological breakthroughs over the past decade have made the unconventional gas 

resource economically recoverable, with the potential to revolutionize America’s energy 

landscape.  Current estimates for total technically recoverable shale resources are 862 

trillion cubic feet (Tcf), enough gas to satisfy natural gas demand at current levels of 

consumption for the next 35 years [1,2].  US shale gas production has grown quickly, 

doubling over the past two years to constitute 34% of US dry gas supply (Figure 1.1) [3].  

The US Energy Information Administration (EIA) expects this figure to continue to rise, 

topping 50% by 2040 (Figure 1.2) [3].  This phenomenon has important implications for 

both greenhouse gas (GHG) emissions and the future of the renewable energy industry. 
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Figure 1.1: Annual US shale gas production has increased sharply over the last decade, and currently is 

~7.85 Tcf/yr, or 34% of the nation’s gas supply.  Data: EIA [3] 
 
 
 

 
Figure 1.2: US natural gas production is on an aggressive growth path, thanks to the shale gas revolution.  

Source: EIA [3] 
 

Increased gas production and cheaper shale extraction methods have caused prices 

to reach historic lows.  As a result of cheap natural gas, the US is now in a position to 

consider becoming a self-sufficient natural gas exporter.  Merely four years ago, the 
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industry was applying for permits to site liquefied natural gas (LNG) import terminals, 

whereas today, America is retrofitting the very same terminals to function as export 

facilities [4].   

America’s newfound natural gas resource could have a profound impact on future 

GHG emissions levels and the nation’s response to climate change.  As natural gas prices 

have plummeted, the electric power generation sector has seen the swapping of coal for 

natural gas as a fuel source.  Coal now accounts for only 35% of the US power generation 

mix, down from ~50% only 3 years ago [4-6].  Because the combustion of natural gas 

produces approximately half the CO2 that coal does, coal-to-gas switching has caused a 

drop in nationwide GHG emissions. As Figure 1.3 shows, US emissions (measured as 

teragrams of CO2 equivalent) have recently fallen.  In 2010, the most recent year with 

available GHG data, annual emissions fell to 1998 levels [7].  The economic recession 

was responsible for the initial decline in emissions starting in 2008, but coal-to-gas 

switching contributes to the prevailing drop in CO2 emissions.  In early 2012, natural gas 

briefly eclipsed coal as the largest fuel source in the power generation sector (Figure 1.4).   

 



-4- 
 

 
Figure 1.3: Greenhouse gas emissions have recently declined, in part because of the economic recession, 

but also because of coal-to-gas switching. Data: EPA [7] 
 
 

  
Figure 1.4: US total electricity generation by fuel type.  Increased usage of natural gas has resulted in 

reduced usage of coal.  Source: Credit Suisse [4] 
 

From a climate change perspective, America’s shale gas resource may be a gift.  

The use of natural gas in place of coal is leading to the first significant CO2 reductions in 

the current age of widespread global warming awareness.  Many believe that low-cost gas 

may represent a low-carbon bridge to a zero-emissions future [8].  The march towards 

sustainable renewable energy sources, such as wind and solar, requires that a 
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supplemental energy source be available when weather conditions and electrical storage 

capacity preclude production.  Such backstop energy sources must be widely available on 

near instantaneous demand.  Absent technological advances in power storage, natural gas 

may be the perfect candidate fuel because of its short start-up time relative to traditional 

baseload power plants such as nuclear and coal. 

But at the same time, low-cost gas may end up harming the climate if reducing the 

price of electricity encourages increased production and renders uncompetitive the 

deployment of renewable and carbon-free energy sources.  If large-scale use of natural 

gas-supporting infrastructure ensues, America could be committing itself to a long-term 

fossil energy economy. 

To explore this paradoxical impact on electricity markets and climate, three 

analyses are discussed.  Chapter 3 calculates an estimate of the future price of natural gas 

necessary for shale gas to be economically extractable.  Chapter 4 assesses the potential 

and significance of US natural gas exports.  Chapter 6 calculates the cost of producing 

electricity from natural gas compared to other sources.  The thesis will focus on the 

changes that shale gas will cause, emphasizing specifically how renewables and CO2 

emissions could be affected.  In addition to US shale gas, global shale gas prospects will 

also be assessed in Chapter 5, focusing on China due to its enormous shale resource and 

total energy consumption.  The analysis will conclude with a discussion of the policy 

implications of its findings.  This study involves a more extensive and integrated study of 

these issues than has appeared in the public and academic literature.   
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2. Background 

 Shale gas refers to natural gas trapped within shale formations, usually thousands 

of feet below the earth’s surface.  Gas-productive shale formations in the continental US 

are of thermogenic or (more frequently) biogenic origin and are found in Paleozoic and 

Mesozoic rocks [9].  Shale is a fine-grained sedimentary rock that, when deposited as 

mud, can collect organic matter.  When the organic matter decays over time, petroleum 

and natural gas products form within the rock’s pores [10].  Shales typically hold dry gas 

(>90% methane), but some formations produce liquid products as well.  Conventional gas 

reservoirs form from the migration of natural gas from an organic-rich source into 

permeable reservoir rock.  Unconventional gas-rich shales, however, generally function 

as both the source and reservoir for natural gas.  Shales have low permeability, which 

means that trapped gas cannot move easily within the rock.  Because of this, a technique 

called hydraulic fracturing (or “fracking”) is employed to obtain the natural gas.  

Hydraulic fracturing cracks the shale rock through the injection of water, sand, and 

chemicals at high pressure.  The injected sand particles hold open the fissures so that 

natural gas can flow into a drilled wellbore [3,10].  Casing and cement line the wellbore 

to prevent drilling liquids and chemicals from leaking into surrounding freshwater 

aquifers [10].  Shale gas wells exist vertically, like conventional oil and gas wells, and 

also horizontally, which allows for greater access to a formation than would a 

conventional vertical well.  Figure 2.1 provides a visualization of a horizontal well and 

the hydraulic fracturing process.  Hydraulic fracturing and deep drilling raise serious 

environmental concerns, including water contamination, excessive water usage, and 

fugitive methane emissions.  These issues, while substantial, are not the focus of this 
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study.  Rather, this study assumes that shale gas drilling will continue into the foreseeable 

future in order to engage in a discussion about the economic and long-term climatological 

effects of the shale gas revolution. 

 

 
Figure 2.1: A graphical overview of hydraulic fracturing and shale gas extraction in the Marcellus shale 

play. Source: ProPublica [11] 
 

Natural gas from shale rock is considered an unconventional gas resource.  The 

fundamental, important geologic distinction between conventional and unconventional 

gas resources is that conventional resources are buoyancy-driven deposits, which occur as 

discrete accumulations in structural and/or stratigraphic traps [12].  Unconventional 

resources, on the other hand, are generally not buoyancy-driven accumulations.  Rather, 

they are regionally pervasive, independent of structural and stratigraphic traps.  Shale 
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hydrocarbons are unconventional because they are locked in virtually impermeable rock 

layers and have been historically difficult to economically extract [4,13].  Recent 

advances have made the extraction process viable. 

 There are three types of unconventional natural gas sources that constitute a 

portion of current natural gas production and factor into projections (as shown earlier in 

Figure 1.2): shale gas, tight gas, and coalbed methane.  Tight gas refers to gas stuck in 

tight formations underground, trapped in very impermeable and non-porous hard rock, 

sandstone, or limestone.  Tight gas is extracted through techniques such as fracturing or 

acidizing, and composes 21% of the technically recoverable gas resource (TRR) in the 

US [13].  Coalbed methane refers to the natural gas present in coal deposits.  Previously 

thought of as a nuisance in the coal industry, coalbed methane was vented into the 

atmosphere.  But today it is a significant source of natural gas that accounts for almost 

8% of the US TRR [13].  All three of these unconventional resources are expected to 

persist as components of the natural gas industry.  This thesis focuses on shale gas 

because of its extraordinary recent production growth and future potential as a low-cost 

energy source. As Figure 1.2 indicates, production of tight gas and coalbed methane is 

expected to remain constant. 

 The knowledge of shale gas resources is not new.  Natural gas was first produced 

from shale in the US in 1821 from a shallow, low pressure well in the Appalachian Basin.  

As early as 1947, hydraulic fracturing was applied as an oil and gas extraction technique 

[14].  Technological and cost barriers had prevented the commercial access of shale gas, 

but innovations in the past decade have made its production a commercial reality.  With 

the help of federally funded research programs, Mitchell Energy became the first 
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corporation to achieve large-scale, economical shale gas extraction in 1997 in the Barnett 

shale play near Fort Worth, Texas [15].  Over a decade of production from the Barnett 

shale has improved the efficiency and capability of shale gas production around the 

country.  The most active shales to date span from Texas to New York and include the 

Barnett, Haynesville, Antrim, Fayetteville, Marcellus, and New Albany shales.  Figure 

2.2 displays a map of US shale plays and basins.   

 

 
Figure 2.2: A map of shale plays and basins in the US. Source: EIA [3] 
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3. Calculating the Breakeven Price of US Shale Gas 

3.1 Introduction 

In April 2012, natural gas prices hit historic lows.  For the first time since 1999, 

the monthly average price of natural gas traded on the New York Mercantile Exchange 

(NYMEX) fell below $2 per million British thermal units (MMbtu) [16].  Due to 

oversupply in North American markets and a warmer than average winter, the price of 

natural gas in April 2012 averaged $1.95/MMbtu—down 85% from $12.69 in June 2008 

[16].  The principal catalyst driving the natural gas supply glut and price decrease has 

been the emergence of shale gas.  Gas prices have since risen slightly to $3.35/MMbtu 

[17].  Can these low prices persist?  The answer lies in understanding the profitability of 

the production of natural gas from shale wells.  The long term price of natural gas can 

only be as low as the breakeven price for profitable extraction of natural gas from shale 

wells across the US.  This chapter calculates the breakeven price.  This study appears to 

be the first in the public and academic literature to construct a bottom-up, nationwide 

estimation of the breakeven price of shale gas. 

For purposes of this study’s feasibility, “typical well” analysis was performed for 

each individual shale play.  That is, calculations for each play use a set of well 

characteristics deemed typical for that particular play.  Inaccuracy in this study will 

inevitably result from this assumption, as many plays vary significantly within their 

geography. 
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3.2 United States Shale Gas Plays 

In 2011, the US Energy Information Administration (EIA) conducted a review of 

emerging domestic shale resources, listing all known shale plays in the US as of January 

1, 2009 [1].  Some of the discovered plays have not been commercialized and do not have 

readily accessible data.  Figure 3.1 displays the list of US, on-shore, lower-48 states shale 

plays, along with estimates of TRR.  Plays that have enough data to be included in the 

analysis are highlighted.  

 
Figure 3.1: US onshore lower-48 states shale plays [1,18]. 

 

Shale Play
Shale Gas Resources 

(trillion cubic feet)
Marcellus 410
Haynesville 75
Barnett 43
Utica 38
Fayetteville 32
Barnett-Woodford 32
Devonian 29
Woodford 22
Eagle Ford 21
Mancos 21
Antrim 20
Lewis 12
New Albany 11
Bakken 10
Williston-Shallow Niobraran 7
Cana Woodford 6
Floyd-Neal & Conesauga 4
Hilliard-Baxter-Mancos 4
Cincinnati Arch 1
Avalon & Bone Springs --
Monterey/Santos --
Total 798
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The plays included in this analysis comprise 90% of the total shale gas resources 

estimated by the EIA, and should serve as a fair representation of the nation’s shale gas 

landscape.  The Utica shale play, not included in the EIA review, was also included in 

this analysis and is listed in the figure above.1  The plays with non-listed gas resources 

(Avalon & Bone Springs and Moneterey/Santos) are shale oil plays, and so their 

estimated gas production is not calculated in the EIA report.  The Bakken shale, also 

primarily an oil play, does not have listed gas resources.  US Geological Survey 

assessments in 2008, however, indicate that natural gas exists in certain areas of the 

Bakken formation, such as the Williston Basin Province [19].2  The Bakken play was 

included in this study because of its potential gas resource, maturity, and importance in 

the current domestic energy landscape.  In total, 12 plays were included in the analysis. 

 

3.3 “Wet” Versus “Dry” Gas: Shale Play Hydrocarbon Composition 

Perhaps the most important characteristic of a shale well is the composition of its 

products.  While some shale wells contain nearly 100% natural gas (methane), most 

contain a variety of components.  “Wet” or liquid products are usually present in the gas 

stream, and exist as a range of hydrocarbon compounds.  Light hydrocarbons dissolved 

within the natural gas stream are referred to as natural gas liquids (NGLs), and range in 

molecular chain size from ethane (C2) to larger pentane-plus gas condensates (C5-C8) 

[21].  Heavy hydrocarbons are predominantly seen in shale oil wells.  Gases such as 

nitrogen and carbon dioxide are common by-products and are ignored in the context of 

this economic analysis.  NGLs and crude oil are significant because they often make 

                                                
1 Utica TRR is estimated by the US Geological Survey at 38 trillion cubic feet [18]. 
2 This analysis estimated Bakken natural gas TRR of 10 Tcf (as indicated in Figure 3.1) using the well 
estimates in this analysis and Bakken well-spacing and area figures [20].   
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shale wells profitable even when natural gas prices are low.  NGLs and crude oil prices 

are tied to global markets, and have remained largely unchanged by shale well production 

to date.  By selling these liquid co-products at their high, stable prices, shale gas wells 

can profit even in low gas price environments.   

Historic and projected NGL and oil prices were taken from Citi Equities Research 

as of September 12, 2012, and are shown in Figure 3.2 [22].  These price assumptions are 

used in the breakeven calculations that follow. 

 

 
Figure 3.2: Projected NGL and oil prices.  Data: Citi Equities Research [22] 

 

Figure 3.3 shows the hydrocarbon composition data for typical wells in the 12 plays 

examined.  The data was obtained from a variety of sources [19,23-33].3  Percent 

composition numbers are listed as mole fractions.  Composition consists of 9 

components: methane, ethane, propane, n-butane, isobutane, natural gasoline4, carbon 

dioxide, nitrogen, and oil.  Dry plays such as the Haynesville, Fayetteville, and Woodford 

shales contain nearly pure methane in the gas stream.  Wet gas and oil plays such as the 

Eagle Ford, Bakken, and Utica shales contain large liquid product volumes. 
                                                
3 Where empirical data was unavailable, percentage breakdowns were inferred from total play supply 
forecasts.  Where NGL breakdowns were unavailable, average NGL barrel composition was assumed 
(Figure 3.3) [22] 
4 Natural gasoline encompasses the NGLs with carbon chains C5 or longer. 

NGLs ($/gal) 2012 E 2013 E 2014 E 2015 E 2016 +
Ethane $0.46 $0.46 $0.53 $0.57 $0.59
Propane $1.01 $1.06 $1.24 $1.28 $1.31
N-Butane $1.75 $1.65 $1.58 $1.63 $1.67
Iso-Butane $1.81 $1.70 $1.70 $1.75 $1.79
Natural Gasoline $2.11 $1.98 $1.92 $1.98 $2.02
Oil ($/bbl)
Brent crude $108 $99 $95 $98 $100
WTI crude $92 $85 $90 $95 $96
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Figure 3.3: Product mole fractions for a typical well in each examined shale play.  Data: [19,23-33] 

 

  
Figure 3.4: Average NGL barrel contents. Data: Citi Equities Research [22] 

 

3.4 Type-Curve Production Modeling 

To forecast the natural gas production for each play’s typical well, type-curve 

modeling was used.  In the oil and gas industry, a type-curve is used to depict the 

production rate of a well or reservoir over time.  For natural gas type-curve modeling, 

Arps’ rate-time equations are most frequently used [34-38].  Shale gas well production 

has been empirically shown to resemble hyperbolic decline, and can thus be modeled by 

the following Arps equation [36,38]: 

 

 
 
 

Shale plays C1 C2 C3 N-C4 I-C4 NG (C5+) CO2 N2 Oil
Fayetteville 97% 1% 0% 0% 0% 0% 1% 1% 0%
Woodford 96% 1% 0% 0% 0% 0% 3% 1% 0%
Haynesville 95% 0% 0% 0% 0% 0% 5% 0% 0%
New Albany 90% 1% 1% 0% 0% 0% 8% 0% 0%
Cana Woodford 88% 5% 2% 0% 1% 1% 0% 0% 3%
Devonian 88% 5% 2% 0% 1% 0% 0% 3% 0%
Barnett 85% 7% 2% 1% 1% 0% 2% 3% 0%
Marcellus 81% 18% 1% 0% 0% 0% 0% 0% 0%
Eagle Ford 75% 14% 5% 2% 2% 0% 2% 0% 0%
Utica 69% 6% 3% 1% 1% 1% 0% 0% 21%
Antrim 62% 4% 1% 0% 0% 0% 4% 29% 0%
Bakken 31% 2% 1% 0% 0% 0% 0% 0% 65%

Ethane 43.5%
Propane 28.5%
N-Butane 7.3%
Iso-Butane 8.7%
Natural Gasoline 12.0%

Average NGL Barrel
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Each shale play was modeled using this equation.  Where data was available, plays each 

had unique initial production rates, “b” factors, and initial decline rates.  Initial 

production data was available for all 12 plays.  b-factors and initial decline values were 

available for all plays except the Antrim, Utica, and Devonian shales.  For those plays, 

average numbers (derived from the others) of 1.3 and 75% were used for b-factors and 

initial decline rates respectively [38].5  Type-curve coefficient data was obtained through 

a variety of sources [20,39-47].  The coefficients used for the 12 plays are shown in 

Figure 3.5.  Because the Bakken shale is primarily an oil play, oil production was 

modeled and gas production was calculated as a co-product.  Its initial production units 

are barrels of oil per day, instead of million cubic feet of gas per day.   

 

                                                
5 While the Arps equation is used almost universally for the forecasting of shale-gas reserves, its use 
creates the risk of overestimating reserves.  The Arps formulation of decline behavior is supported by 
theory only for boundary-dominated flow and only when 0<b<1.  As the referenced sources indicate, 
however, empirical evidence shows that shale-gas production can be modeled using hyperbolic decline 
with b > 1.  The underlying explanation for observed b-factors >1 is likely because of an imperfect 
understanding of the existence of natural fractures in a given shale matrix.  In addition to hydraulically-
induced fractures, natural fractures can facilitate the process through which shale gas flows into the 
wellbore and thus increase a well's flow-rate and b-factor.    
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Figure 3.5: Coefficients used for type-curve modeling. Data: [39-47] 

 

Production models were run for both 10-year and 30-year scenarios in order to 

forecast natural gas production for each play.  A complete set of the type-curve analysis 

performed can be found in Appendix A.  To help describe the methodology, the 

Marcellus play is presented as an example.  Type-curve modeling output for the 

Marcellus play under a 10-year operating assumption is shown below in Figure 3.6.  The 

estimated ultimate recovery (EUR), or potentially recoverable gas, of a typical Marcellus 

10-year well is 5.8 Bcf.   

 

Shale Gas Plays

Initial 
production 
(MMcf/d) "b" factor

Initial 
decline

Marcellus 4.2 1.58 69%
Antrim 0.3 1.30 75%
New Albany 2 1.82 43%
Fayetteville 3 0.64 68%
Barnett 7 1.59 70%
Haynesville 8 1.19 85%
Cana Woodford 5.5 1.50 68%
Eagle Ford 9.5 1.10 75%
Utica 1.35 1.30 75%
Devonian 1 1.30 75%
Woodford 7.5 0.84 62%
Shale Oil Plays  (Bbl/d)
Bakken 414 1.80 78%
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Figure 3.6: Marcellus shale type-curve outputs, with gas and co-produced liquid production shown. 

 

Liquid coproduction was scaled relative to gas production using each play’s 

composition percentages, displayed in Figure 3.3.  Figure 3.7 shows the Marcellus 

production decline curve (blue) and cumulative production curve (red) for the 10-year 

time frame. This analysis was performed for all 12 plays.  

 

 
Figure 3.7: Daily (blue) and cumulative (red) gas production for a typical Marcellus shale well over ten 

years.  
 

Year Beginning Ending Average Annual Cumulative C2 C3

MMcf/d MMcf/d MMcf/d Bcf Bcf Bbl Bbl

1 4.20 2.64 3.42 1.2 1.2 48,847 1,956
2 2.64 2.02 2.33 0.8 2.1 33,274 1,333
3 2.02 1.68 1.85 0.7 2.8 26,418 1,058
4 1.68 1.45 1.56 0.6 3.3 22,350 895
5 1.45 1.29 1.37 0.5 3.8 19,593 785
6 1.29 1.17 1.23 0.4 4.3 17,574 704
7 1.17 1.07 1.12 0.4 4.7 16,019 642
8 1.07 0.99 1.03 0.4 5.1 14,776 592
9 0.99 0.93 0.96 0.4 5.4 13,755 551

10 0.93 0.88 0.90 0.3 5.8 12,899 517
EUR: 5.8

Daily Gas Production Annual Gas Production Annual NGL production
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3.5 Shale Well Breakeven Economics 

Using natural gas and NGL production figures, breakeven natural gas prices were 

calculated through discounted cash flow analysis.  In keeping with generally accepted 

capital budgeting practices, breakeven natural gas prices were calculated as the price of 

natural gas necessary for the internal rate of return (IRR) of the lifetime of the well to 

equal 10% (an estimated overall cost of capital).  The remainder of this section will 

discuss the construction of cash flows for the individual play wells. 

Well revenues were calculated as the quantity of hydrocarbon products produced 

multiplied by their market price at any given time.  NGL and oil prices used are displayed 

in Figure 3.2.  Natural gas price was backsolved, as it is the unknown variable in the 

analysis. 

Well costs are numerous and were divided into 7 categories: finding and 

development (F&D), lease operating expense (LOE), transportation and fractionation 

(T&F), royalties, pre-construction, and two types of drilling/well costs: tangible and 

intangible.  Below is a description of each cost and the methodology for how it was 

calculated. 

 

F&D – F&D costs, also known as discovery costs, include the costs to acquire a 

mineral lease, purchase and develop property, and acquire and evaluate seismic 

data [48,49].6  They are quoted per MMcf of natural gas extracted (Bakken F&D 

costs are quoted per barrel of oil).  Average F&D costs for each play were found 

from various sources [20,39,42,50].    

                                                
6 In the cash flow analysis, F&D costs were amortized over the life of the drilling period and were 
expensed as gas is produced. 



 

-19- 
 

 

LOE – LOE costs are essentially the well’s costs associated with extracting the 

gas and liquid products [48].  They are quoted per MMcf of natural gas extracted 

(Bakken LOE costs are quoted per barrel of oil).  Often, general and 

administrative (G&A) costs for a well are indicated separately.  This analysis 

treats LOE costs as general operating costs and includes both traditional LOE and 

G&A.  Average LOE costs were taken from various sources [20,41,50,51].7   

 

T&F – T&F costs are the costs associated with the transportation and 

fractionation of NGLs [53].  They are largely determined by distance to hubs, 

which are locations in the US where large volumes of NGLs are transacted.  T&F 

range from 9-29¢/gal NGL.  Average T&F costs for each play were taken from a 

presentation given at the 2012 EIA NGL Workshop [53]. 

 

Royalties – Royalties constitute the share of revenues that are returned to the 

original owner of the land used for oil and gas extraction.  They are quoted as an 

interest rate, a percentage ownership of future production from a given leasehold 

[40].  Royalty rates were found from various sources [20,39,51,55] and range 

from 13-27%.8   

 

Pre-construction – Pre-construction costs include leasehold, permitting, and site 

prepping fees.  Leasehold costs were assumed to be a one-time upfront payment 

                                                
7 When unavailable, LOE costs were assumed to be $1.50/MMcfe [52]. 
8 When unavailable, the royalty rate was assumed to be 20%, the average rate amongst plays with available 
data. 
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to the landholder, quoted per acre of land leased.  They were collected from a 

variety of sources [20,52,56-58].9  Prepping fees are construction costs associated 

with building a road for transportation, a pond for hydraulic fracturing water, 

laying rock for the construction of the drilling pad, etc.  All of these fees are well 

documented in the Marcellus region.  Prepping fees were assumed to be 11% of 

the total well cost, modeled after Marcellus costs [36,59].  Permitting fees were 

also modeled after Marcellus costs, and were assumed to be $2,500 for all 12 

plays [36,59].   

 

Costs associated with drilling the well were divided into tangible and intangible 

costs, an important distinction for tax purposes. 

 

Intangible drilling – Intangible drilling costs (IDCs) include the costs of labor, 

chemicals, drilling fluid, and any items associated with drilling activities that 

offer no salvage value [60].  Because IDCs are not associated with salvage value, 

they were not depreciated and could be counted as a tax deduction in the year for 

which the costs occurred.  This results in a tax savings, as taxes will be paid on a 

lower net income in the early years of the project.  For the purpose of this 

analysis, IDCs were assumed to be 75% of the total drilling and completion costs, 

an estimate typical in the oil and gas industry [36,61]. 

 

                                                
9 For plays were data was unavailable, leasehold costs were conservatively estimated as $25,000/acre, the 
largest of the costs found. 
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Tangible drilling – Tangible drilling costs (TDCs) represent costs relating to well 

drilling that do offer salvage value.  These expenses were depreciated (unlike 

IDCs) over a 10-year period utilizing the Modified Accelerated Cost Recovery 

System or MACRS [62].  For the purpose of this analysis, TDCs were assumed to 

be 25% of the total drilling and completion costs. 

 

Pre-construction and intangible drilling costs, the two types of costs realized prior 

to the production of gas, were incurred in the year prior to production.  The other costs 

were incurred over the lifetime of the well.  A summary of the determinants of the costs 

for each play is displayed in Figure 3.8.   

 

 
Figure 3.8: Inputs used to determine all costs associated with shale gas production.  

Data: [20,36,39,41,42,48-62] 
 

Earnings before income taxes (revenue less costs) were taxed at 35%.  In all 12 

cases, pre-tax earnings were negative in the first year (the year prior to production).  

Thus, loss carryforwards were used in the years following the initial loss, when earnings 

became positive.  This accounting technique allows net operating losses to be applied to 

F&D LOE T&F
Royalty 

Rate
Leasehold 

Costs
Permitting 

Fee
Prepping 

Fees Well Cost
Shale Gas Plays ($/MMcfe) ($/MMcfe) ($/MMcfe) ($/Acre)

Marcellus $1.25 $0.90 $0.29 15% $2,500 $2,500 $400,000 $3,500,000
Antrim $0.70 $1.50 $0.29 20% $3,200 $2,500 $45,714 $400,000
New Albany $1.00 $1.50 $0.29 20% $25,000 $2,500 $102,857 $900,000
Fayetteville $1.38 $1.30 $0.09 13% $5,000 $2,500 $320,000 $2,800,000
Barnett $1.05 $1.85 $0.11 25% $25,000 $2,500 $342,857 $3,000,000
Haynesville $1.25 $1.50 $0.09 25% $25,000 $2,500 $914,286 $8,000,000
Cana Woodford $1.64 $0.30 $0.09 20% $25,000 $2,500 $914,286 $8,000,000
Eagle Ford $1.50 $1.50 $0.09 25% $25,000 $2,500 $662,857 $5,800,000
Utica $2.05 $1.67 $0.29 13% $8,200 $2,500 $371,429 $3,250,000
Devonian $1.30 $1.50 $0.29 20% $8,200 $2,500 $200,000 $1,750,000
Woodford $1.88 $1.25 $0.09 27% $6,500 $2,500 $765,714 $6,700,000
Shale Oil Plays ($/bbl)
Bakken $15.00 $22.50 $0.21 20% $7,500 $2,500 $937,143 $8,200,000
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future years’ profits in order to reduce tax liability.  Generally Accepted Accounting 

Principles (GAAP) specify that loss carryforwards can be used in any one of the seven 

years following the loss [63]. 

To derive free cash flow from the net income calculation, two adjustments must 

be made.  First, depreciation must be added back because it is a non-cash expense.  While 

it is treated as a cost for income and tax purposes, depreciation does not change cash 

flow.  Second, capital expenditures must be subtracted because they are a cash expense.  

While it is depreciated for income and tax purposes, capital expenditures affect the cash 

flow in the period the purchase was made. 

With a stream of cash flows generated, the breakeven gas price was calculated as 

the price of natural gas required for the IRR of the well to equal 10%.  Below, Figure 3.9 

displays 10-year cash flows for the Marcellus play, indicating a breakeven gas price of 

$3.32/MMbtu.  A complete set of the cash flows analysis performed can be found in 

Appendix B. 
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Figure 3.9: 10-year cash flows for the Marcellus play.  $3.32/MMbtu is the price required for a typical well 

to have an IRR of 10%. 
 

3.6 Results 

Breakeven prices for the production of shale gas are displayed in Figure 3.10.  

Prices are shown for both typical wells, which include co-production of NGLs, and dry 

wells, which only account for production of gas.  Prices are also shown for 10- and 30-

year time periods, as wells are typically expected to produce for a time within that range.  

Figure 3.11 graphically displays breakeven prices for the 10-year, typical well scenario.   

Marcellus
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $4.26 $2.90 $2.30 $1.95 $1.71 $1.53 $1.40 $1.29 $1.20 $1.13
Ethane $0.00 $1.21 $0.82 $0.65 $0.55 $0.49 $0.44 $0.40 $0.37 $0.34 $0.32
Propane $0.00 $0.11 $0.07 $0.06 $0.05 $0.04 $0.04 $0.04 $0.03 $0.03 $0.03
N-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Iso-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Natural gasoline $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Oil $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Revenues $0.00 $5.58 $3.80 $3.02 $2.55 $2.24 $2.01 $1.83 $1.69 $1.57 $1.47

F&D $0.00 ($1.56) ($1.06) ($0.84) ($0.71) ($0.63) ($0.56) ($0.51) ($0.47) ($0.44) ($0.41)
LOE $0.00 ($1.12) ($0.76) ($0.61) ($0.51) ($0.45) ($0.40) ($0.37) ($0.34) ($0.32) ($0.30)
T&F $0.00 ($0.62) ($0.42) ($0.33) ($0.28) ($0.25) ($0.22) ($0.20) ($0.19) ($0.17) ($0.16)
Royalties $0.00 ($0.84) ($0.57) ($0.45) ($0.38) ($0.34) ($0.30) ($0.27) ($0.25) ($0.24) ($0.22)
Pre-construction ($0.60) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($2.63) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.09) ($0.16) ($0.13) ($0.10) ($0.08) ($0.06) ($0.06) ($0.06) ($0.06) ($0.06)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($3.23) ($4.23) ($2.98) ($2.36) ($1.99) ($1.74) ($1.55) ($1.41) ($1.31) ($1.22) ($1.15)

Earnings before income taxes ($3.23) $1.35 $0.82 $0.65 $0.56 $0.50 $0.45 $0.42 $0.38 $0.35 $0.32
Loss carryforward $0.00 ($1.35) ($0.82) ($0.65) ($0.40) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($3.23) $0.00 $0.00 $0.00 $0.16 $0.50 $0.45 $0.42 $0.38 $0.35 $0.32

Taxes (@ 35%) $0.00 $0.00 $0.00 $0.00 ($0.06) ($0.17) ($0.16) ($0.15) ($0.13) ($0.12) ($0.11)
Net income ($3.23) $1.35 $0.82 $0.65 $0.50 $0.32 $0.30 $0.27 $0.25 $0.23 $0.21

Depreciation $0.00 $0.09 $0.16 $0.13 $0.10 $0.08 $0.06 $0.06 $0.06 $0.06 $0.06
Capital expenditure ($0.88) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($4.10) $1.44 $0.98 $0.78 $0.60 $0.40 $0.36 $0.33 $0.30 $0.28 $0.27

Breakeven natural gas $3.32

Outputs
IRR 10%
EUR (Bcfe) 5.8
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To calculate an average breakeven price, each play was weighted by the size of its 

resource.  This was approximated as the undeveloped TRR of the play, as shown in 

Figure 3.1 [1].  The Marcellus shale has almost 60% of the undeveloped US shale gas 

resource.  Therefore, it is heavily weighted in the final, average breakeven price.  The 

weighted average calculates the 10-year typical breakeven gas price to be $4.04/MMbtu.  

But it is important to note that 8 of the 12 plays have breakeven prices above that value.  

Nevertheless, a weighted average breakeven price of $4.04/MMbtu best represents the 

true nationwide cost of natural gas and is used for future analysis.  Note that this price 

represents a wellhead price, which does not incorporate transportation costs.  The 

delivered price to electric power plants is on average $1.00 higher than the wellhead price 

because it incorporates pipeline/transportation fees [17]. 

 

 
Figure 3.10: Breakeven natural gas prices for various scenarios. 

  

Well Play
Shale Play 10-yr EUR TRR

Typical Dry Typical Dry Bcf Tcf

Bakken $0.00 $0.00 $0.00 $0.00 1.57 10
Marcellus $3.32 $3.78 $3.11 $3.78 5.76 410
Eagle Ford $3.51 $5.55 $3.32 $5.55 10.57 21
Utica $3.97 $8.94 $3.97 $8.94 1.63 38
Barnett $4.47 $5.12 $4.26 $5.12 9.58 43
Cana Woodford $4.63 $4.63 $4.37 $4.63 7.40 6
New Albany $4.68 $4.79 $4.79 $4.79 3.47 11
Fayetteville $5.05 $5.08 $4.91 $5.08 2.79 32
Haynesville $6.11 $6.11 $5.81 $6.11 8.65 73
Woodford $6.24 $6.27 $6.04 $6.27 8.26 22
Antrim $6.38 $6.61 $5.86 $6.61 0.36 20
Devonian $7.31 $7.71 $6.74 $7.71 1.21 14
Weighted Average $4.04 $4.71 $3.83 $4.46

Breakeven Price ($/MMbtu)
10-Year 30-Year
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Figure 3.11: Breakeven natural gas prices for typical, 10-year wells for all 12 plays analyzed. 

 

 In addition to the weightings of each play, the overall breakeven price is sensitive 

to other assumptions made in the analysis.  While a required IRR of 10% was assumed, 

companies may use lower costs of capital in today’s stagnant economy to evaluate the 

profitability of projects.  This analysis also evaluates each well as if it were the single 

revenue source of a tax-paying entity.  Companies may not be able to take advantage of 

loss carryforwards if well construction does not make earnings negative.   

Lastly, it is important to discuss the trends in NGLs and wet products, as they 

heavily influence the breakeven price of shale gas.  Recently, because liquids-rich shale 

gas production has increased, the NGL market is experiencing oversupply and lower 

prices.  The average NGL barrel price sits just above 40% of the West Texas Intermediate 

(WTI) crude oil price, down from nearly 75% at the end of 2011 (Figure 3.12) [22].  

NGL prices have historically tracked oil prices.  Unlike the market for natural gas, a 

global market currently exists for NGLs, which keeps the commodity’s supply and 

demand balance stable.  But because of shale gas extraction, prices are starting to 
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diverge.  Figure 3.13 shows the price of natural gas, ethane, and Brent crude oil on a per 

energy unit basis to illustrate the recent divergence of ethane prices from oil [22].  While 

less pronounced, similar trends are seen from propane and other NGLs [22].  The ethane 

divergence is likely largest of the NGLs because it is the primary liquid co-product of 

shale gas.  NGL prices could diverge even more in the future, perhaps eventually 

resembling natural gas prices.  This trend would result in lower revenues from NGLs and 

thus higher shale breakeven prices.  The NGL price assumptions used in this chapter’s 

calculations reflect the recent drop in NGL prices.  But while this analysis aims to 

incorporate the most recent NGL trends, the future market for liquid products could 

continue to change and heavily dictates shale profitability. 

 

 
Figure 3.12: NGL Price as a percentage of WTI and Brent crude oil.  NGL prices have fallen recently 

relative to oil.  Source: Citi Equities Research [22] 
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Figure 3.13: Natural gas, Brent crude oil, and ethane prices.  Ethane prices have historically tracked oil, 

but may diverge due to shale gas liquid co-production.  Source: Citi Equities Research [22] 
 
 

This chapter finds a breakeven wellhead price for profitable extraction of shale 

gas of $4.04/MMbtu.  This result is important in future chapters, as it dictates US LNG 

export prospects and the price of generating electricity from natural gas. 
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4. The Shale Gas Arbitrage: US Liquefied Natural Gas (LNG) Exports 

4.1 Introduction 

 The shale revolution has turned America’s natural gas markets upside down.  As 

recently as four years ago, the US was preparing to import LNG to fill the gap between 

rising US natural gas consumption and stagnant domestic supply [64].  But as companies 

quickly learned to cheaply extract and produce shale gas, the US witnessed a complete 

reversal—burgeoning supply led to plummeting prices and an opportunity to export 

natural gas.  While the previous section implies that natural gas prices cannot persist at 

levels as low as $2/MMbtu, America’s vast shale gas resource will nevertheless likely 

keep natural gas prices low compared to prices abroad.  The enormous differential in 

natural gas prices around the world presents an enticing arbitrage opportunity for US 

producers.  Figure 4.1 displays natural gas prices in the US compared to Japan and the 

UK, which are representative of potential Asian and European trading partners.  (UK 

forward pricing data is available only since 2007.)  As of November 2012, compared to 

the Henry Hub spot price (US benchmark) of $3.54/MMbtu, the Japanese average import 

price ($15.31/MMbtu) is over four times higher and the UK virtual gas hub price 

($10.74/MMbtu) is over three times higher [65].  Because of its growth and historical 

appetite for LNG imports, an Asian market led by China, Japan, and Korea is likely to be 

the primary focus of US LNG export efforts. 
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Figure 4.1: Worldwide natural gas prices have recently diverged, creating an arbitrage opportunity for US 

companies to export natural gas to Europe and Asia for big profits.  Data: Bloomberg [65] 
 

 This section will examine current US LNG export prospects.  An analysis will 

follow to analyze how LNG will influence the price of natural gas and, ultimately, GHG 

emissions. 

 

4.2 LNG Overview 

 LNG, natural gas cooled to -160°C, occupies up to 600 times less space than 

standard natural gas [66].  Natural gas fed into an LNG plant is processed by an LNG 

train.  The train compresses natural gas after treating it to remove components like water, 

benzene, and carbon dioxide that will freeze at low temperatures.  The purification 

process yields nearly 100% methane.  Due to its high density relative to standard natural 

gas, LNG is an attractive natural gas supply and storage option.  It is used as a method of 

international natural gas shipment, because it can be stored and transported economically 

in specially constructed ocean-traveling tankers.  A single Q-Max vessel, the largest 
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tanker class, can transport the equivalent of 5.7 Bcf of standard gas and is shown in 

Figure 4.2 [67].   

 

 
Figure 4.2: A Q-Max vessel, the largest and most efficient LNG tanker class.  

Source: Nazhin Pasargad [68] 
 

LNG technology dates back to the 19th century, when British scientist Michael 

Faraday began experimenting with liquefying gases (including methane).  The first LNG 

plant began operation in West Virginia in 1917, and the first commercial liquefaction 

plant was built in Ohio in 1941 [69].  By 1959, LNG had been successfully transported 

overseas from the US.  After learning that LNG could be safely transported by tanker, 

Britain became the world’s first LNG importer in 1964 [69,70].  The US followed suit 

and constructed four import terminals between 1971-1980 in Louisiana, Massachusetts, 

Georgia, and Maryland.  US LNG import volume peaked in 1979 at 253 Bcf, or 1.3% of 

US gas demand, with all imports coming from Algeria [70].  But as the US discovered 

new domestic reserves of natural gas starting in 1980, the two terminals in Georgia and 
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Maryland were mothballed, and the two terminals in Louisiana and Massachusetts were 

utilized rarely [69-71].  By 2000, the US quickly regained interest in importing LNG due 

to high natural gas prices and increased natural gas demand from the power sector.  In 

2001 and 2002, the two mothballed plants were reactivated and other terminals have 

since been built [71].  In 2006, LNG import shipments recommenced.  It was not until 

very recently that US LNG exports were being considered.  

As described above, beginning a few years ago, the supply glut and price collapse 

of domestic natural gas, combined with a strengthening LNG market in both Europe and 

Asia, has made the US a solid candidate for LNG export.  The US’s LNG history and 

existing import facilities provide a significant advantage, allowing US companies to 

construct export facilities quickly and cheaply compared to greenfield LNG facilities.10   

 

4.3 LNG Export Support and Opposition 

 Support for US LNG exports is widespread.  The most recent Department of 

Energy (DOE) commissioned report investigating natural gas export potential found that 

the US would gain net economic benefits from allowing LNG exports [72].  Consistent 

with economic theory, this outcome is maximized when barriers to trade are removed.  

The economic benefits include the following: 

 GDP would increase.  
 Jobs would be created across the LNG supply chain from natural gas 

production to liquefaction. 
 Current account deficits would reverse.   

Domestic gas prices would be stabilized through the creation of a world market, which 

should in turn stabilize supply.  The US would also gain geostrategic opportunities to 

                                                
10 This is mainly due to existing pipeline and port infrastructure. 
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reposition itself in the Asia-Pacific, and away (albeit slowly) from the Middle East, 

helping key allies [67,73].  Environmentally, LNG supporters argue that exporting natural 

gas would reduce GHGs by displacing coal, the fuel of choice in many potential export 

markets such as China, the world’s largest GHG emitter.   

 Support of LNG exports, however, is not unanimous.  Opposition is led by 

Congressman Ed Markey (D-MA), the top Democrat on the Natural Resources 

Committee and a senior member of the Energy and Commerce Committee [74].  In early 

2012, Markey introduced two bills that would prevent exports and keep natural gas in the 

US.  The first bill, titled the “Keep American Natural Gas Here Act,” requires that any 

natural gas extracted from taxpayer-owned federal lands would have to be resold to 

American consumers [75].  The second bill, titled the “North America Natural Gas 

Security and Consumer Protection Act” prevents the Federal Energy Regulatory 

Commission (FERC) from approving new terminals that would export domestic natural 

gas [76].  Senator Ron Wyden (D-OR), the head of the Committee of Energy and Natural 

Resources, backs Markey’s position [77].   

The primary rationale behind LNG export opposition is to keep domestic natural 

gas prices low.  Export opponents believe that US taxpayers helped create the shale boom 

through tax subsidies, and the benefits they receive from cheaper gas prices should not be 

diluted by exports which exert an upward force on prices.  Currently, low-cost gas in the 

US provides American industry a competitive advantage.  Companies with high natural 

gas needs such as chemical and fertilizer manufacturers benefit from low fuel costs.  

Similarly, cheap natural gas lowers utility bills by reducing the cost of power generation 

and heating fuel.  LNG opposition is also grounded by the concern that exports would 
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shortchange America’s newfound domestic energy security.  Environmentally, opponents 

of LNG argue that the US would be exporting GHG emissions along with their natural 

gas, making it harder to combat global climate change.  As domestic natural gas becomes 

more expensive, the power sector would likely switch back to using coal, causing CO2 

emissions to rise.  These environmental arguments fail to consider two important points:  

(1) to the extent importers use US LNG instead of more environmentally harmful fuels 

like coal, GHG emissions are reduced, and (2) increased natural gas prices could be 

necessary to allow the cost competitiveness of renewable energy.  The latter point will be 

discussed in detail in Chapter 6. 

 LNG export approvals, which are controlled by the DOE and FERC and 

explained in the next section, are currently on hold, as the DOE contemplates the benefits 

and costs of domestic natural gas exports. 

 

4.4 State of the US LNG Industry 

 Historically, the US has been a small player in the LNG industry.  LNG 

technology in the US is primarily used to store natural gas that is deployed to meet the 

requirement of peak electricity consumption.  There are approximately 113 active LNG 

facilities in the US, almost all of which facilitate peak load (as storage for peak-shaving 

facilities) [78].  These storage facilities receive LNG from import facilities and store it in 

specially designed tanks [78].  When the LNG is needed, it is regasified on site.  Of the 

113 plants, only 11 function as coastal import/export facilities and are relevant to this 

discussion [79]. In 2011, the US imported 347 Bcf and exported 55 Bcf of natural gas, a 

miniscule portion of the 13,000+ Bcf LNG market [80-82].  Algeria was America’s sole 
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import partner through 1995, until other nations such as Trinidad and Tobago opened and 

expanded export operations.  Figure 4.3 shows US LNG imports since 1973, when US 

EIA record-keeping began.  As the figure displays, US LNG import operations intensified 

at the turn of the century, until the widespread production of shale gas curbed import 

demand.  Since 1973, Trinidad and Tobago is the source of nearly half of all US LNG 

imports [81]. 

 
Figure 4.3: LNG Imports since 1973, when records first became available.  Data: EIA [81]  

  

US LNG exports to date have been almost nonexistent.  The US started shipping 

LNG to Japan in 1969 in small quantities through the Kenai terminal in Alaska [69].  

Kenai, however, exports intermittently today and has an uncertain future [83,84].11  

Currently, the US only ships LNG overseas through sparse usage of the Kenai terminal 

                                                
11 On March 5, 2013, ConocoPhillips, the operator of the Kenai terminal, announced that it would not seek 
an extension of its export license which is due to expire at the end of 2013 [85].  The company’s decision 
was influenced by a temporary decline in natural gas supplies from the Cook Inlet in Southcentral Alaska 
[86].  If enough surplus gas becomes available in the future, ConocoPhillips said it would be able to resume 
operations and apply for a new export license [87]. 
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and re-exports of imported LNG from the Freeport, Texas and Sabine Pass and Cameron, 

Louisiana facilities [83].  The US has yet to export LNG in any significant quantity. 

Liquefaction projects typically take over four years to permit, build, and 

coordinate long-term contracts.  Because of contract lengths, LNG plants are planned to 

run for at least 20 years.  LNG approval is a protracted process.  Projects must obtain 

separate authorizations from FERC to construct liquefaction facilities and from the DOE 

to export LNG.  FERC will approve LNG facility construction if the proposed LNG 

project is in the public interest [88].  As per the National Environmental Policy Act, 

FERC also oversees a facility’s Environmental Impact Statement [89].  The DOE has 

authority over all import and exports of natural gas as per Section 3 of the Natural Gas 

Act (NGA) of 1938.  The Energy Policy Act of 1992 amended the NGA, requiring that 

the DOE authorize imports/exports that meet either of two criteria: (1) the import/export 

of natural gas is from/to a Free Trade Agreement (FTA) country that requires national 

treatment for trade in natural gas, or (2) the import/export is deemed consistent with the 

public interest [90].  As of October 31, 2012, the US has FTAs that require national 

treatment for trade in natural gas with the following nations: Australia, Bahrain, Canada, 

Chile, Colombia, Dominican Republic, El Salvador, Guatemala, Honduras, Jordan, 

Mexico, Morocco, Nicaragua, Oman, Panama, Peru, South Korea, and Singapore [90].  

South Korea is the only nation on the FTA list with substantial LNG import demand.  

Thus, non-FTA export approval is the most crucial LNG regulatory factor and is the 

focus of prospective US exporters. 

Figure 4.4 provides a list of all applications received by the DOE for LNG export 

to non-FTA countries as of January 11, 2013.  16 different project sponsors have applied 
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for non-FTA export, totaling 24.8 Bcf/d of capacity [91].  To date, Sabine Pass is the only 

facility to have received non-FTA approval from the DOE and facility approval from 

FERC [83,91].  The DOE indicated that they would not act on any more applications 

until the release of the DOE-commissioned LNG study mentioned earlier, which is being 

conducted by the economic consulting firm NERA.  Because the study was recently 

issued on December 5, 2012, the DOE may revisit non-FTA applications soon. 

   
Figure 4.4: Applications received by the DOE to export domestically produced LNG to non-FTA countries 

as of January 11, 2013. Data: DOE [91] 
 

4.5 Global LNG Demand and China’s Import Potential 

 The health and potential of the US LNG export industry is greatly dependent on 

demand from potential trading partners.  Figure 4.5 provides a snapshot of 2011 LNG 

import demand by country.  Total imported LNG in 2011 reached 11.7 Tcf [82].  This 

Company

Non-FTA 
Capacity 
(Bcf/d)

Non-FTA               
DOE Status

Sabine Pass Liquefaction, LLC 2.2 Approved
Freeport LNG Expansion and FLNG Liquefaction, LLC 2.8 Under Review
Lake Charles Exports, LLC 2.0 Under Review
Carib Energy (USA) LLC 0.01 Under Review
Dominion Cove Point, LP 1.0 Under Review
Jordan Cove Energy Project, LP 0.8 Under Review
Cameron LNG, LLC 1.7 Under Review
Gulf Coast LNG Export, LLC 2.8 Under Review
Gulf LNG Liquefaction Company, LLC 1.5 Under Review
LNG Development Company, LLC 1.25 Under Review
Southern LNG Company 0.5 Under Review
Excelerate Liquefaction Solution I, LLC 1.38 Under Review
Golden Pass Products LLC 2.6 Under Review
Cheniere Marketing, LLC 2.1 Under Review
CE FLNG, LLC 1.07 Under Review
Pangea LNG (North America) Holdings, LLC 1.09 Under Review
Total 24.8
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accounts for over 10% of 2011 global natural gas consumption, which totaled 113.8 Tcf 

[92].  The world’s five largest LNG importers are currently Japan, Korea, United 

Kingdom, Spain, and China [82].  

 
Figure 4.5: LNG imports in 2011 totaled 11.7 Tcf.  Data: International Gas Union [82] 

 
 

 Global LNG output is estimated to steadily increase over the course of the decade 

to reach 19.8 Tcf/yr, or approximately 14% of natural gas consumption (Figure 4.6) [93].  

Demand levels are forecasted to be slightly lower, at approximately 17 Tcf/yr [93].   

 
Figure 4.6: Historical and projected LNG output.  Data: Credit Suisse [93] 
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Japan and Korea are the world’s dominant LNG importers, consuming 48% of LNG 

supplied to the market in 2011.  In aggregate, total 2011 Asian LNG demand accounted 

for 63.4% of global imports.  In the future, it is almost certain that Asian demand will 

stay sizeable, and likely increase.  China, in particular, could account for a substantial 

increase in Asia’s LNG appetite.  China’s import capacity currently stands at 

approximately 1 Tcf/yr [94].  This figure is expected to rise above 4.8 Tcf by 2020 [95].  

China’s LNG plans are firm, as 80% of this anticipated capacity is either operational, 

under construction, or approved as of November 2011 [95].  If speculative projects are 

built, another 1,075 Bcf of receiving capacity could be added to the 2020 estimates [95].  

It should be mentioned, however, that if China eventually becomes a significant domestic 

shale gas producer, LNG import demand will fall.  China’s LNG import and shale gas 

potential is significant, and is discussed as part of a broader discussion of China in 

Chapter 5.  

 US exporters will inevitably look to target the Asian LNG market because of its 

size, potential growth, and natural gas prices that are the highest in the world.  As shown 

above, almost 25 Bcf/d, or ~9,000 Tcf/yr of non-FTA capacity applications have been 

submitted to the US DOE.  This capacity will be restrained, however, by market forces 

and political opposition.  Even if LNG export terminals are deemed in the public interest, 

the US could still see a cap on export volumes.  Figure 4.7 shows projected quantities for 

US, market-ready LNG to target Asia.  These projections do not incorporate a cap.  2020 

estimates are for 7.0 Bcf/d, or 2.55 Tcf/yr [4].  This would account for approximately 

13% of the global LNG export market. 
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Figure 4.7: Projected market-ready and speculative US LNG to target Asia-Pacific.  Data: Credit Suisse [4] 
 

4.6 LNG Economics 

In order to quantitatively determine US LNG export viability, an economic 

analysis must be performed to determine the associated costs and, ultimately, the price at 

which the US can afford to export LNG.  This section consists of two components: (1) a 

bottom-up analysis to estimate the incremental cost of exporting natural gas from the US 

to Asia and (2) an assessment to quantify the increase in domestic natural gas prices as a 

function of LNG exports.  The results of this analysis reveal that the price that US 

exporters can afford to charge is far below current and projected LNG prices in Asia.  

Domestic natural gas prices are shown to rise $1.16-$1.83 2012 dollars by the end of the 

decade if natural gas is exported in the quantities shown in Figure 4.7. 

4.6.1 LNG Incremental Cost Analysis 

The price US LNG exporters can afford to charge can be separated into the 

following components: 

                                                                    

The wellhead price is assumed to be $4.04/MMbtu, as per Chapter 3.  The cost of 

transporting natural gas from the well to the LNG facility via pipeline is assumed to be 

$1.00/MMbtu, as per NERA’s estimations [72].   

US LNG to Target Asia-Pacific (Bcf/d) 2012 2013 2014 2015 2016 2017 2018 2019 2020
Sabine Pass Phase 1 0.0 0.0 0.0 0.0 0.1 0.3 0.3 0.3 0.3
BG Sabine Pass Sourced 0.0 0.0 0.0 0.5 0.6 0.7 0.7 0.7 0.7
BG Lake Charles 0.0 0.0 0.0 0.0 0.0 0.0 2.0 2.0 2.0
Conoco Freeport LNG 0.0 0.0 0.0 0.0 0.0 1.3 1.3 1.3 1.3
Cove Point 0.0 0.0 0.0 0.0 0.0 0.0 1.0 1.0 1.0
Sempra / Mitsubishi / Mitsui / GDF Suez Cameron 0.0 0.0 0.0 0.0 0.0 1.6 1.6 1.6 1.6
Market Ready Total 0.0 0.0 0.0 0.5 0.7 3.9 7.0 7.0 7.0
Speculative
Sabine Pass Expansion 0.0 0.0 0.0 0.0 0.0 1.2 1.2 1.2 1.2
Cheniere Corpus Christi 0.0 0.0 0.0 0.0 0.0 0.0 1.8 1.8 1.8
Market Ready + Speculative Total 0.0 0.0 0.0 0.5 0.7 5.1 10.0 10.0 10.0
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Liquefaction costs can be separated into three components: a fixed capital cost 

and two variable costs, for fuel and operation and maintenance (O&M).  Liquefaction 

cost calculations were made for Cheniere’s Sabine Pass liquefaction plant, the only 

approved non-FTA liquefaction operation in the US.  As shown earlier, Sabine Pass’s 

approved non-FTA exports are 2.2 Bcf/d, or 16.5 million metric tons per annum 

(MMTPA).  Figure 4.8 displays the relevant liquefaction cost assumptions based on the 

Sabine Pass facility and the DOE-commissioned NERA LNG study [72,96]. 

 
Figure 4.8: Assumptions used for liquefaction cost calculations.  Data: NERA, Cheniere [72,96] 

Since the US already has an established regasification infrastructure from the last 

decade, liquefaction facility construction costs in the US are 30-40% lower than 

greenfield facility costs [72].  This is mainly due to existing pipeline and port 

infrastructure.  The investment cost was calculated as a present value amount paid in full 

prior to construction.  The equivalent annual cost (EAC) of the facility can be calculated 

as the facility’s net present value divided by an annualizing factor given a 25 year life and 

a 10% discount rate, or NPV/A25,10.  A25,10, was calculated as follows, with r the discount 

rate and k the lifespan of the plant. 

       
          

 
 

Because the capital cost was assumed to  be paid up front, NPV = 16.5 MMPTA * $544 

million/MMTPA = $8.97 billion.  Thus, the EAC is $989 million.  To arrive at a cost per 

Facility capacity 16.5 MMTPA
Investment cost ($MM) $544/MMTPA
Utilization rate 72%
Plant life (k ) 25 years
Discount rate (r ) 10%

Liquefaction Assumptions



 

-41- 
 

MMbtu, the EAC was divided by the total MMbtu of natural gas liquefied in a year.  The 

calculation for MMbtu per year is as follows: 

   
   

 
    

 

  
           

     

   
                                   

Thus the liquefaction capital cost is $1.66/MMbtu.   

Fuel costs were determined using a natural gas price of $5.04/MMbtu (wellhead + 

pipeline).  Section 4.7 calculates the fuel requirement for liquefaction in detail and shows 

that using gas turbine power generation, 0.0568 MMbtu are required to liquefy 1 MMbtu 

of natural gas.  At $5.04/MMbtu, the fuel cost is $0.29/MMbtu.  O&M costs are 

approximated by the industry as $0.16/MMbtu [72].  Summing the three components, the 

liquefaction cost per MMbtu is $2.11. 

 The transoceanic cost of LNG shipping can be easily computed.  For this 

calculation, assume travel from Louisiana to Asia via Q-Max tanker, the largest and most 

efficient LNG vessel currently in use.  The distance is approximately 12,000 miles, and 

travel speeds reach around 22 miles per hour [97].  Thus, it takes a Q-Max carrier 45 days 

to make a round-trip.  LNG spot charter rates are currently around $100,000 per day and 

therefore $4.5 million per round-trip [93].  Q-Max vessels have LNG capacity of 

approximately 5,922,000 MMbtu [97,98].  Thus, the transportation cost is $0.76/MMbtu.  

This cost figure is higher than that of most Asian LNG market players because of longer 

travel distances from the US. 

 Like liquefaction costs, regasification costs were broken down into three 

components: capital, O&M, and fuel use.  Typical capital costs for regasification 

facilities are $90 million/Bcm-yr of capacity, or $124 million/MMTPA [99].  Capacity 

utilization averages 40% [72].  Assuming that Sabine Pass exports to 72% of its capacity 
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of 16.5 MMTPA, then $124 million/MMTPA * 16.5 MMTPA * 0.72 = $1.47 billion of 

regasification infrastructure can be attributed to Sabine Pass exports.  Using the same 

methodology as for the liquefaction investment cost, the EAC was calculated as 

NPV/A25,10, or $162 million.  The cost per MMbtu is $0.49.  O&M costs are provided by 

NERA and are $0.20/MMbtu [72].  Ruether et al. estimate that 3% of the transported gas 

is used to run the regasification equipment [100].  Since the input fuel would otherwise 

be sold into the Asian market, the opportunity cost of fuel is assumed to be the price of 

LNG in Asia.  Figure 4.9 shows price forecasts for Japanese LNG, a reasonable proxy for 

natural gas prices across Asia, including China.  Prices are based on Japanese Crude 

Cocktail (JCC) forecasts.  The link between JCC and Asian LNG landed prices has been 

historically strong [4]. 

 
Figure 4.9: Japan LNG landed price forecasts, which for the purposes of this analysis can function as the 

LNG price throughout Asia. Data: Credit Suisse [4]  
 

Sabine Pass is expected to be capable of reaching full export capacity by 2017, so the fuel 

cost can be calculated as $14.40/MMbtu * 3% = $0.43/MMbtu.  Summing the three 

components, the regasification cost is $1.12/MMbtu. 

 With all cost constituents accounted for, the minimum price the US can afford to 

export LNG to Asia for is $9.03/MMbtu, as shown in Figure 4.10. 

Price Assumptions 2012E 2013E 2014E 2015E 2016E 2017E 2018E 2019E 2020E
Brent - $/bbl 110.00 115.00 110.00 100.00 99.00 101.50 104.00 106.60 109.30
JCC - $/bbl 107.80 112.70 107.80 98.00 97.00 99.50 101.90 104.50 107.10
Japan LNG - $/MMbtu 15.90 16.80 16.30 14.90 14.50 14.40 14.40 14.70 14.90
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Figure 4.10: Breakdown of US LNG export costs per MMbtu. 

 

Given current and forecasted LNG prices well above $10/MMbtu (Figures 4.1 and 4.9), 

the US appears to be well positioned as an LNG exporter.  It is worth noting that LNG 

projects in the US would compete not only against other LNG projects, but against all 

potential natural gas supply projects for a specific target market.  This includes pipeline 

projects from traditional natural gas resources [72].  But even in this regard, US gas 

remains competitive.  Pipeline gas from Central Asia is around $11.33/MMbtu at its 

cheapest [93].  Gas from the Turkmenistan pipeline to Shanghai is about $15/MMbtu 

[93,101]. 

4.6.2 The Effects of LNG Exports on Domestic Natural Gas Prices 

With the cost differential between US LNG breakeven prices and Asian LNG 

import prices around $6.00/MMbtu, US exports should not be constrained by 

conventional economic factors.  Rather, US LNG export supply will likely be constrained 

by political opposition and possibly export caps.  Attention can now be turned to an 

analysis of how LNG exports might affect the domestic price of natural gas.  Only Asia-

Pacific exports will be considered, since that market appears to offer the greatest profit 

potential to exporters.  In Figure 4.7 shown earlier, US export capacity to Asia in 2020 is 

projected to be 7-10 Bcf/d, or 2.55-3.65 Tcf/yr.  These projections seem reasonable, as 

they are within the EIA’s 6 and 12 Bcf/d export scenarios [102].  EIA projects total 2020 

Cost Component Price
Wellhead price $4.04
Pipeline transportation $1.00
Liquefaction $2.11
Overseas Transport $0.76
Regasification $1.12
Total $9.03
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US natural gas production to be 26.61 Tcf [3].  This implies that exports to Asia could 

account for 10-14% of domestic gas production.   

 To find the change between the 2020 US natural gas price without exports and the 

2020 US natural gas price with exports, supply and demand curve analysis is used.  To 

construct natural gas supply and demand curves, constant elasticity is employed as a 

simplifying assumption.  NERA also makes this assumption in their economic analysis 

[72].  While not always realistic, this can be a very useful approximation.  Demand 

curves with constant elasticity have the following functional form:   

      

Where Q is quantity, P is price, and   and   are constants.  The elasticity of demand ( ) 

with respect to price is the percentage change in quantity demanded divided by the 

percentage change in price.  This identity is shown here, and is rearranged as the 

derivative of the demand function multiplied by the ratio of price and quantity: 

  
   ⁄

   ⁄
 

  

  

 

 
      

 

 
 

With this identity, we can derive the elasticity of the demand curve (     ) and show 

that it is in fact constant. 

       
 

 
       

 

   
   

To turn the general form       into a function that can be used in this analysis, the 

curve can be calibrated to the benchmark data point (Q2020, P2020), which represents the 

estimated price and quantity of natural gas in 2020 without any exports.  Q2020 is 26.61 

Tcf, EIA’s natural gas 2020 production estimate, and P2020 is $4.92/MMbtu, the 
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$4.04/MMbtu breakeven price calculated in Chapter 3 grown at 2.5% inflation [3].  Thus, 

the following equation represents the domestic demand curve: 

         ⁄            ⁄    

Q(e) and P(e) represent the quantity and price of natural gas as a function of natural gas 

exports.  If export levels range from 2.55-3.65 Tcf/yr, Q(e) will range from 22.96-24.06 

Tcf/yr [3].  NERA estimates 2020 domestic demand elasticity = -0.39 and domestic 

supply elasticity = 0.33 based on average delivered price and consumption fluctuations 

reported by the EIA [72].  Substituting values for ε, Q2020, and P2020, the above identity 

can be rearranged to solve for the price of natural gas with exports: 

     (
    

     
)

   

       

Figure 4.11 shows the constant elasticity demand curve plotted with constant elasticity 

supply curves under three scenarios: no exports, low exports (2.55 Tcf/yr) and high 

exports (3.65 Tcf/yr).  This supply curve shift would imply a nominal price range of 

$6.37-$7.18/MMbtu, or a price range in 2012 dollars of $5.20-$5.87/MMbtu.  Less the 

no-export $4.04/MMbtu price, exports would increase the price of natural gas by $1.16-

$1.83/MMbtu. 
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Figure 4.11: 2020 Natural gas domestic demand plotted against 3 different supply scenarios: no exports, 

low exports, and high exports. 
 

These calculations suggest that LNG exports would increase the domestic price of 

natural gas by roughly 29-45%.  This increase is significant, and is an important 

consideration in assessing the effects of America’s shale gas resource.  The price of 

natural gas determines its use and competiveness with other fuels, whether they be 

carbon-intensive coal or carbon-free renewables.  This will be the focus of chapter 6. 

 

4.7 LNG Carbon Footprint 

In order to fully understand the climate impact of shale gas, incremental 

emissions from LNG must be calculated.  The GHG impacts associated with the life-

cycle of natural gas are well understood [103,104].  Emissions occur in four steps: 

production, processing, transmission/storage, and combustion/use (Figure 4.12).  But the 

emissions associated with natural gas exported as LNG are obviously greater than those 

of natural gas, because LNG requires three additional intermediary steps: liquefaction, 
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transportation, and regasification (Figure 4.13).  This section calculates LNG emissions, 

placing the result within the context of emissions from other fossil fuels. 

 

 
Figure 4.12: Life-cycle schematic of natural gas produced and consumed domestically.  

 

 
Figure 4.13: Life-cycle schematic of natural gas exported as LNG.  

 

4.7.1 Liquefaction  

In order to calculate the incremental climate impacts of LNG, emissions resulting 

from the liquefaction, transportation, and regasification steps of LNG production were 

calculated as lbs. CO2 equivalent per MMbtu of natural gas.  Tamura et al. explain the 

two ways GHG emissions are released during natural gas liquefaction [105].  Nearly all 

of the emissions come from the fuel used for refrigeration, but GHGs also originate 

during the process that removes CO2 contained in natural gas.12  When the removal 

                                                
12 While refrigeration and CO2 removal comprise nearly the entire liquefaction carbon footprint, the work 
requirement associated with compressing the natural gas prior to refrigeration could also result in GHG 
emissions.  This contribution is ignored for two reasons:  (1) liquefaction does not require that natural gas 
be compressed to high pressures; and (2) natural gas arrives at the LNG plant via pipeline already 
pressurized at 500-1500 psi [158]. 
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solvent is regenerated, both CO2 and CH4 are emitted.  The CO2 is usually vented, and 

the CH4 is flared [105]. 

 Fuel emissions were calculated based on the energy input required to liquefy 1 

MMbtu of a typical sample of LNG.  Figure 4.14 shows the LNG composition used, 

calculated as an average of five LNG samples [106]. 

 
Figure 4.14: LNG composition was assumed to be an average of five samples.  Data: Cryogenic Fuels Inc. 

[106] 
 

The energy required to refrigerate natural gas can be conceptually separated into two 

components: the energy required for a phase change (the heat of condensation) and the 

energy required to cool the components from room temperature at 23°C to -160°C.  

Because the boiling points of ethane, propane, and butane are higher than -160°C, heat 

capacity calculations must be separated into liquid and gas.  Nitrogen’s boiling point is    

-196°C and does not liquefy.  While it absorbs a small amount of heat, it exists in 

negligible quantities and is ignored in the calculation.  The following equation represents 

the energy requirement for an individual component: 

                       (
  

   
)                    (

  

     
)

                                          (
  

     
)

                      

Source Methane Ethane Propane Butane Nitrogen
Alaska 99.72% 0.06% 0.00% 0.00% 0.20%
Algeria 86.98% 9.35% 2.33% 0.63% 0.71%
Baltimore Gas & Electric 93.32% 4.65% 0.84% 0.18% 1.01%
New York City 98.00% 1.40% 0.40% 0.10% 0.10%
Sand Diego Gas & Electric 92.00% 6.00% 1.00% 0.00% 1.00%
Average 94.00% 4.29% 0.91% 0.18% 0.60%
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Units can then be converted from kJ/mol to kJ/MMbtu to arrive at the energy requirement 

for the liquefaction of 1 MMbtu of natural gas.  This calculation was performed for 

methane, ethane, propane, and butane, and then scaled appropriately based on average 

LNG contents.  Figure 4.15 shows the energy required to liquefy 1 MMbtu of LNG, 

separated by each component. 

 
Figure 4.15: Total energy required to liquefy 1 MMbtu of LNG, separated by LNG components. 

 

Gas turbines (often binary with low efficiency) are most commonly used as power supply 

systems in liquefaction terminals [105].  The EIA lists average heat rates by energy 

source.  Gas turbines list a heat rate13 of 11,590 Btu/kWh, or a 29% efficiency rate [107].  

Thus, 59,928 kJ of input fuel must be used to generate 17,642 kJ of useful energy—the 

amount of energy required to liquefy 1MMbtu of LNG.  The following equation shows 

the conversion from kJ of input fuel to lbs. of CO2 emissions.  A simplifying assumption 

is made that the natural gas input fuel is 100% methane. 

          
         

      
 

         

         
 

          

         
 

           

      
              

Flared CO2 and vented CH4 from the CO2 removal process contribute an 

additional 0.77 and 1.3 lbs. CO2 equivalent/MMbtu respectively [105].14  Thus, the total 

estimated emission from natural gas liquefaction is 8.58 lbs. CO2 equiv./MMbtu. 

 

 

                                                
13 A power plant’s heat rate is the amount of energy used to generate 1 kWh of electricity. 
14 CH4 leakage is evaluated as an equivalent CO2 emission by a global warming potential of 21. 

Methane Ethane Propane Butane Total
16,777 707 130 28 17,642

KJ/MMbtu LNG
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4.7.2 Transportation  

 GHG emissions from the transportation step come from the combustion of tanker 

fuel.  LNG tankers historically have consumed both boil-off gas (BOG)15  and heavy oil 

as transportation fuel to drive a steam turbine.  Recent innovations have led to alternative 

fueling setups that do not use any BOG.  The Q-Max tanker, the largest and most 

efficient LNG freighter, separates cargo handling from the propulsion of the vessel.  

Cargo is maintained by re-liquefying the BOG, and slow-speed diesel engines are solely 

used for the ships’ propulsion [108].  This process reduces fugitive methane release to 

negligible quantities.  It is estimated that Q-Max carriers provide a 40% carbon emissions 

reduction compared to conventional LNG carriers [109]. This analysis calculates 

emissions from the Q-Max system, assuming it will be used more commonly in the 

future. 

Q-Max carriers employ two diesel engines, each rated at 21,770 kW [97].  

Mitsubishi Heavy Industries (one of three Q-Max builders) reports 50% efficiency for 

large, slow-speed 20-30 MW marine diesel engines [110].  Section 4.6 calculated a Q-

Max round-trip travel time of around 45 days.  Corbett et al. estimate that typical 

maximum power in service is 80% of rated engine power [111].  This estimation 

accounts for the different weights of the LNG tanker when it is transporting LNG and 

returning to port.  The following equation arrives at the total amount of energy required 

for a Q-Max round-trip: 

                                                
15 BOG refers to the LNG that exists as a vapor.  As a way to keep LNG cool during transportation, a small 
amount of LNG boils off (LNG is stored at its boiling point).  The heat required for this phase change cools 
the liquid. 
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The EIA reports that the combustion of No. 1 and No. 2 fuel oil produces 73.15 kg 

CO2/MMbtu, or 0.00015 lbs. CO2/kJ [112].  From section 4.6, Q-Max vessels have a 

capacity of 5.9 million MMbtu.  The total estimated emissions from LNG transportation 

equal 7.04 lbs. CO2 equiv./MMbtu, as shown in the equation below.  This number falls 

within the reported range of 2-17 lbs. reported by Jaramillo et al. [112]. 

                   
       

  
           

     

     
                    

4.7.3 Regasification  

 Regasification facilities use heat to convert LNG to a gaseous state.  Ruether et al. 

estimate that 3% of the transported gas is used to run the regasification equipment [100].  

CO2 emissions were calculated as follows: 

              
    

        
 

       

  
 

       

       
 

         

         
 

       

       

 
          

 
         

       

     
 

This result is close to the emission factor of 3.75 lbs. CO2 equiv./MMbtu reported by 

Ruether et al [100].  Summing the emissions of the three LNG stages, total CO2 equiv. 

produced is 18.96 lbs./MMbtu of standard natural gas (Figure 4.16).  

 
Figure 4.16: GHG emissions released during the LNG process.   

 

LNG Stage lbs. CO2 equiv./MMbtu
Liquefaction 8.58
Transportation 7.04
Regasification 3.34
Total 18.96
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4.7.4 Comparative Emissions 

 How do the GHG emissions associated with LNG compare to other fossil fuels?  

In 2011, the Intergovernmental Panel on Climate Change (IPCC) conducted a literature 

review to determine life-cycle GHG emissions from electricity generation technologies 

[103].  Figure 4.17 displays the relative emissions of coal, oil, natural gas, and LNG.  The 

red cap on the LNG bar represents incremental LNG emissions calculated in this section.  

The black bars represent the interquartile ranges from the IPCC study.  LNG increases 

the life-cycle GHG emissions of natural gas by ~5%. 

 
Figure 4.17: Life-cycle GHG emissions from four different fuels used for power generation.  The red 

cap on the LNG bar represents incremental LNG emissions calculated in this section.  The black bars 
represent the interquartile ranges from the IPCC study.  Data: IPCC [103], Section 4.7  

 

As the graph shows, the calculated incremental GHG emissions associated with LNG 

appear insignificant.  But the result found in this section is based on the most efficient 

practices and represents a minimum value for GHG emissions.  Emissions would surely 

be higher if a smaller or less efficient tanker compared to the Q-Max was used, or if coal 

was used as an energy source for liquefaction or regasification.  Jaramillo et al. establish 
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a range of possible LNG emissions based on the varied processes used worldwide [113].  

While the lower end of their range mirrors the results produced in this analysis, the upper 

end of their range gives LNG life-cycle emissions as large as coal’s.  Thus, the GHG 

intensity of LNG should be understood as potentially substantial, but variable.  Best 

practices for liquefaction, transportation, and regasification of LNG would increase life-

cycle GHG emissions by only ~5%.   

 

4.8 Conclusion 

This chapter demonstrates the potential of the US LNG export market by 

calculating an export breakeven cost of $9.03/MMbtu, far below the current 

$15+/MMbtu LNG prices in Asia.  If LNG exports reach a range of 7-10 Bcf/d by 2020, 

the domestic natural gas price is expected to increase by $1.16-$1.83 in 2012 dollars.  

Incremental GHG emissions from LNG were also assessed.  While this study indicates 

that emissions from LNG relative to the life cycle of natural gas can be as small as 5%, it 

should be understood that this result reflects best practices and could be higher in reality.  
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5. Global Potential: Can Chinese Shale Gas Contribute to a Low Carbon Future? 

5.1 Introduction 

The US is currently the only country to economically extract shale gas reserves.  

But this could change if other countries acquire the necessary technological expertise.  

Figure 5.1 shows the location of shale gas basins identified in a 2011 EIA study [114].  

The numerous shale deposits around the world demonstrate the global potential for shale 

gas extraction.  Figure 5.2 shows the world’s largest holders of technically recoverable 

shale gas reserves as of April 2011. 

 
Figure 5.1: Map of 48 major shale gas basins in 32 countries, produced by the EIA as part of a global shale 

resource assessment. Source: EIA [114] 
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Figure 5.2: Top 5 nations by technically recoverable shale gas resource as of April 2011.  The US is 

currently the only worldwide producer of shale gas, but China holds the largest shale gas potential.  Data: 
EIA [114] 

 

China is a key focus when assessing shale gas prospects.  The world’s biggest 

energy consumer, China also has the largest shale resource at 1,275 Tcf, making its 

potential even more significant than America’s recent natural gas developments.  As 

China aims to fuel its economic growth and reduce the carbon intensity of its energy 

economy, the nation is shifting towards the use of more natural gas.  China has set an 

ambitious goal of sourcing 10% of its energy from natural gas by 2020, up from 4% in 

2011.  The target accompanies a series of “greener” energy guidelines outlined in the 

country’s 12th Five Year Plan [101,115,117].  With such a strong commitment to natural 

gas, China has placed a major emphasis on trying to upstart its shale gas industry.  This 

chapter will assess China’s shale gas potential and associated risks.  A discussion will 

follow on the impact that Chinese shale gas will have on climate change both 

domestically and abroad. 
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5.2 Shale Gas in China 

The majority of China’s TRR comes from two large sedimentary basins (Tarim 

and Sichuan) that have excellent potential for gas development.  Five other sizeable 

basins exist but, according to preliminary analysis, are less promising (Figure 5.3) [114]. 

 

 
Figure 5.3: Major shale gas basins and pipeline system of China.  The orange basins (Tarim and Sichuan) 

have the most potential for development.  Source: EIA [114] 
 

Estimating China’s ability to produce shale gas is difficult.  Although it is clear that 

China has a vast shale gas resource, a discussion about its realistic, near-term 

accessibility is necessary.  Beijing has established shale gas goals of 6.5 billion cubic 

meters (Bcm), or 230 Bcf, by 2015, and 60 Bcm, or over 2000 Bcf, by 2020.  Today, 

however, production still remains near zero [115].  China’s scarce water resources, lack 

of technological experience and foreign participation, unsystematic regulatory 

framework, and unknown geology could be barriers to mass commercialization of shale 

gas. 
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A serious hurdle that could prevent the development of China’s still-infant shale 

gas sector is water scarcity.  Enormous amounts of water are required in the hydraulic 

fracturing process.  The US Department of Energy estimates that 3.8 million gallons of 

water are needed for fracking a single shale well [118].  Figure 5.4 highlights the 

potential water availability issues in China.  As the map shows, China’s two large 

prospective shale gas basins are located in areas with high water constraints.  In the 

Sichuan basin, water is already scarce for farmers.  Sichuan, known as the nation’s bread 

basket, uses nearly all of its existing water resources to supply 7% of China’s rice and 

wheat [115].  In certain areas of the Tarim basin, available local runoff (precipitation less 

evaporation) is an inadequate fraction of total water demand [119].  It is possible that 

over time, technological improvements could reduce issues of water supply.  

Breakthrough technologies such as briny water from deep-source aquifers, top-side water 

recycling capabilities, and the use of super-critical nitrogen to hydraulically fracture shale 

are currently under development [120].  These expensive technologies, however are not 

expected to be commercially available in the near future. 
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Figure 5.4: China shale resource and water stress map.  Source: Medlock et al. [120] 

  

The lack of experience and technical expertise of Chinese oil and gas companies 

is also proving to stall shale gas production.  Development in China has been 

significantly slower than what was seen in the US.  As of early 2012, only 20 shale gas 

wells had been drilled by Chinese companies, and none by foreign companies [121].  

Well drilling in China is not yet an efficient process.  PetroChina (an arm of China 

National Petroleum) was reported to take 11 months to complete its first horizontal well 

last spring, compared to a typical Marcellus timeline of 18-25 days [122,123].  To further 

itself along the shale gas learning curve, China has invited foreign investors to bid for 

shale gas exploration licenses [115-117,122].  This decision, indicative of China’s desire 

to jumpstart shale gas production, aims to include companies with technical experience as 

well as to encourage market competition.  Currently, the Chinese shale gas sector is 

controlled by China’s three state-run oil majors: China National Petroleum, Sinopec, and 

China National Offshore Oil Corp. [117].  As a result of the current tender for shale gas 
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blocks, private companies (particularly ones with experience in the more mature North 

American shale industry) may help accelerate production.  Royal Dutch/Shell Corp. is 

already actively exploring shale plays in the Sichuan basin in conjunction with 

PetroChina and China National Offshore Oil Corp [117].  ConocoPhillips, in September 

of this year, became the latest Western oil major to expand into China’s shale gas sector 

[117].  By allowing private and foreign investors to enter the shale gas market, China is 

taking an important step in promoting shale gas production by fostering market 

competition and technical proficiency. 

China’s government and regulatory framework remains a potential roadblock to 

its near-term shale gas goals.  By setting natural gas prices independently of a free 

market, China has discouraged investment in shale because drillers risk losing money 

[124].  Moreover, many aspects of China’s legal and regulatory framework are vaguely 

defined, an aspect of regulation that can lead to unpredictable outcomes.  Local regulators 

in the Chinese oil and gas regulatory system are given a lot of latitude in their decision-

making.  What often results is fragmentation and overlap of responsibilities among 

regulating entities, as well as uncertainty about effective coordination between entities 

[121].  Without an organized regulatory framework, China is more susceptible to 

lengthier construction timetables and inconsistent enforcement of regulations. 

Despite regulation issues, the Chinese government has taken steps to support and 

simplify shale gas development.  In 2011, China legally classified shale gas as a separate 

“mineral resource” [117,121].  This differentiates shale rights from traditional oil and gas 

exploration rights, which are all controlled by state-owned energy companies.  This 

classification allows private entities to have a stake in shale gas projects, as discussed 
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above.  In November 2012, China announced subsidies for shale gas of 0.4 Renminbi 

(RMB) per cubic meter of gas—equivalent to $1.81/MMbtu—developed between 2012 

and 2015.  Regional governments may follow in these footsteps to further encourage 

development of shale gas [125]. 

Finally, it is important to return to geological and resource potential.  The 

International Energy Agency still views Chinese shale reserve estimations as very 

approximate [121].  Current resource estimates are largely extrapolations from a small 

number of wells (as noted, only ~20 have been drilled).  Early indications suggest that 

kerogen quality in the Tarim and Sichuan plays is relatively poor [121].  Low kerogen, 

the organic matter in source rocks that yields oil and gas, could imply that recovery 

factors or production rates are lower than expected.  Not enough is known about Chinese 

reservoirs to conclude that they will be as productive as those in the US. 

Despite the risks and uncertainties discussed above, the US experience suggests 

that China’s nascent shale gas industry could be much larger than estimated.  During the 

early stages of shale gas production in the US, official approximations were continuously 

revised as more shale gas became economically recoverable.  Over a 10-year period US 

TRR estimates increased over 20-fold (Figure 5.5). 

 

 
Figure 5.5: Estimations of TRR in the US have risen over time.  Data: [126-128] 

 

Year TRR (tcf) Source
2003 38 National Petroleum Council
2005 140 Energy Information Administration
2008 640 Navigant Consulting, Inc.
2009 680 Potential Gas Committee
2011 860 Advanced Resources International
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While China’s large estimated shale resource warrants attention, risks and uncertainties 

regarding the true resource quantity and industry vitality leave the future of Chinese shale 

unknown. 

 

5.3 China’s International Shale Gas Impact: Effects on LNG Markets 

To help achieve its ambitious natural gas goals, China is in the process of 

substantially expanding its LNG import capacity.  As mentioned in Chapter 4, China’s 1 

Tcf/yr import capacity has the potential to quadruple by the end of the decade.  Currently, 

terminals operate at approximately 63% of capacity and account for 13.5% of China’s 

total natural gas consumption [82,92,94].  Four import terminals are in commercial 

operation, and a fifth terminal is in trial operation. 

LNG imports became a necessity in China when natural gas consumption outgrew 

production in 2006.  Today, roughly half of China’s natural gas imports are from LNG 

[94].  China gets the majority of its LNG imports from Australia, Indonesia, Qatar, and 

Malaysia [94].  As China expands its LNG import capacity, new trade partners such as 

the US may have opportunities to sign long-term LNG contracts.  LNG in China supplies 

natural gas to the power sector, but also meets some residential gas needs in most areas.  

Current pipeline infrastructure is not sufficient to service many low to medium 

population areas (Figure 5.6) [129].  Rather than make the intensive pipeline investment 

to transport a relatively small amount of natural gas, China uses LNG instead as a 

cheaper method of satisfying the demands of these markets, employing railway or road 

tankers to dispense natural gas through small urban distribution pipelines. 
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Figure 5.6: China’s main natural gas reserves and existing gas transmission pipelines.  Current pipeline 
infrastructure is insufficient to provide natural gas for low to medium population areas. Source: Shi et al. 

[129] 
 

Figure 5.7 shows the sites of LNG import terminals and LNG plants in mainland 

China that are in operation, under construction, or proposed [129].  Receiving terminals 

(orange) are located in coastal areas with intensive economic activity and few natural gas 

resources.  About half of the planned receiving capacity is located on the south coast due 

to its easy accessibility to LNG sellers.  LNG plants (blue), which liquefy domestically 

produced natural gas, are located throughout the country, and provide gas regionally.   
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Figure 5.7: Sites of LNG terminals (orange) and plants (blue) in mainland China.  Source: Shi et al. [129] 

 

 Conservative projections indicate that LNG receiving capacity could 

hypothetically account for over a third of China’s natural gas, about 4.8 Tcf, in 2020.  But 

despite this enormous potential capacity, import levels could be much lower.  2020 

import estimates, calculated off national demand, are expected to reach only ~2 Tcf, of 

which 1.4 Tcf are already contracted [95].  Why the difference?  The emergence of 

domestic shale gas would greatly reduce Chinese demand for expensive LNG.  

Furthermore, excess receiving capacity may be a result of companies’ overly ambitious 

efforts to quickly claim their stake in China’s rapidly developing LNG import sector.  

Even if cheaper LNG becomes available (from the US, for example), long term contracts 

and commitments from pipelined natural gas may limit capacity utilization.  Finally, 

LNG markets may also prevent China from utilizing much of its import capacity.  If the 

LNG price premium disappears (through either alternative lower-price gas options for 

China or increased costs for exporters), China could quickly find itself with excess 
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capacity.  Many of the proposed new LNG facilities and expansions would be delayed as 

a result.  China has a rapidly expanding LNG sector and will soon become a crucial 

importer.  But while China ambitiously increases capacity, an honest dialogue about the 

future of LNG must consider the numerous factors limiting potential imports. 

  China’s myriad issues surrounding its budding shale industry will likely continue 

to stall production growth in the near future.  Despite ambitious targets of reaching 2000+ 

Bcf by 2020, China is not yet at the inflection point where the US found itself in 2006.  

But as the Chinese continue to acquire foreign technological experience and a 

competitive market, it is only a matter of time before their shale gas boom occurs.  The 

implications of Chinese shale gas on LNG prospects are significant.  If China can come 

anywhere close to US breakeven production prices, the US’s profitable price arbitrage 

will disappear.  In the US (and elsewhere), natural gas prices could decrease, altering the 

competitiveness of renewable electricity technologies.  Examining this concept under 

various scenarios is the basis for Chapter 6.  Chinese shale gas production appears to be 

the largest risk facing the long-term health of the US LNG export industry.   

 

5.4 China’s Domestic Shale Gas Impact 

Domestic shale gas could strongly alter China’s GHG emissions profile.  The 

potential of natural gas to displace coal use in China is even greater than in the US.  

China currently consumes 3.8 billion short tons of coal annually, accounting for nearly 

half of world coal consumption [94].  This astronomical figure must be quickly 

diminished to lessen the growth of CO2 emissions (China became the leading CO2 emitter 

in 2006).  Shale gas provides an ideal alternative to coal usage: a dispatchable, domestic 
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energy source that can be used to provide baseload electricity needs.  China’s CO2 

emissions should significantly fall when its shale gas boom begins. 

As with the US, however, Chinese shale gas could postpone or deter the optimal 

climate change solution, albeit for a slightly different reason.  For China, shale gas 

provides much sought after energy security.  China is on pace to become the world’s 

largest importer of oil – potentially having to import 10 million barrels per day by 2020, 

10% of estimated global production [4].  In addition, if LNG imports climb towards the 

higher levels discussed above, China would become highly dependent on energy imports.  

This energy dependence could lessen once China taps its vast shale resource.  When this 

occurs, the nation’s appetite for renewables may diminish.  In the past, China has turned 

to renewable energy as a necessity for its growth and energy security [130].  If China can 

source growth and energy independence through shale gas instead, Beijing may be less 

inclined to mandate renewable electricity generation.   
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6. Comparative Electricity Generation Costs and the Future for Renewables, 

Natural Gas, and Coal 

6.1 Introduction 

The previous chapters have examined the major, direct implications of the shale 

gas boom.  But the question that ultimately needs to be addressed is how shale and a 

changing natural gas market will indirectly impact the climate-energy problem.  The 

emergence of shale gas is already decreasing CO2 emissions in the US through coal-to-

gas switching.  Will this trend continue?  Will cheap natural gas deter future large-scale 

deployment of renewable energy sources which would further reduce emissions?  To 

understand this, the cost of electricity from different sources of generation must be 

examined.  The economic competitiveness of fuels will largely dictate their relative 

utilization and domestic CO2 emissions.  The following section describes the 

methodology used to estimate the cost competitiveness of utility-scale coal, combined 

cycle natural gas, wind, and photovoltaic (PV) solar power.  The section concludes with a 

discussion of the impact of federal renewable subsidies, EPA fossil fuel regulations, and 

US natural gas exports on electricity markets and climate change.  The study focuses on 

these four technologies and not others because (1) coal and natural gas constitute nearly 

all of the US’s carbon-intensive electricity generation; (2) recent and future increased 

natural gas utilization comes primarily at the expense of coal.  Other baseload generation 

options such as oil, hydro, and nuclear have not and are not expected to be impacted by 
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changing natural gas markets16 [4]; (3) wind and solar currently offer the greatest 

potential among renewable technologies for large-scale use. 

 

6.2 Methodology 

The levelized cost of electricity (LCOE) for each generating source is the 

wholesale price required for a plant to achieve a cash IRR of 10%.17  Operating and cost 

assumptions were averaged from SNL Financial LC’s database of over 8,000 US power 

plants [131].  Power plants were grouped by technology and were not considered if any 

cost or net generation data were missing.  Plants with capacity factors below 20% were 

also not considered in order to eliminate from the dataset peaking power plants that 

operate at higher costs and receive higher revenues to service brief periods of high 

demand.  This elimination assures that only power plants that sell electricity near the 

wholesale price were considered. 

Electricity production from a thermal power facility (such as a natural gas or coal-

fired power plant) can be roughly calculated from three plant characteristics: nameplate 

capacity, capacity factor, and heat rate.  Nameplate capacity refers to the intended 

technical full-load sustained output of the power plant.  Capacity factor is the percentage 

of energy actually produced relative to what would be produced if the plant were 

operating at full nameplate capacity all the time.  Heat rate refers to the thermal 

efficiency of the plant.18  Plant nameplate capacity was approximated for each technology 

                                                
16 Oil-fired generation is generally not considered cost competitive with other fossil fuel generation such as 
coal and gas and therefore is rarely used for baseload needs.  Hydroelectric and nuclear power facilities are 
already cost competitive, but other factors make their widespread implementation difficult. 
17 10% IRR is used as a conservative hurdle rate.  Companies may use lower costs of capital in today’s 
stagnant economy to evaluate the profitability of projects. 
18 That is, the energy content of input fuel (usually measured in Btu) required to produce a unit of 
electricity (usually measured in kWh).  
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as a typical value for a baseload unit already placed in service.  Capacity factors were 

borrowed from EIA’s approximated high end of the technology’s likely utilization range 

[132].19  Baseline heat rates and cost assumptions were calculated as capacity-weighted 

averages from the dataset.  The only exception to this is the natural gas fuel expense, 

which was assumed to be $5.04/MMbtu.  Recall that this estimate is derived from the 

2012 $4.04/MMbtu breakeven shale wellhead price calculated in Chapter 3, and the 

observed $1.00 difference between the national average wellhead price and the delivered 

price to electric power plants [17].  To gauge the range of LCOEs for each technology, 

calculations were also performed with 1st and 3rd quartile numbers from the dataset.20   

Electricity generation for all technologies was assumed to degrade by 1% per 

year, as power plants typically become less efficient over time.  Operating expenses were 

priced on a net generation ($/MWh) basis and were deemed to occur over the life of the 

plant.  As commonly seen in electricity cost calculations, capital expenditures were 

approximated as “overnight costs” [133-138].  Conceptually, this cost can be thought of 

as the present value amount that would have to be paid as a lump sum up front to 

completely pay for a construction project.  Baseline (weighted average) operating and 

cost model inputs for the technologies examined are displayed in Figure 6.1.  Financial 

and economic assumptions are shown in Figure 6.2. 

 

                                                
19 High-end capacity factors were used to examine the cost competitiveness of each technology’s best-case 
performance. 
20 To test the model against a range of natural gas fuel costs, $5.04/MMbtu and $6.87/MMbtu (the 
estimated domestic price with high export volume) were used.   
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Figure 6.1: Baseline operating and input assumptions for LCOE calculations. Data: SNL Financial [131] 

and EIA [133] 
 

   
Figure 6.2: Baseline financial and economic assumptions for LCOE calculations.21 

 

Plant revenues were calculated as the MWh of electricity produced multiplied by 

wholesale price per MWh.  The price of electricity was backsolved, as it is the unknown 

variable in the analysis.  Operating expenses were calculated as the sum of the three 

inputs listed above.  Net income was calculated as the following: 

                                                
21 For simplicity, this analysis assumes the same debt interest rate for the LCOE model of each generation 
technology.  In reality, government loan guarantees, the credit worthiness of the borrower, and other factors 
could vary the interest rate considerably. 

Coal Gas Wind Solar
Operating inputs
Capacity (MW) 1,050 880 200 100
Capacity factor 85% 87% 33% 25%
Heat rate (Btu/kWh) 10,422 7,430 NA NA
Operating cost inputs ($/MWh)
Fuel 27.93 37.44 0.00 0.00
Non-fuel operating 3.95 2.75 6.78 4.37
Total maintenance 4.59 2.57 13.23 7.61
Capital cost inputs ($/kW)
Land and land rights 3.38 2.92 61.26 52.15
Structures and improvements 100.21 41.44 204.06 359.65
Equipment 713.37 448.92 1,812.26 3,841.55
Air pollution abatement 10.06 0.01 0.00 0.00
Water pollution abatement 0.90 0.00 0.00 0.00
Solid waste abatement 1.55 0.00 0.00 0.00
Other pollution abatement 0.03 0.01 0.00 0.00

Debt % 50%
Debt interest rate21 8%
Debt term (years) 10
Economic life (years) 30
Federal tax rate 34%
State tax rate 10%
IRR hurdle rate 10%

Financial and Economic Inputs
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Capital expenditure was depreciated under the appropriate schedule as specified 

by the Modified Accelerated Cost Recovery System (MACRS) [62].  Fossil fuel electric 

power facilities can be depreciated on 15-year schedules.  Renewable technologies, 

however, are eligible for 5-year MACRS, which results in a larger present value tax 

deductible depreciation expense.  It is important to note that because the model used in 

this analysis values each generating plant as a single asset, the renewable technologies do 

not benefit from 5-year accelerated depreciation.  In fact, the higher acceleration results 

in a lower IRR compared to more delayed depreciation.  This is because earnings are 

negative in the years where accelerated depreciation is expensed, and therefore no taxes 

are payable.  Thus, tax deductions which reduce taxable income are of no immediate use.  

This issue is commonly faced by fledgling renewable energy companies with insufficient 

income to utilize tax benefits.  In real market situations, third party “tax equity” investors 

are recruited to solve this issue.  That is, investors with taxable income partner with such 

companies to exploit the otherwise unusable tax deductions.  To reconcile the downward 

effect caused by this, the model treats federal production and investment tax credits as 

cash payments instead of tax benefits.  It basically assumes that the generator will find 

ways to monetize the tax benefits at no cost.  This increases IRR.  The two simplifying 

treatments of tax benefits roughly cancel each other out, allowing the model to still 

deliver accurate LCOE estimates. 
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As in Chapter 3, loss carryforwards were used to offset future tax burden with 

previous years of negative earnings.  Generally Accepted Accounting Principles (GAAP) 

specify that loss carryforwards can be used in any one of the seven years following the 

loss [63].   

To calculate loan repayments, debt service was approximated as an annualized 

10-year stream of equal payments of combined principal and interest with constant 

interest rate.  Interest expense was then calculated as the outstanding loan balance at the 

year’s beginning multiplied by the debt interest rate (8%).22 

Cash flow was calculated as the following: 

                

                                                     

                           

CFO is net income plus depreciation.  Depreciation is added back because it is a non-cash 

expense subtracted out to calculate net income.  CFI represents the capital expenditures 

associated with investing in the plant that are not included as expenses in cash flow from 

operations.  As described earlier, this calculation represents a one-time cost (negative 

cash flow) in the initial year.  CFF accounts for the cash flows associated with the debt 

financing.  The loan disbursement is a positive cash flow in the initial year, and the loan 

repayments (debt service minus interest) follow for the duration of the loan term.  From 

this stream of cash flows, LCOE is calculated as the price of electricity required for the 

IRR of the plant to equal 10%. 

 

 
                                                
22 Average debt interest rate for utility debt is between 8-10% [139]. 
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6.3 Results 

Below, Figure 6.3 displays the financial model for a CCGT power plant under 

baseline assumptions and shale breakeven natural gas prices, indicating a LCOE of 

$49.50/MWh.  While 30 years of production are modeled, only 10 years are shown.  A 

complete set of the modeling analysis performed for all generating technologies under the 

various scenarios explored can be found in Appendix C.   

 
Figure 6.3: The first 10 years of the financial model for a 30-year CCGT power plant under baseline 

assumptions.  $49.50 is the electricity price required for the plant to generate an IRR of 10%. 
 

($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10
Electricity produced (MWh) 0 6,711,250 6,644,137 6,577,696 6,511,919 6,446,800 6,382,332 6,318,508 6,255,323 6,192,770 6,130,842
Income Statement
Total operating revenue $0.0 $340.5 $345.5 $350.6 $355.8 $361.1 $366.4 $371.8 $377.3 $382.8 $388.5

Fuel $0.0 ($257.6) ($261.4) ($265.2) ($269.2) ($273.1) ($277.2) ($281.2) ($285.4) ($289.6) ($293.9)
Non-fuel operating $0.0 ($18.9) ($19.2) ($19.5) ($19.8) ($20.1) ($20.4) ($20.7) ($21.0) ($21.3) ($21.6)
Total maintenance $0.0 ($17.7) ($17.9) ($18.2) ($18.4) ($18.7) ($19.0) ($19.3) ($19.6) ($19.8) ($20.1)
Operating expenses $0.0 ($294.2) ($298.5) ($302.9) ($307.4) ($311.9) ($316.5) ($321.2) ($325.9) ($330.7) ($335.6)

EBITDA $0.0 $46.3 $47.0 $47.7 $48.4 $49.1 $49.9 $50.6 $51.3 $52.1 $52.9
Depreciation $0.0 ($21.7) ($41.2) ($37.1) ($33.4) ($30.1) ($27.0) ($25.6) ($25.6) ($25.7) ($25.6)

MACRS depreciation schedule 5.00% 9.50% 8.55% 7.70% 6.93% 6.23% 5.90% 5.90% 5.91% 5.90%
Interest expense $0.0 ($17.4) ($16.2) ($14.9) ($13.5) ($12.0) ($10.3) ($8.6) ($6.7) ($4.6) ($2.4)
Earnings before taxes $0.0 $7.3 ($10.4) ($4.3) $1.5 $7.1 $12.5 $16.4 $19.1 $21.8 $24.9

Loss carryforward $0.0 $0.0 $0.0 $0.0 ($1.5) ($7.1) ($6.1) $0.0 $0.0 $0.0 $0.0
Taxable income $0.0 $7.3 ($10.4) ($4.3) $0.0 $0.0 $6.4 $16.4 $19.1 $21.8 $24.9

Federal taxes $0.0 ($2.2) $0.0 $0.0 $0.0 $0.0 ($2.0) ($5.0) ($5.8) ($6.7) ($7.6)
State taxes $0.0 ($0.7) $0.0 $0.0 $0.0 $0.0 ($0.6) ($1.6) ($1.9) ($2.2) ($2.5)
Net income $0.0 $4.3 ($10.4) ($4.3) $1.5 $7.1 $9.9 $9.7 $11.3 $13.0 $14.8

Cash Flow Statement
Net Income $0.0 $4.3 ($10.4) ($4.3) $1.5 $7.1 $9.9 $9.7 $11.3 $13.0 $14.8
Depreciation $0.0 $21.7 $41.2 $37.1 $33.4 $30.1 $27.0 $25.6 $25.6 $25.7 $25.6
Cash from operations $0.0 $26.0 $30.9 $32.8 $34.9 $37.2 $36.9 $35.4 $36.9 $38.6 $40.4

Capital cost ($434.1) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Subsidies/tax credits $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Cash from investing ($434.1) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0

Loan disbursement $217.1 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Loan repayment $0.0 ($15.0) ($16.2) ($17.5) ($18.9) ($20.4) ($22.0) ($23.8) ($25.7) ($27.7) ($30.0)
Cash from financing $217.1 ($15.0) ($16.2) ($17.5) ($18.9) ($20.4) ($22.0) ($23.8) ($25.7) ($27.7) ($30.0)

Annual cash flow ($217.1) $11.0 $14.7 $15.4 $16.1 $16.8 $14.9 $11.6 $11.3 $10.9 $10.4

Debt Schedule
Beginning balance $217.1 $202.1 $185.9 $168.4 $149.5 $129.2 $107.1 $83.4 $57.7 $30.0
Debt service ($32.3) ($32.3) ($32.3) ($32.3) ($32.3) ($32.3) ($32.3) ($32.3) ($32.3) ($32.3)
Loan repayment ($15.0) ($16.2) ($17.5) ($18.9) ($20.4) ($22.0) ($23.8) ($25.7) ($27.7) ($30.0)
Interest ($17.4) ($16.2) ($14.9) ($13.5) ($12.0) ($10.3) ($8.6) ($6.7) ($4.6) ($2.4)
Ending balance $202.1 $185.9 $168.4 $149.5 $129.2 $107.1 $83.4 $57.7 $30.0 $0.0

Outputs
IRR 10.0%
LCOE $49.50
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Figure 6.4 compares the LCOEs for coal, combined cycle gas turbine (CCGT) 

natural gas, wind, and solar.  Labels are shown for the capacity-weighted average 

baseline price, highlighted in green.  The bars represent the interquartile LCOE ranges.  

A few abnormalities in the results should be pointed out.  The range of solar LCOEs is 

larger than the other three technologies because there are fewer large-scale solar facilities 

in the US to study.  This large range is typical of solar cost calculations (as will be shown 

later) and will likely tighten as the industry matures [133,140].  The CCGT capacity-

weighted average price does not fall in the middle of the interquartile range, unlike the 

other technologies.  This is because the capacity-weighted average LCOE assumes the 

same natural gas price as the 1st quartile LCOE ($5.04/MMbtu).  To establish an upper-

limit on the LCOE range, the 3rd quartile calculation assumes the high-volume export 

price ($6.87/MMbtu).  Because of this, the average price is closer to the bottom of the 

range.23   

 
Figure 6.4: LCOE results for baseline scenarios.  Labels indicate the capacity-weighted average baseline 

price, highlighted in green.  The bars represent the interquartile ranges. 
                                                
23 Incidentally, this illustrates the sensitivity of CCGT LCOEs to natural gas fuel prices.  This intuitively 
makes sense since the capital costs of CCGT plants constitute a smaller portion of the overall cost 
compared to coal. 



 

-74- 
 

6.4 Government Intervention 

The above LCOE comparison provides useful insight into the economic 

competitiveness of the four generation technologies discussed in this section.  But the 

true competitiveness of each source is impacted by government intervention.  Perhaps the 

most important government considerations are the federal tax breaks given to renewable 

energy projects, which were not factored into the LCOE model discussed above.  The 

production tax credit (PTC) is a 2.2¢ credit per kWh of electricity produced from 

qualified renewable sources such as wind [141].  It can be applied to offset taxes for ten 

years after the facility is placed in service [142].  The investment tax credit (ITC) allows 

qualified renewable technologies such as solar to receive a tax credit for 30% of the cost 

of development [143].   

Renewable electric generation can also benefit from the sale of renewable energy 

credits (RECs).  RECs are tradable, non-tangible energy commodities that represent proof 

that electricity was generated from renewable electricity.  Renewable energy projects that 

sell RECs receive cash.  Buyers can purchase RECs either voluntarily, to individually 

reduce carbon footprint, or compliantly, to meet the terms of a state Renewable Portfolio 

Standard (RPS).  An RPS requires utilities to source a percentage of their electric load 

from renewable electricity generation.  As of January 2012, 29 states have established 

mandatory RPS policies [144].  Currently, no nationwide compliance REC market exists.  

Substantial revenue from REC sales exists only in certain states with an RPS.  Markets 

specifically for solar RECs (SRECs) have developed in states where policymakers have 

established solar set-asides within their RPS requirements [144].  But due to the absence 

of a federal compliance standard, SREC prices are plummeting.  As of May 2012, SREC 
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prices are most commonly near zero, although they are as high as $110/MWh in certain 

states [145,146].  Compliance REC prices for wind are near zero nationwide [145].  

Although some states such as New Jersey, Massachusetts, and Maryland have SREC 

markets that offer substantial revenue, they are in areas of low solar radiation [147].  The 

solar model in this analysis uses a high capacity factor (25%), a number that offers the 

lowest LCOE and can be domestically achieved only in the solar-intensive southwest.  

Thus, revenues from REC sales are not incorporated in this analysis. 

While the US government encourages the competitiveness of renewable 

technologies with incentives, two potential EPA regulations will disadvantage coal 

facilities by significantly increasing their emission control costs.  On March 16, 2011, the 

EPA proposed the Mercury and Air Toxic Standards (MATS), a nationwide limit on 

power plant emissions of mercury [148].  Under this rule, all coal and oil-fired power 

plants with a nameplate capacity greater than 25 MW will have to reduce their mercury 

emissions to 90% below their uncontrolled emissions levels [149,150].24  To reduce 

mercury emissions by 90%, coal plants must add a supplemental fabric filter downstream 

of combustion to inject activated carbon that binds to and removes mercury [150].  With 

a 3-4 year compliance period, MATS is expected to come into effect in 2015.   

On July 6, 2011, the EPA finalized the Cross-State Air Pollution Rule (CSAPR), 

which requires power plants in 27 states to reduce emissions of sulfur dioxide (SO2) and 

nitrogen oxides (NOx) [151,152].  For flue gas desulfurization (FGD), two commercially 

available technology options exist: Limestone Forced Oxidation (LSFO) and Lime Spray 

Dryer (LSD).  LSFO is a wet FGD technology, where polluted gas is brought into contact 

                                                
24 Because the combustion of natural gas does not produce mercury, MATS applies to coal in this analysis, 
and not natural gas. 
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with a liquid alkaline sorbent (like limestone), usually by forcing it through a pool of the 

liquid slurry.  The limestone reacts with SO2 to produce harmless CaSO4.  Even if a 

power plant already has SO2 control technology installed, if a new FGD installation is 

necessary for compliance, retrofit costs are just as expensive.  LSFO is required if SO2 

content exceeds 2 lbs./MMbtu.  For simplicity, this analysis considers only the cost 

associated with LSFO technology, which is marginally more expensive than LSD 

technology [153].   

NOx reduction technologies can be separated into two categories: combustion and 

post-combustion controls.  Combustion controls alter flame characteristics such as 

temperature and fuel air mixing in order to reduce emissions.  Post-combustion controls 

remove NOx emissions from the flue gas.  Post-combustion controls are required to 

achieve significant emission reductions on the scale of CSAPR requirements.  

Specifically, Selective Catalytic Reduction (SCR) can reduce NOx emissions by as much 

as 90%.  To approximate the costs of NOx emission compliance, the use of SCR was 

assumed [153].  In August 2012, the US Court of Appeals for the District of Columbia 

ruled that CSAPR exceeded the EPA’s statutory authority [154].  The Appeals court later 

denied EPA’s petition for a rehearing on January 24, 2013.  Unlike MATS, it appears that 

CSAPR could take years to develop.  SO2 and NOx emissions are already regulated to a 

lesser extent through the Clean Air Act Amendments of 1990 (CAA90) [150].  Pollution 

control costs associated with these existing regulations are incorporated in the pollution 

control cost data in the baseline scenario.   

Assuming the eventual need for fossil fuel combustion plants to meet the CAA90, 

MATS, and CSAPR standards, estimated capital costs are shown below (Figure 6.5).  
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Cost figures were taken from the EIA Emission Control Technologies report for facilities 

around 1,000 MW, the largest capacity with cost estimations.  Because the combustion of 

natural gas produces NOx, CSAPR would require SCR installment for CCGT facilities.  

This cost, however, is much smaller than the series of coal compliance costs, as shown 

below.  

 

  
Figure 6.5: Coal and CCGT plant retrofit costs to comply with SO2, NOx, and Hg emissions 

requirements. Cost figures are for 1,000 MW facilities. Data: EIA [153] 
 

Incorporating renewable subsidies and fossil fuel emission regulations, a new 

comparative LCOE can be generated.  Figure 6.6 shows the LCOE range for all four 

technologies after government intervention.   

Pollution control type

Variable 
operating costs 

($/kW)

Fixed operating 
costs ($/kW-yr)

Capital costs 
($/kW)

Coal
SO2 control (LSFO) 1.94 6.20 416
NOx control (SCR) 1.29 0.40 169
Hg control (SPAC-ACI) 2.50 1.90 140
CCGT
NOx control (SCR) 0.12 1.08 75
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Figure 6.6: LCOE results after subsidies, credits, and regulations are taken into account.  Labels indicate 
the capacity-weighted average baseline price (the green dot).  The bars represent the interquartile ranges. 

 
 

 As Figure 6.6 shows, renewable energy subsidies and fossil fuel emission control 

regulations drastically alter the competitiveness of electricity generating technologies.  

This analysis indicates that after accounting for the PTC, MATS, and CSAPR, coal and 

wind LCOEs are nearly equal.  Combined cycle natural gas, a technology largely 

unaffected by those three policy measures, increases in price by only ~$1/MWh and 

becomes the cheapest generating source in this scenario.  Photovoltaic solar remains a 

higher-cost electricity source, and is still not a competitive option in a wholesale power 

market.  In order for solar to appear in a utility’s generation mix, a suitably attractive 

power purchase agreement (PPA) is required.  A PPA is a financial contract under which 

an electricity generator, such as a solar facility, sells power at a predetermined price to a 

buyer, often a utility.  PPAs assure solar facilities sufficiently high revenues to be 

profitable.  Typical solar PPA contracts are priced between $100-130/MWh.  Utilities are 
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willing to pay this price because of the RPS requirements mentioned earlier in this 

chapter. 

 

6.5 Comparing Results with Previous Studies 

How do these results compare with LCOE calculations seen elsewhere?  It 

appears that the range provided in this analysis encompasses nearly all other findings.  

Figure 6.7 displays an LCOE range collected from 6 reports by the International Energy 

Agency (IEA), National Renewable Energy Laboratory (NREL), US Department of 

Energy (DOE), and US Energy Information Administration (EIA) [133-137,140].   

 

 
Figure 6.7: LCOE ranges from other sources.  A similar trend is observed across the four technologies. 

Data: [133-137,140] 
 

The largest differences between the results from this study and the existing 

literature can be explained.  LCOEs for coal and natural gas found by the IEA are much 

higher—around $90/MWh.  This is because the report prices the social cost of carbon 

into coal and natural gas LCOEs [134], whereas this model focuses on power producers’ 
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economic incentives.  The EIA reports a high coal LCOE (an average value of 

$95/MWh) for a similar reason.  The study uses a cost of capital 3% higher to discount 

coal due to the social cost of its carbon intensity.  This increase in the cost of capital is 

approximately equivalent to an emissions fee of $15 per metric ton of CO2 [133].  This 

study, by contrast, aims only to calculate the current, private25 economic cost of each 

technology.  A market-based carbon emission reduction mechanism is not in place in the 

US, and there is no indication that this will change in the near future.  Therefore, given 

the lack of economic incentives to reduce emissions, carbon was not priced in this 

analysis, leading to much lower and accurate costs of coal and gas generation. 

The high-range values for wind and solar derived by others in Figure 6.7 are again 

due to the social cost calculation performed by the IEA, which excludes taxes, subsidies, 

transfers, and financing such as the PTC and ITC.  NREL studies calculate the cost of 

onshore wind between $56-$108/MWh and PV solar between $110-190/MWh. 

 

6.6 Methodology Limitations 

 The LCOE calculations in this thesis are consistent with and perhaps even more 

detailed than some of the calculations in the existing literature.  But it is important to 

recognize limitations and possible shortcomings associated with the methodology.  This 

study does not incorporate regional effects.  Coal and natural gas facilities, for example, 

can generate electricity far more cheaply if they are in close proximity to the natural 

resource extraction site.  Similarly, wind and solar LCOEs are extremely dependent on 

location, as wind and solar resource varies across the country.  Another potential 

                                                
25 Rational choice theory often assumes that firms/individuals only consider private costs (costs they 
themselves bear when making decisions), not the costs that may be borne by others (such as externalities 
like coal pollution, which only factor into social cost). 
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limitation is due to the current nature of the dataset used.  This analysis calculates LCOEs 

based on existing costs and not future costs.  LCOEs will likely change over time, and at 

different rates.  Relatively new renewable technologies are expected to decrease in cost at 

a much higher rate than mature fossil fuel technologies.  Furthermore, the regulations and 

subsidies analyzed in section 6.4 could also change over time.  Although missing data 

was not a common phenomenon and not believed to have a significant effect on overall 

results, its impact on the results still exists.  

 

6.7 Discussion 

 When contemplating a low-carbon energy future, a paradox arises.  Natural gas 

must become cheap enough to disenfranchise coal, but remain costly enough for wind, 

America’s cheapest renewable energy source, to be economically competitive.  As the 

LCOE analysis indicates, the EPA is aiming to create an economic environment that 

strongly favors natural gas over coal-fired electricity production.  The enforcement of 

CSAPR and MATS could put coal on a path towards extinction, with compliance costing 

almost ten times that of baseload combined cycle natural gas.  If domestic natural gas 

markets stabilize, and the shale gas revolution creates cheap long-term natural gas prices, 

the US will likely continue to see a substantial reduction in CO2 emissions from coal-to-

gas switching. 

 But while a long-term natural gas infrastructure and economy will reduce CO2 

emissions through the displacement of coal, it will not necessarily provide a solution to 

the climate-energy problem.  In order for the impacts of climate change to be successfully 

avoided, the world must quickly adopt and implement a plan to get a lot closer to a zero-
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carbon future than natural gas alone can provide.  Cleaner-burning natural gas has the 

potential to bridge the transition from coal to renewables, but cannot offer a long-term 

solution to climate change.  This thesis estimates that thanks to the PTC, the average 

utility-scale wind facilities will have LCOEs near $70/MWh.  This is a price that may 

compete with regulated coal, but not CCGT facilities with wellhead gas prices 

~$4/MMbtu (the shale gas breakeven price).  Figure 6.8 shows capacity-weighted LCOEs 

for coal, natural gas, and wind under multiple scenarios.  A coal price is shown under 

baseline assumptions and with MATS and CSAPR costs considered; wind is shown with 

and without the PTC; and CCGT is shown at various natural gas prices.  The figure 

elucidates the issue surrounding the competitiveness of wind.  In order for wind to offer a 

competitive price in a wholesale market, natural gas prices must be far higher than the 

breakeven shale price calculated in Chapter 3.  The results of this analysis indicate that 

wind power with the PTC can generate electricity more cheaply than a baseload CCGT 

facility at $8/MMbtu gas. 

 

 
Figure 6.8: Capacity-weighted average LCOEs for coal, combined cycle natural gas, and wind power 

under various scenarios. 
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As Chapter 3 and the NYMEX natural gas forward price curve indicates, natural 

gas is not expected to rise to historic highs in the realm of $7+/MMbtu in the next decade 

[155].  But as Chapter 4 concluded, natural gas prices could rise to almost $6/MMbtu due 

to exports and the ensuing decrease in domestically available supply.  If the US exports 

LNG at the higher volume indicated by this study, the LCOE of wind would be only 

~$5/MWh greater than the LCOE of CCGT.  The difference may be insignificant given 

the generalizations made in this analysis.  A wind farm under best-case scenario cost and 

location assumptions would likely be cheaper than $64.31/MWh (the CCGT LCOE 

assuming high exports), as the range displayed in Figure 6.6 indicates.  This differential 

could also quickly narrow, as many cost projections anticipate a faster decline in the cost 

of new renewable technologies like wind and solar compared to mature technologies like 

CCGT [138].  In addition to supply constraints from exports, it is possible that domestic 

natural gas demand could increase if the use of compressed natural gas (CNG) in vehicles 

becomes widespread.  If America transitions to a CNG fuel economy, the price of natural 

gas would surely rise even further, making wind an even more enticing option.  Of course 

this scenario posits greatly increased natural gas usage, so the environmental impact may 

not be satisfactory.   

 
6.8 Policy Recommendations 

 In order to promote the long-term health of the renewable energy industry, three 

policy measures in the context of this thesis should be considered: (1) the continuing 

extension of the PTC, (2) EPA’s enforcement of CSAPR and MATS, and (3) the 

allowance of LNG exports. 
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 It goes without saying that the PTC needs to be left in place for wind to compete 

with other electricity sources under current cost assumptions.  Without the PTC, wind 

LCOE is estimated to be $84.13/MWh.  With the PTC, LCOE drops by 17% to $69.71, a 

price competitive with coal and natural gas with high exports.  Just as important as the 

existence of the PTC are the ongoing prospects for its renewal.  The pattern of repeated 

expiration and short-term renewal of the PTC causes a boom-bust cycle in wind power 

plant investment in the US and inhibits long-term investment.  As Figure 6.9 shows, the 

last three PTC expirations have led to remarkable drop-offs in wind power construction.  

The Obama administration renewed for another year the PTC on January 2, 2013 as part 

of the American Taxpayer Relief Act of 2012 [142].  But the many months of uncertainty 

about the renewal of the PTC stalled the industry, a fact that will likely diminish 

incremental 2013 wind capacity total.  In fact, Barradale demonstrates that the 

uncertainty over the PTC’s renewal plagues the wind industry even more than its absence 

[156].  If the US is to establish an effective renewable energy policy, making the PTC a 

permanent fixture of the tax code will be crucial.   
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Figure 6.9: The last three PTC expirations (2000, 2002, 2004) have led to remarkable drop-offs in wind 

power construction, demonstrating the need for certainty of PTC renewal. Data: Earth Policy Institute [157] 
 

The EPA’s newest proposed regulations appear stringent enough to diminish 

coal’s economic appeal.  They are necessary policy measures to provide a means to 

eventually eliminate coal from the US electricity generation mix.  With the 

implementation of MATS and CSAPR, close to 60 GW of coal generation could be at 

risk for retirement by 2025 [4].  For new generation, coal will seldom be used.  Instead, 

expect natural gas, wind, and other zero-carbon technologies not discussed, such as hydro 

and nuclear power, to enter the fuel mix.  Figure 6.10 displays EIA’s projected 

cumulative electricity generation capacity additions by fuel type through 2035.  Natural 

gas and renewables account for the majority of new generation, although disagreement 

exists over their relative utilizations.  Energy Velocity reports that planned renewable 

capacity additions exceed those of natural gas by over three times [4].  Planned capacity 

additions, however, extend approximately 10 years and only account for additions that 

have been announced by utilities or independent power producers.   
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Figure 6.10: Natural gas and renewables are expected to account for nearly all of new generation in the 

near future.  Data: EIA [132] 
 

 Finally, by increasing the domestic price of natural gas, LNG exports appear to 

play a critical role in the vitality of renewable energy.  Absent LNG exports, US natural 

gas in the foreseeable future will remain extremely cheap.  Under this scenario, it would 

be a mistake to forecast a large quantity of utility-scale renewable energy construction 

beyond what is required by government RPS programs.  LNG exports provide a free-

market mechanism that would significantly increase the appeal and success of renewable 

energy.  
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7. Conclusion 

The shale gas revolution has brought the US an enormous natural gas resource 

that can be accessed cheaply.  As a result, natural gas prices have fallen to record lows.  

These low prices have led to electricity producers switching away from coal in favor of 

natural gas fuel, which in turn have caused US GHG emissions to fall.  Detailed analysis 

of the economics of shale gas production suggests that cheap natural gas may persist 

indefinitely.  The average breakeven wellhead price of production from US shale gas 

wells is calculated at $4.04/MMbtu, and even lower in shale plays like the Marcellus, 

Eagle Ford, and Utica, which also produce lucrative liquid co-products.   

At this price, utility-scale CCGT generation would remain extremely inexpensive.  

Accounting for the enforcement of MATS and CSAPR, new EPA regulations particularly 

discouraging coal use, gas generated electricity would become the cheapest power of the 

future, costing only $50.73/MWh compared to $67.14/MWh for coal-generated 

electricity.  Natural gas this cheap, however, disadvantages renewable energy by making 

technologies such as wind and solar economically uncompetitive in comparison.  Even 

with the cost-saving effects of the PTC, the cost of wind electricity would remain well 

above that of natural gas at $69.71/MWh.   

If the price of natural gas were to rise, renewable alternatives would be more 

likely to flourish.  This could be realized with a carbon tax, but as argued here, it could 

also be achieved by fostering the US LNG export market.  If US LNG were freely 

exported, the estimated domestic natural gas price is calculated to rise by $1.16-

$1.83/MMbtu, an increase of 29-45%.  This price increase would raise the cost of CCGT 
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electricity as high as $64.31/MWh, enough to make wind, with the help of the PTC, an 

economically viable option. 

A liberal LNG export policy would also produce broad economic benefits.  US 

GDP would increase, jobs would be created across the LNG supply chain, and current 

account deficits would tend to reverse. 

There is also potential for shale gas to impact global markets.  Outside of the US, 

China is the world’s largest holder of shale reserves.  No Chinese shale gas is currently 

being produced, and enormous risk and uncertainty renders the future of Chinese shale 

gas unknown.  But it is likely just a matter of time before China becomes a major 

producer of shale gas.  This could dampen China’s need for natural gas imports, posing a 

threat to US LNG exports.  Within China, shale gas could have impacts similar to those 

anticipated for the US.  Shale gas could provide a means of reducing China’s coal 

consumption, but could also lessen the need for renewables by providing China the 

energy security it covets. 

It is important that renewable energy, like wind, prospers because it currently 

offers the best climate change solution.  Natural gas is an important near-term 

replacement for coal and will significantly reduce GHG emissions.  However, if CO2 

emissions are to be considerably reduced in the future, natural gas should be viewed as 

merely a transitional step towards a low-carbon future, not the ultimate solution.  In the 

long run, pervasive use of natural gas is likely to negatively (and severely) impact climate 

change.  LNG exports assist the ultimate climate change solution both by displacing coal 

abroad and promoting the economic viability of renewable technology. 
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Appendix A 

 Type-curve modeling outputs are shown below for all 12 plays analyzed.  30 years of production are shown.  10-year scenarios 

just take into account production during the first 10 years. 

 
Figure A.1: Type-curve output for the Marcellus play.

Marcellus

Year Beginning Ending Average Annual Cumulative C2 C3 NC4 IC4 NG Oil Total
MMcf/d MMcf/d MMcf/d Bcf Bcf Bbl Bbl Bbl Bbl Bbl Bbl Bbl

1 4.20 2.64 3.42 1.248 1.248 48,847 1,956 0 0 0 0 50,803
2 2.64 2.02 2.33 0.850 2.097 33,274 1,333 0 0 0 0 34,607
3 2.02 1.68 1.85 0.675 2.772 26,418 1,058 0 0 0 0 27,476
4 1.68 1.45 1.56 0.571 3.343 22,350 895 0 0 0 0 23,245
5 1.45 1.29 1.37 0.500 3.843 19,593 785 0 0 0 0 20,377
6 1.29 1.17 1.23 0.449 4.292 17,574 704 0 0 0 0 18,278
7 1.17 1.07 1.12 0.409 4.701 16,019 642 0 0 0 0 16,661
8 1.07 0.99 1.03 0.377 5.079 14,776 592 0 0 0 0 15,368
9 0.99 0.93 0.96 0.351 5.430 13,755 551 0 0 0 0 14,306

10 0.93 0.88 0.90 0.329 5.759 12,899 517 0 0 0 0 13,415
11 0.88 0.83 0.85 0.311 6.070 12,167 487 0 0 0 0 12,655
12 0.83 0.79 0.81 0.295 6.365 11,534 462 0 0 0 0 11,996
13 0.79 0.75 0.77 0.280 6.645 10,980 440 0 0 0 0 11,419
14 0.75 0.72 0.73 0.268 6.913 10,489 420 0 0 0 0 10,909
15 0.72 0.69 0.70 0.257 7.170 10,051 403 0 0 0 0 10,454
16 0.69 0.66 0.68 0.247 7.416 9,658 387 0 0 0 0 10,044
17 0.66 0.64 0.65 0.238 7.654 9,301 373 0 0 0 0 9,674
18 0.64 0.62 0.63 0.229 7.883 8,977 360 0 0 0 0 9,337
19 0.62 0.60 0.61 0.222 8.105 8,681 348 0 0 0 0 9,028
20 0.60 0.58 0.59 0.215 8.320 8,408 337 0 0 0 0 8,745
21 0.58 0.56 0.57 0.208 8.528 8,156 327 0 0 0 0 8,483
22 0.56 0.55 0.55 0.202 8.730 7,923 317 0 0 0 0 8,241
23 0.55 0.53 0.54 0.197 8.927 7,707 309 0 0 0 0 8,015
24 0.53 0.52 0.53 0.192 9.119 7,505 301 0 0 0 0 7,805
25 0.52 0.51 0.51 0.187 9.306 7,316 293 0 0 0 0 7,609
26 0.51 0.49 0.50 0.182 9.488 7,139 286 0 0 0 0 7,424
27 0.49 0.48 0.49 0.178 9.666 6,972 279 0 0 0 0 7,251
28 0.48 0.47 0.48 0.174 9.840 6,815 273 0 0 0 0 7,088
29 0.47 0.46 0.47 0.170 10.010 6,667 267 0 0 0 0 6,934
30 0.46 0.45 0.46 0.167 10.177 6,527 261 0 0 0 0 6,789

10.177

Annual Gas Production Annual NGL and Oil ProductionDaily Gas Production
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Figure A.2: Type-curve output for the Cana Woodford play.

Cana Woodford

Year Beginning Ending Average Annual Cumulative C2 C3 NC4 IC4 NG Oil Total
MMcf/d MMcf/d MMcf/d Bcf Bcf Bbl Bbl Bbl Bbl Bbl Bbl Bbl

1 5.50 3.44 4.47 1.631 1.631 16,013 7,372 1,457 1,741 1,964 9,307 37,854
2 3.44 2.62 3.03 1.105 2.736 10,849 4,995 987 1,180 1,331 6,305 25,647
3 2.62 2.16 2.39 0.872 3.608 8,555 3,939 778 930 1,049 4,972 20,224
4 2.16 1.86 2.01 0.733 4.341 7,195 3,312 655 782 882 4,182 17,009
5 1.86 1.64 1.75 0.639 4.980 6,276 2,889 571 682 770 3,647 14,835
6 1.64 1.48 1.56 0.571 5.551 5,604 2,580 510 609 687 3,257 13,248
7 1.48 1.36 1.42 0.518 6.070 5,089 2,343 463 553 624 2,957 12,029
8 1.36 1.25 1.31 0.477 6.546 4,678 2,153 426 509 574 2,719 11,058
9 1.25 1.17 1.21 0.442 6.988 4,341 1,998 395 472 532 2,523 10,261

10 1.17 1.10 1.13 0.413 7.402 4,059 1,869 369 441 498 2,359 9,595
11 1.10 1.03 1.07 0.389 7.791 3,819 1,758 347 415 468 2,219 9,027
12 1.03 0.98 1.01 0.368 8.159 3,611 1,663 329 393 443 2,099 8,537
13 0.98 0.93 0.96 0.349 8.508 3,430 1,579 312 373 421 1,993 8,108
14 0.93 0.89 0.91 0.333 8.841 3,270 1,505 298 356 401 1,900 7,730
15 0.89 0.85 0.87 0.319 9.160 3,127 1,440 285 340 384 1,817 7,392
16 0.85 0.82 0.84 0.306 9.465 2,999 1,381 273 326 368 1,743 7,090
17 0.82 0.79 0.80 0.294 9.759 2,883 1,327 262 314 354 1,676 6,816
18 0.79 0.76 0.78 0.283 10.042 2,778 1,279 253 302 341 1,615 6,568
19 0.76 0.74 0.75 0.273 10.315 2,682 1,235 244 292 329 1,559 6,341
20 0.74 0.71 0.72 0.264 10.579 2,594 1,194 236 282 318 1,508 6,132
21 0.71 0.69 0.70 0.256 10.835 2,513 1,157 229 273 308 1,460 5,940
22 0.69 0.67 0.68 0.248 11.084 2,438 1,122 222 265 299 1,417 5,763
23 0.67 0.65 0.66 0.241 11.325 2,368 1,090 215 258 290 1,376 5,598
24 0.65 0.63 0.64 0.235 11.560 2,303 1,060 210 250 282 1,338 5,444
25 0.63 0.62 0.63 0.228 11.788 2,242 1,032 204 244 275 1,303 5,301
26 0.62 0.60 0.61 0.223 12.011 2,185 1,006 199 238 268 1,270 5,166
27 0.60 0.59 0.60 0.217 12.228 2,132 982 194 232 261 1,239 5,040
28 0.59 0.57 0.58 0.212 12.440 2,082 958 189 226 255 1,210 4,921
29 0.57 0.56 0.57 0.207 12.647 2,034 937 185 221 249 1,182 4,809
30 0.56 0.55 0.56 0.203 12.850 1,990 916 181 216 244 1,156 4,703

12.850

Daily Gas Production Annual Gas Production Annual NGL and Oil Production
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Figure A.3: Type-curve output for the Utica play.

Utica

Year Beginning Ending Average Annual Cumulative C2 C3 NC4 IC4 NG Oil Total
MMcf/d MMcf/d MMcf/d Bcf Bcf Bbl Bbl Bbl Bbl Bbl Bbl Bbl

1 1.35 0.80 1.07 0.392 0.392 5,755 2,649 524 626 706 20,898 31,157
2 0.80 0.59 0.69 0.253 0.645 3,713 1,710 338 404 455 13,485 20,104
3 0.59 0.47 0.53 0.193 0.839 2,835 1,305 258 308 348 10,294 15,347
4 0.47 0.40 0.43 0.159 0.997 2,326 1,071 212 253 285 8,449 12,596
5 0.40 0.35 0.37 0.136 1.133 1,990 916 181 216 244 7,226 10,773
6 0.35 0.31 0.33 0.119 1.252 1,748 805 159 190 214 6,348 9,464
7 0.31 0.28 0.29 0.107 1.359 1,565 720 142 170 192 5,683 8,473
8 0.28 0.25 0.27 0.097 1.456 1,421 654 129 155 174 5,159 7,692
9 0.25 0.23 0.24 0.089 1.545 1,304 600 119 142 160 4,735 7,060

10 0.23 0.22 0.23 0.082 1.627 1,207 556 110 131 148 4,384 6,536
11 0.22 0.20 0.21 0.077 1.704 1,125 518 102 122 138 4,087 6,094
12 0.20 0.19 0.20 0.072 1.776 1,055 486 96 115 129 3,833 5,715
13 0.19 0.18 0.19 0.068 1.843 995 458 91 108 122 3,612 5,386
14 0.18 0.17 0.18 0.064 1.908 942 433 86 102 115 3,419 5,098
15 0.17 0.16 0.17 0.061 1.969 894 412 81 97 110 3,248 4,843
16 0.16 0.16 0.16 0.058 2.027 852 392 78 93 105 3,096 4,615
17 0.16 0.15 0.15 0.056 2.082 815 375 74 89 100 2,959 4,411
18 0.15 0.14 0.15 0.053 2.136 781 359 71 85 96 2,835 4,227
19 0.14 0.14 0.14 0.051 2.187 750 345 68 82 92 2,722 4,059
20 0.14 0.13 0.13 0.049 2.236 721 332 66 78 88 2,620 3,906
21 0.13 0.13 0.13 0.047 2.283 695 320 63 76 85 2,525 3,765
22 0.13 0.12 0.13 0.046 2.329 672 309 61 73 82 2,439 3,636
23 0.12 0.12 0.12 0.044 2.373 649 299 59 71 80 2,358 3,516
24 0.12 0.12 0.12 0.043 2.416 629 290 57 68 77 2,284 3,405
25 0.12 0.11 0.11 0.042 2.458 610 281 55 66 75 2,215 3,302
26 0.11 0.11 0.11 0.040 2.498 592 273 54 64 73 2,150 3,206
27 0.11 0.11 0.11 0.039 2.537 575 265 52 63 71 2,090 3,116
28 0.11 0.10 0.10 0.038 2.576 560 258 51 61 69 2,033 3,031
29 0.10 0.10 0.10 0.037 2.613 545 251 50 59 67 1,980 2,952
30 0.10 0.10 0.10 0.036 2.649 531 245 48 58 65 1,930 2,877

2.649

Daily Gas Production Annual Gas Production Annual NGL and Oil Production
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Figure A.4: Type-curve output for the Eagle Ford play.

Eagle Ford

Year Beginning Ending Average Annual Cumulative C2 C3 NC4 IC4 NG Oil Total
MMcf/d MMcf/d MMcf/d Bcf Bcf Bbl Bbl Bbl Bbl Bbl Bbl Bbl

1 9.50 5.50 7.50 2.737 2.737 89,631 35,174 14,465 14,465 3,099 0 156,835
2 5.50 3.92 4.71 1.718 4.455 56,266 22,081 9,081 9,081 1,946 0 98,454
3 3.92 3.06 3.49 1.274 5.729 41,705 16,367 6,731 6,731 1,442 0 72,975
4 3.06 2.52 2.79 1.019 6.748 33,372 13,096 5,386 5,386 1,154 0 58,394
5 2.52 2.15 2.34 0.853 7.601 27,927 10,960 4,507 4,507 966 0 48,867
6 2.15 1.88 2.01 0.735 8.336 24,073 9,447 3,885 3,885 832 0 42,123
7 1.88 1.67 1.77 0.647 8.983 21,193 8,317 3,420 3,420 733 0 37,083
8 1.67 1.50 1.59 0.579 9.562 18,955 7,438 3,059 3,059 655 0 33,166
9 1.50 1.37 1.44 0.524 10.086 17,162 6,735 2,770 2,770 593 0 30,030

10 1.37 1.26 1.31 0.479 10.565 15,693 6,158 2,533 2,533 543 0 27,459
11 1.26 1.16 1.21 0.442 11.007 14,465 5,677 2,335 2,335 500 0 25,311
12 1.16 1.08 1.12 0.410 11.417 13,424 5,268 2,166 2,166 464 0 23,489
13 1.08 1.01 1.05 0.383 11.800 12,528 4,917 2,022 2,022 433 0 21,922
14 1.01 0.95 0.98 0.359 12.159 11,750 4,611 1,896 1,896 406 0 20,560
15 0.95 0.90 0.93 0.338 12.496 11,067 4,343 1,786 1,786 383 0 19,365
16 0.90 0.85 0.88 0.319 12.816 10,462 4,106 1,688 1,688 362 0 18,306
17 0.85 0.81 0.83 0.303 13.119 9,923 3,894 1,601 1,601 343 0 17,363
18 0.81 0.77 0.79 0.288 13.407 9,439 3,704 1,523 1,523 326 0 16,516
19 0.77 0.74 0.75 0.275 13.682 9,002 3,533 1,453 1,453 311 0 15,752
20 0.74 0.70 0.72 0.263 13.945 8,606 3,377 1,389 1,389 298 0 15,058
21 0.70 0.68 0.69 0.252 14.197 8,244 3,235 1,330 1,330 285 0 14,425
22 0.68 0.65 0.66 0.242 14.438 7,913 3,105 1,277 1,277 274 0 13,846
23 0.65 0.62 0.64 0.232 14.671 7,609 2,986 1,228 1,228 263 0 13,314
24 0.62 0.60 0.61 0.224 14.895 7,328 2,876 1,183 1,183 253 0 12,823
25 0.60 0.58 0.59 0.216 15.110 7,068 2,774 1,141 1,141 244 0 12,368
26 0.58 0.56 0.57 0.208 15.319 6,827 2,679 1,102 1,102 236 0 11,946
27 0.56 0.54 0.55 0.202 15.520 6,603 2,591 1,066 1,066 228 0 11,554
28 0.54 0.53 0.53 0.195 15.716 6,393 2,509 1,032 1,032 221 0 11,187
29 0.53 0.51 0.52 0.189 15.905 6,197 2,432 1,000 1,000 214 0 10,844
30 0.51 0.50 0.50 0.184 16.089 6,014 2,360 970 970 208 0 10,522

16.089

Daily Gas Production Annual Gas Production Annual NGL and Oil Production



 

-106- 
 

 
Figure A.5: Type-curve output for the Devonian play.

Devonian

Year Beginning Ending Average Annual Cumulative C2 C3 NC4 IC4 NG Oil Total
MMcf/d MMcf/d MMcf/d Bcf Bcf Bbl Bbl Bbl Bbl Bbl Bbl Bbl

1 1.00 0.59 0.80 0.291 0.291 3,092 1,175 177 345 178 15 4,983
2 0.59 0.44 0.51 0.188 0.478 1,995 758 114 223 115 9 3,215
3 0.44 0.35 0.39 0.143 0.621 1,523 579 87 170 88 7 2,454
4 0.35 0.29 0.32 0.117 0.739 1,250 475 72 140 72 6 2,014
5 0.29 0.26 0.28 0.100 0.839 1,069 406 61 119 62 5 1,723
6 0.26 0.23 0.24 0.088 0.928 939 357 54 105 54 4 1,514
7 0.23 0.21 0.22 0.079 1.007 841 320 48 94 48 4 1,355
8 0.21 0.19 0.20 0.072 1.078 763 290 44 85 44 4 1,230
9 0.19 0.17 0.18 0.066 1.144 701 266 40 78 40 3 1,129

10 0.17 0.16 0.17 0.061 1.205 649 246 37 72 37 3 1,045
11 0.16 0.15 0.16 0.057 1.262 605 230 35 68 35 3 975
12 0.15 0.14 0.15 0.053 1.315 567 216 33 63 33 3 914
13 0.14 0.13 0.14 0.050 1.366 535 203 31 60 31 3 861
14 0.13 0.13 0.13 0.048 1.413 506 192 29 57 29 2 815
15 0.13 0.12 0.12 0.045 1.458 481 183 28 54 28 2 774
16 0.12 0.12 0.12 0.043 1.501 458 174 26 51 26 2 738
17 0.12 0.11 0.11 0.041 1.542 438 166 25 49 25 2 705
18 0.11 0.11 0.11 0.039 1.582 420 159 24 47 24 2 676
19 0.11 0.10 0.10 0.038 1.620 403 153 23 45 23 2 649
20 0.10 0.10 0.10 0.036 1.656 388 147 22 43 22 2 625
21 0.10 0.09 0.10 0.035 1.691 374 142 21 42 22 2 602
22 0.09 0.09 0.09 0.034 1.725 361 137 21 40 21 2 581
23 0.09 0.09 0.09 0.033 1.758 349 133 20 39 20 2 562
24 0.09 0.09 0.09 0.032 1.790 338 128 19 38 19 2 545
25 0.09 0.08 0.08 0.031 1.821 328 125 19 37 19 2 528
26 0.08 0.08 0.08 0.030 1.850 318 121 18 36 18 2 513
27 0.08 0.08 0.08 0.029 1.880 309 118 18 35 18 1 498
28 0.08 0.08 0.08 0.028 1.908 301 114 17 34 17 1 485
29 0.08 0.07 0.08 0.028 1.935 293 111 17 33 17 1 472
30 0.07 0.07 0.07 0.027 1.962 286 109 16 32 16 1 460

1.962

Daily Gas Production Annual Gas Production Annual NGL and Oil Production



 

-107- 
 

 
Figure A.6: Type-curve output for the Barnett play.

Barnett

Year Beginning Ending Average Annual Cumulative C2 C3 NC4 IC4 NG Oil Total
MMcf/d MMcf/d MMcf/d Bcf Bcf Bbl Bbl Bbl Bbl Bbl Bbl Bbl

1 7.00 4.37 5.69 2.076 2.076 28,224 8,228 3,237 2,403 1,332 0 43,425
2 4.37 3.35 3.86 1.410 3.486 19,175 5,590 2,199 1,633 905 0 29,502
3 3.35 2.78 3.07 1.120 4.606 15,228 4,439 1,747 1,297 718 0 23,430
4 2.78 2.41 2.60 0.948 5.554 12,893 3,758 1,479 1,098 608 0 19,836
5 2.41 2.15 2.28 0.832 6.386 11,311 3,297 1,297 963 534 0 17,403
6 2.15 1.95 2.05 0.747 7.133 10,153 2,960 1,165 865 479 0 15,622
7 1.95 1.79 1.87 0.681 7.814 9,261 2,700 1,062 789 437 0 14,249
8 1.79 1.66 1.72 0.629 8.443 8,548 2,492 980 728 403 0 13,152
9 1.66 1.55 1.60 0.586 9.028 7,963 2,321 913 678 376 0 12,251

10 1.55 1.46 1.51 0.549 9.578 7,471 2,178 857 636 352 0 11,494
11 1.46 1.38 1.42 0.519 10.096 7,051 2,056 809 600 333 0 10,848
12 1.38 1.31 1.35 0.492 10.588 6,688 1,950 767 569 316 0 10,289
13 1.31 1.25 1.28 0.468 11.056 6,369 1,857 730 542 300 0 9,799
14 1.25 1.20 1.23 0.448 11.504 6,087 1,774 698 518 287 0 9,365
15 1.20 1.15 1.18 0.429 11.933 5,835 1,701 669 497 275 0 8,978
16 1.15 1.11 1.13 0.413 12.346 5,609 1,635 643 478 265 0 8,630
17 1.11 1.07 1.09 0.397 12.743 5,404 1,575 620 460 255 0 8,314
18 1.07 1.03 1.05 0.384 13.127 5,218 1,521 598 444 246 0 8,028
19 1.03 1.00 1.02 0.371 13.498 5,047 1,471 579 430 238 0 7,765
20 1.00 0.97 0.99 0.360 13.858 4,890 1,426 561 416 231 0 7,524
21 0.97 0.94 0.96 0.349 14.207 4,745 1,383 544 404 224 0 7,301
22 0.94 0.92 0.93 0.339 14.546 4,611 1,344 529 393 218 0 7,094
23 0.92 0.89 0.90 0.330 14.876 4,486 1,308 515 382 212 0 6,902
24 0.89 0.87 0.88 0.321 15.197 4,370 1,274 501 372 206 0 6,723
25 0.87 0.85 0.86 0.313 15.511 4,261 1,242 489 363 201 0 6,556
26 0.85 0.83 0.84 0.306 15.816 4,159 1,212 477 354 196 0 6,399
27 0.83 0.81 0.82 0.299 16.115 4,063 1,184 466 346 192 0 6,251
28 0.81 0.79 0.80 0.292 16.407 3,972 1,158 456 338 187 0 6,112
29 0.79 0.77 0.78 0.286 16.693 3,887 1,133 446 331 183 0 5,980
30 0.77 0.76 0.77 0.280 16.973 3,806 1,110 437 324 180 0 5,856

16.973
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Figure A.7: Type-curve output for the Antrim play.

Antrim

Year Beginning Ending Average Annual Cumulative C2 C3 NC4 IC4 NG Oil Total
MMcf/d MMcf/d MMcf/d Bcf Bcf Bbl Bbl Bbl Bbl Bbl Bbl Bbl

1 0.30 0.18 0.24 0.087 0.087 1,038 261 0 0 0 0 1,299
2 0.18 0.13 0.15 0.056 0.143 670 168 0 0 0 0 838
3 0.13 0.10 0.12 0.043 0.186 511 129 0 0 0 0 640
4 0.10 0.09 0.10 0.035 0.222 420 106 0 0 0 0 525
5 0.09 0.08 0.08 0.030 0.252 359 90 0 0 0 0 449
6 0.08 0.07 0.07 0.026 0.278 315 79 0 0 0 0 395
7 0.07 0.06 0.06 0.024 0.302 282 71 0 0 0 0 353
8 0.06 0.06 0.06 0.022 0.324 256 64 0 0 0 0 321
9 0.06 0.05 0.05 0.020 0.343 235 59 0 0 0 0 294

10 0.05 0.05 0.05 0.018 0.362 218 55 0 0 0 0 272
11 0.05 0.05 0.05 0.017 0.379 203 51 0 0 0 0 254
12 0.05 0.04 0.04 0.016 0.395 190 48 0 0 0 0 238
13 0.04 0.04 0.04 0.015 0.410 179 45 0 0 0 0 225
14 0.04 0.04 0.04 0.014 0.424 170 43 0 0 0 0 213
15 0.04 0.04 0.04 0.014 0.437 161 41 0 0 0 0 202
16 0.04 0.03 0.04 0.013 0.450 154 39 0 0 0 0 192
17 0.03 0.03 0.03 0.012 0.463 147 37 0 0 0 0 184
18 0.03 0.03 0.03 0.012 0.475 141 35 0 0 0 0 176
19 0.03 0.03 0.03 0.011 0.486 135 34 0 0 0 0 169
20 0.03 0.03 0.03 0.011 0.497 130 33 0 0 0 0 163
21 0.03 0.03 0.03 0.011 0.507 125 32 0 0 0 0 157
22 0.03 0.03 0.03 0.010 0.518 121 30 0 0 0 0 152
23 0.03 0.03 0.03 0.010 0.527 117 29 0 0 0 0 147
24 0.03 0.03 0.03 0.010 0.537 113 29 0 0 0 0 142
25 0.03 0.02 0.03 0.009 0.546 110 28 0 0 0 0 138
26 0.02 0.02 0.02 0.009 0.555 107 27 0 0 0 0 134
27 0.02 0.02 0.02 0.009 0.564 104 26 0 0 0 0 130
28 0.02 0.02 0.02 0.008 0.572 101 25 0 0 0 0 126
29 0.02 0.02 0.02 0.008 0.581 98 25 0 0 0 0 123
30 0.02 0.02 0.02 0.008 0.589 96 24 0 0 0 0 120

0.589
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Figure A.8: Type-curve output for the New Albany play.

New Albany

Year Beginning Ending Average Annual Cumulative C2 C3 NC4 IC4 NG Oil Total
MMcf/d MMcf/d MMcf/d Bcf Bcf Bbl Bbl Bbl Bbl Bbl Bbl Bbl

1 2.00 1.46 1.73 0.631 0.631 1,395 1,395 0 0 0 0 2,790
2 1.46 1.19 1.32 0.483 1.114 1,068 1,068 0 0 0 0 2,137
3 1.19 1.03 1.11 0.405 1.519 896 896 0 0 0 0 1,792
4 1.03 0.92 0.97 0.355 1.874 785 785 0 0 0 0 1,571
5 0.92 0.83 0.87 0.319 2.193 706 706 0 0 0 0 1,412
6 0.83 0.77 0.80 0.292 2.485 646 646 0 0 0 0 1,292
7 0.77 0.72 0.74 0.271 2.756 599 599 0 0 0 0 1,197
8 0.72 0.67 0.69 0.253 3.009 560 560 0 0 0 0 1,120
9 0.67 0.63 0.65 0.238 3.248 527 527 0 0 0 0 1,055

10 0.63 0.60 0.62 0.226 3.474 500 500 0 0 0 0 1,000
11 0.60 0.58 0.59 0.215 3.689 476 476 0 0 0 0 952
12 0.58 0.55 0.56 0.206 3.894 455 455 0 0 0 0 910
13 0.55 0.53 0.54 0.197 4.092 436 436 0 0 0 0 873
14 0.53 0.51 0.52 0.190 4.282 420 420 0 0 0 0 840
15 0.51 0.49 0.50 0.183 4.465 405 405 0 0 0 0 810
16 0.49 0.48 0.48 0.177 4.642 391 391 0 0 0 0 783
17 0.48 0.46 0.47 0.171 4.813 379 379 0 0 0 0 758
18 0.46 0.45 0.46 0.166 4.980 368 368 0 0 0 0 736
19 0.45 0.44 0.44 0.162 5.141 358 358 0 0 0 0 715
20 0.44 0.43 0.43 0.157 5.298 348 348 0 0 0 0 696
21 0.43 0.41 0.42 0.153 5.452 339 339 0 0 0 0 678
22 0.41 0.40 0.41 0.150 5.601 331 331 0 0 0 0 661
23 0.40 0.40 0.40 0.146 5.747 323 323 0 0 0 0 646
24 0.40 0.39 0.39 0.143 5.890 316 316 0 0 0 0 632
25 0.39 0.38 0.38 0.140 6.030 309 309 0 0 0 0 618
26 0.38 0.37 0.37 0.137 6.167 303 303 0 0 0 0 605
27 0.37 0.36 0.37 0.134 6.301 296 296 0 0 0 0 593
28 0.36 0.36 0.36 0.131 6.432 291 291 0 0 0 0 582
29 0.36 0.35 0.35 0.129 6.561 285 285 0 0 0 0 571
30 0.35 0.34 0.35 0.127 6.688 280 280 0 0 0 0 560

6.688
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Figure A.9: Type-curve output for the Woodford play.

Woodford

Year Beginning Ending Average Annual Cumulative C2 C3 NC4 IC4 NG Oil Total
MMcf/d MMcf/d MMcf/d Bcf Bcf Bbl Bbl Bbl Bbl Bbl Bbl Bbl

1 7.50 4.55 6.03 2.200 2.200 3,657 0 0 0 0 0 3,657
2 4.55 3.21 3.88 1.417 3.617 2,356 0 0 0 0 0 2,356
3 3.21 2.45 2.83 1.033 4.650 1,717 0 0 0 0 0 1,717
4 2.45 1.97 2.21 0.806 5.457 1,340 0 0 0 0 0 1,340
5 1.97 1.63 1.80 0.657 6.114 1,093 0 0 0 0 0 1,093
6 1.63 1.39 1.51 0.553 6.666 919 0 0 0 0 0 919
7 1.39 1.21 1.30 0.475 7.141 789 0 0 0 0 0 789
8 1.21 1.07 1.14 0.415 7.557 690 0 0 0 0 0 690
9 1.07 0.95 1.01 0.368 7.925 612 0 0 0 0 0 612

10 0.95 0.86 0.90 0.330 8.255 549 0 0 0 0 0 549
11 0.86 0.78 0.82 0.299 8.554 497 0 0 0 0 0 497
12 0.78 0.71 0.75 0.272 8.826 453 0 0 0 0 0 453
13 0.71 0.66 0.69 0.250 9.076 416 0 0 0 0 0 416
14 0.66 0.61 0.63 0.231 9.307 384 0 0 0 0 0 384
15 0.61 0.57 0.59 0.214 9.522 356 0 0 0 0 0 356
16 0.57 0.53 0.55 0.200 9.722 332 0 0 0 0 0 332
17 0.53 0.50 0.51 0.187 9.908 311 0 0 0 0 0 311
18 0.50 0.47 0.48 0.176 10.084 292 0 0 0 0 0 292
19 0.47 0.44 0.45 0.165 10.250 275 0 0 0 0 0 275
20 0.44 0.42 0.43 0.156 10.406 260 0 0 0 0 0 260
21 0.42 0.39 0.41 0.148 10.554 246 0 0 0 0 0 246
22 0.39 0.38 0.39 0.141 10.694 234 0 0 0 0 0 234
23 0.38 0.36 0.37 0.134 10.828 222 0 0 0 0 0 222
24 0.36 0.34 0.35 0.128 10.956 212 0 0 0 0 0 212
25 0.34 0.33 0.33 0.122 11.078 203 0 0 0 0 0 203
26 0.33 0.31 0.32 0.117 11.194 194 0 0 0 0 0 194
27 0.31 0.30 0.31 0.112 11.306 186 0 0 0 0 0 186
28 0.30 0.29 0.29 0.107 11.413 178 0 0 0 0 0 178
29 0.29 0.28 0.28 0.103 11.516 171 0 0 0 0 0 171
30 0.28 0.27 0.27 0.099 11.615 165 0 0 0 0 0 165

11.615
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Figure A.10: Type-curve output for the Fayetteville play.

Fayetteville

Year Beginning Ending Average Annual Cumulative C2 C3 NC4 IC4 NG Oil Total
MMcf/d MMcf/d MMcf/d Bcf Bcf Bbl Bbl Bbl Bbl Bbl Bbl Bbl

1 3.00 1.71 2.35 0.859 0.859 1,559 0 0 0 0 0 1,559
2 1.71 1.13 1.42 0.517 1.376 939 0 0 0 0 0 939
3 1.13 0.81 0.97 0.354 1.729 643 0 0 0 0 0 643
4 0.81 0.62 0.72 0.261 1.991 474 0 0 0 0 0 474
5 0.62 0.49 0.56 0.203 2.193 368 0 0 0 0 0 368
6 0.49 0.40 0.45 0.163 2.357 296 0 0 0 0 0 296
7 0.40 0.34 0.37 0.135 2.491 245 0 0 0 0 0 245
8 0.34 0.29 0.31 0.114 2.605 207 0 0 0 0 0 207
9 0.29 0.25 0.27 0.098 2.703 177 0 0 0 0 0 177

10 0.25 0.22 0.23 0.085 2.788 154 0 0 0 0 0 154
11 0.22 0.19 0.20 0.075 2.862 136 0 0 0 0 0 136
12 0.19 0.17 0.18 0.066 2.929 120 0 0 0 0 0 120
13 0.17 0.15 0.16 0.059 2.988 108 0 0 0 0 0 108
14 0.15 0.14 0.15 0.054 3.042 97 0 0 0 0 0 97
15 0.14 0.13 0.13 0.049 3.090 88 0 0 0 0 0 88
16 0.13 0.12 0.12 0.044 3.135 81 0 0 0 0 0 81
17 0.12 0.11 0.11 0.041 3.176 74 0 0 0 0 0 74
18 0.11 0.10 0.10 0.038 3.213 68 0 0 0 0 0 68
19 0.10 0.09 0.10 0.035 3.248 63 0 0 0 0 0 63
20 0.09 0.09 0.09 0.032 3.281 59 0 0 0 0 0 59
21 0.09 0.08 0.08 0.030 3.311 55 0 0 0 0 0 55
22 0.08 0.07 0.08 0.028 3.339 51 0 0 0 0 0 51
23 0.07 0.07 0.07 0.026 3.365 48 0 0 0 0 0 48
24 0.07 0.07 0.07 0.025 3.390 45 0 0 0 0 0 45
25 0.07 0.06 0.06 0.023 3.414 42 0 0 0 0 0 42
26 0.06 0.06 0.06 0.022 3.436 40 0 0 0 0 0 40
27 0.06 0.06 0.06 0.021 3.456 38 0 0 0 0 0 38
28 0.06 0.05 0.05 0.020 3.476 36 0 0 0 0 0 36
29 0.05 0.05 0.05 0.019 3.495 34 0 0 0 0 0 34
30 0.05 0.05 0.05 0.018 3.513 32 0 0 0 0 0 32

3.513
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Figure A.11: Type-curve output for the Haynesville play.

Haynesville

Year Beginning Ending Average Annual Cumulative C2 C3 NC4 IC4 NG Oil Total
MMcf/d MMcf/d MMcf/d Bcf Bcf Bbl Bbl Bbl Bbl Bbl Bbl Bbl

1 8.00 4.44 6.22 2.271 2.271 422 0 0 0 0 0 422
2 4.44 3.15 3.80 1.386 3.657 258 0 0 0 0 0 258
3 3.15 2.47 2.81 1.027 4.684 191 0 0 0 0 0 191
4 2.47 2.05 2.26 0.825 5.509 153 0 0 0 0 0 153
5 2.05 1.75 1.90 0.694 6.203 129 0 0 0 0 0 129
6 1.75 1.54 1.65 0.601 6.804 112 0 0 0 0 0 112
7 1.54 1.38 1.46 0.532 7.336 99 0 0 0 0 0 99
8 1.38 1.25 1.31 0.479 7.815 89 0 0 0 0 0 89
9 1.25 1.14 1.19 0.435 8.251 81 0 0 0 0 0 81

10 1.14 1.05 1.10 0.400 8.651 74 0 0 0 0 0 74
11 1.05 0.98 1.01 0.370 9.021 69 0 0 0 0 0 69
12 0.98 0.91 0.95 0.345 9.366 64 0 0 0 0 0 64
13 0.91 0.86 0.89 0.323 9.689 60 0 0 0 0 0 60
14 0.86 0.81 0.83 0.304 9.994 57 0 0 0 0 0 57
15 0.81 0.77 0.79 0.288 10.281 54 0 0 0 0 0 54
16 0.77 0.73 0.75 0.273 10.554 51 0 0 0 0 0 51
17 0.73 0.69 0.71 0.260 10.814 48 0 0 0 0 0 48
18 0.69 0.66 0.68 0.248 11.061 46 0 0 0 0 0 46
19 0.66 0.64 0.65 0.237 11.298 44 0 0 0 0 0 44
20 0.64 0.61 0.62 0.227 11.525 42 0 0 0 0 0 42
21 0.61 0.59 0.60 0.218 11.744 41 0 0 0 0 0 41
22 0.59 0.56 0.58 0.210 11.954 39 0 0 0 0 0 39
23 0.56 0.54 0.55 0.202 12.156 38 0 0 0 0 0 38
24 0.54 0.53 0.54 0.195 12.351 36 0 0 0 0 0 36
25 0.53 0.51 0.52 0.189 12.540 35 0 0 0 0 0 35
26 0.51 0.49 0.50 0.183 12.723 34 0 0 0 0 0 34
27 0.49 0.48 0.49 0.177 12.900 33 0 0 0 0 0 33
28 0.48 0.46 0.47 0.172 13.072 32 0 0 0 0 0 32
29 0.46 0.45 0.46 0.167 13.239 31 0 0 0 0 0 31
30 0.45 0.44 0.44 0.162 13.401 30 0 0 0 0 0 30

13.401
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Figure A.12: Type-curve output for the Bakken play.

Bakken

Annual Gas
Year Beginning Ending Average Annual Cumulative Production C2 C3 NC4 IC4 NG Total

Bbl/d Bbl/d Bbl/d Mbbl Mbbl Bcf Bbl Bbl Bbl Bbl Bbl Bbl
1 414 254 334 122 122 0.333 4261 1961 388 463 523 7596
2 254 197 226 82 204 0.225 2877 1325 262 313 353 5129
3 197 165 181 66 270 0.181 2310 1064 210 251 283 4119
4 165 145 155 57 327 0.155 1979 911 180 215 243 3527
5 145 130 138 50 377 0.137 1754 808 160 191 215 3127
6 130 119 125 45 423 0.124 1589 732 145 173 195 2833
7 119 110 115 42 465 0.114 1462 673 133 159 179 2606
8 110 103 107 39 504 0.106 1359 626 124 148 167 2423
9 103 97 100 36 540 0.100 1275 587 116 139 156 2273

10 97 92 94 34 575 0.094 1204 554 110 131 148 2146
11 92 87 90 33 607 0.089 1142 526 104 124 140 2037
12 87 83 85 31 638 0.085 1089 502 99 118 134 1942
13 83 80 82 30 668 0.082 1043 480 95 113 128 1859
14 80 77 79 29 697 0.078 1001 461 91 109 123 1785
15 77 74 76 28 725 0.075 964 444 88 105 118 1719
16 74 72 73 27 751 0.073 930 428 85 101 114 1659
17 72 69 71 26 777 0.070 900 414 82 98 110 1604
18 69 67 68 25 802 0.068 872 402 79 95 107 1555
19 67 65 66 24 826 0.066 847 390 77 92 104 1509
20 65 64 65 24 850 0.064 823 379 75 90 101 1467
21 64 62 63 23 873 0.063 801 369 73 87 98 1428
22 62 60 61 22 895 0.061 781 360 71 85 96 1392
23 60 59 60 22 917 0.060 762 351 69 83 93 1359
24 59 58 58 21 938 0.058 744 343 68 81 91 1327
25 58 56 57 21 959 0.057 728 335 66 79 89 1298
26 56 55 56 20 979 0.056 712 328 65 77 87 1270
27 55 54 55 20 999 0.055 698 321 63 76 86 1244
28 54 53 54 20 1019 0.053 684 315 62 74 84 1219
29 53 52 53 19 1038 0.052 671 309 61 73 82 1196
30 52 51 52 19 1057 0.051 658 303 60 72 81 1173

1057 2.887
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Appendix B 

 Cash flows analysis is shown for all 12 plays analyzed.  Because 10-year 

production is treated as the baseline case in the thesis, the 10-year scenario and breakeven 

price is shown.  

 

 
Figure B.1: 10-year cash flows for the Marcellus play. 

 
 
 
 
 
 
 

Marcellus
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $4.26 $2.90 $2.30 $1.95 $1.71 $1.53 $1.40 $1.29 $1.20 $1.13
Ethane $0.00 $1.21 $0.82 $0.65 $0.55 $0.49 $0.44 $0.40 $0.37 $0.34 $0.32
Propane $0.00 $0.11 $0.07 $0.06 $0.05 $0.04 $0.04 $0.04 $0.03 $0.03 $0.03
N-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Iso-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Natural gasoline $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Oil $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Revenues $0.00 $5.58 $3.80 $3.02 $2.55 $2.24 $2.01 $1.83 $1.69 $1.57 $1.47

F&D $0.00 ($1.56) ($1.06) ($0.84) ($0.71) ($0.63) ($0.56) ($0.51) ($0.47) ($0.44) ($0.41)
LOE $0.00 ($1.12) ($0.76) ($0.61) ($0.51) ($0.45) ($0.40) ($0.37) ($0.34) ($0.32) ($0.30)
T&F $0.00 ($0.62) ($0.42) ($0.33) ($0.28) ($0.25) ($0.22) ($0.20) ($0.19) ($0.17) ($0.16)
Royalties $0.00 ($0.84) ($0.57) ($0.45) ($0.38) ($0.34) ($0.30) ($0.27) ($0.25) ($0.24) ($0.22)
Pre-construction ($0.60) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($2.63) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.09) ($0.16) ($0.13) ($0.10) ($0.08) ($0.06) ($0.06) ($0.06) ($0.06) ($0.06)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($3.23) ($4.23) ($2.98) ($2.36) ($1.99) ($1.74) ($1.55) ($1.41) ($1.31) ($1.22) ($1.15)

Earnings before income taxes ($3.23) $1.35 $0.82 $0.65 $0.56 $0.50 $0.45 $0.42 $0.38 $0.35 $0.32
Loss carryforward $0.00 ($1.35) ($0.82) ($0.65) ($0.40) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($3.23) $0.00 $0.00 $0.00 $0.16 $0.50 $0.45 $0.42 $0.38 $0.35 $0.32

Taxes (@ 35%) $0.00 $0.00 $0.00 $0.00 ($0.06) ($0.17) ($0.16) ($0.15) ($0.13) ($0.12) ($0.11)
Net income ($3.23) $1.35 $0.82 $0.65 $0.50 $0.32 $0.30 $0.27 $0.25 $0.23 $0.21

Depreciation $0.00 $0.09 $0.16 $0.13 $0.10 $0.08 $0.06 $0.06 $0.06 $0.06 $0.06
Capital expenditure ($0.88) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($4.10) $1.44 $0.98 $0.78 $0.60 $0.40 $0.36 $0.33 $0.30 $0.28 $0.27

Breakeven natural gas $3.32

Outputs
IRR 10%
EUR (Bcfe) 10.3
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Figure B.2: 10-year cash flows for the Cana Woodford play. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

Cana Woodford
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $7.77 $5.27 $4.15 $3.49 $3.05 $2.72 $2.47 $2.27 $2.11 $1.97
Ethane $0.00 $0.40 $0.27 $0.21 $0.18 $0.16 $0.14 $0.13 $0.12 $0.11 $0.10
Propane $0.00 $0.41 $0.27 $0.22 $0.18 $0.16 $0.14 $0.13 $0.12 $0.11 $0.10
N-Butane $0.00 $0.10 $0.07 $0.05 $0.05 $0.04 $0.04 $0.03 $0.03 $0.03 $0.03
Iso-Butane $0.00 $0.13 $0.09 $0.07 $0.06 $0.05 $0.05 $0.04 $0.04 $0.04 $0.03
Natural gasoline $0.00 $0.17 $0.11 $0.09 $0.07 $0.07 $0.06 $0.05 $0.05 $0.05 $0.04
Oil $0.00 $0.89 $0.61 $0.48 $0.40 $0.35 $0.31 $0.28 $0.26 $0.24 $0.23
Revenues $0.00 $9.87 $6.69 $5.27 $4.43 $3.87 $3.45 $3.14 $2.88 $2.67 $2.50

F&D $0.00 ($2.68) ($1.81) ($1.43) ($1.20) ($1.05) ($0.94) ($0.85) ($0.78) ($0.73) ($0.68)
LOE $0.00 ($0.49) ($0.33) ($0.26) ($0.22) ($0.19) ($0.17) ($0.16) ($0.14) ($0.13) ($0.12)
T&F $0.00 ($0.14) ($0.10) ($0.08) ($0.06) ($0.06) ($0.05) ($0.05) ($0.04) ($0.04) ($0.04)
Royalties $0.00 ($1.97) ($1.34) ($1.05) ($0.89) ($0.77) ($0.69) ($0.63) ($0.58) ($0.53) ($0.50)
Pre-construction ($4.92) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($6.00) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.20) ($0.36) ($0.29) ($0.23) ($0.18) ($0.15) ($0.13) ($0.13) ($0.13) ($0.13)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($10.92) ($5.48) ($3.94) ($3.11) ($2.60) ($2.25) ($2.00) ($1.81) ($1.67) ($1.56) ($1.47)

Earnings before income taxes ($10.92) $4.39 $2.75 $2.16 $1.83 $1.61 $1.46 $1.33 $1.21 $1.11 $1.03
Loss carryforward $0.00 ($4.39) ($2.75) ($2.16) ($1.62) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($10.92) $0.00 $0.00 $0.00 $0.21 $1.61 $1.46 $1.33 $1.21 $1.11 $1.03

Taxes (@ 35%) $0.00 $0.00 $0.00 $0.00 ($0.07) ($0.56) ($0.51) ($0.46) ($0.42) ($0.39) ($0.36)
Net income ($10.92) $4.39 $2.75 $2.16 $1.76 $1.05 $0.95 $0.86 $0.79 $0.72 $0.67

Depreciation $0.00 $0.20 $0.36 $0.29 $0.23 $0.18 $0.15 $0.13 $0.13 $0.13 $0.13
Capital expenditure ($2.00) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($12.92) $4.59 $3.11 $2.45 $1.99 $1.23 $1.10 $0.99 $0.92 $0.85 $0.80

Breakeven natural gas $4.63

Outputs
IRR 10%
EUR (Bcfe) 7.4
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Figure B.3: 10-year cash flows for the Utica play. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 

Utica
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $1.60 $1.03 $0.79 $0.65 $0.55 $0.49 $0.44 $0.39 $0.36 $0.34
Ethane $0.00 $0.14 $0.09 $0.07 $0.06 $0.05 $0.04 $0.04 $0.04 $0.03 $0.03
Propane $0.00 $0.15 $0.09 $0.07 $0.06 $0.05 $0.04 $0.04 $0.04 $0.03 $0.03
N-Butane $0.00 $0.04 $0.02 $0.02 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Iso-Butane $0.00 $0.05 $0.03 $0.02 $0.02 $0.02 $0.01 $0.01 $0.01 $0.01 $0.01
Natural gasoline $0.00 $0.06 $0.04 $0.03 $0.02 $0.02 $0.02 $0.02 $0.01 $0.01 $0.01
Oil $0.00 $2.01 $1.29 $0.99 $0.81 $0.69 $0.61 $0.55 $0.50 $0.45 $0.42
Revenues $0.00 $4.04 $2.61 $1.99 $1.63 $1.40 $1.23 $1.10 $1.00 $0.91 $0.85

F&D $0.00 ($0.80) ($0.52) ($0.40) ($0.33) ($0.28) ($0.24) ($0.22) ($0.20) ($0.18) ($0.17)
LOE $0.00 ($0.66) ($0.42) ($0.32) ($0.26) ($0.23) ($0.20) ($0.18) ($0.16) ($0.15) ($0.14)
T&F $0.00 ($0.38) ($0.24) ($0.19) ($0.15) ($0.13) ($0.12) ($0.10) ($0.09) ($0.09) ($0.08)
Royalties $0.00 ($0.50) ($0.33) ($0.25) ($0.20) ($0.17) ($0.15) ($0.14) ($0.12) ($0.11) ($0.11)
Pre-construction ($1.19) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($2.44) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.08) ($0.15) ($0.12) ($0.09) ($0.07) ($0.06) ($0.05) ($0.05) ($0.05) ($0.05)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($3.63) ($2.42) ($1.66) ($1.27) ($1.04) ($0.89) ($0.77) ($0.69) ($0.63) ($0.58) ($0.54)

Earnings before income taxes ($3.63) $1.61 $0.95 $0.72 $0.59 $0.51 $0.45 $0.41 $0.37 $0.33 $0.30
Loss carryforward $0.00 ($1.61) ($0.95) ($0.72) ($0.35) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($3.63) $0.00 $0.00 $0.00 $0.24 $0.51 $0.45 $0.41 $0.37 $0.33 $0.30

Taxes (@ 35%) $0.00 $0.00 $0.00 $0.00 ($0.08) ($0.18) ($0.16) ($0.14) ($0.13) ($0.12) ($0.11)
Net income ($3.63) $1.61 $0.95 $0.72 $0.51 $0.33 $0.30 $0.26 $0.24 $0.21 $0.20

Depreciation $0.00 $0.08 $0.15 $0.12 $0.09 $0.07 $0.06 $0.05 $0.05 $0.05 $0.05
Capital expenditure ($0.81) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($4.44) $1.69 $1.09 $0.83 $0.60 $0.41 $0.36 $0.32 $0.29 $0.27 $0.25

Breakeven natural gas $3.97

Outputs
IRR 10%
EUR (Bcfe) 1.6
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Figure B.4: 10-year cash flows for the Eagle Ford play. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

Eagle Ford
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $9.87 $6.19 $4.59 $3.67 $3.07 $2.65 $2.33 $2.09 $1.89 $1.73
Ethane $0.00 $2.22 $1.39 $1.03 $0.83 $0.69 $0.60 $0.53 $0.47 $0.43 $0.39
Propane $0.00 $1.94 $1.21 $0.90 $0.72 $0.60 $0.52 $0.46 $0.41 $0.37 $0.34
N-Butane $0.00 $1.01 $0.64 $0.47 $0.38 $0.32 $0.27 $0.24 $0.21 $0.19 $0.18
Iso-Butane $0.00 $1.09 $0.68 $0.51 $0.40 $0.34 $0.29 $0.26 $0.23 $0.21 $0.19
Natural gasoline $0.00 $0.26 $0.17 $0.12 $0.10 $0.08 $0.07 $0.06 $0.06 $0.05 $0.05
Oil $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Revenues $0.00 $16.39 $10.29 $7.62 $6.10 $5.11 $4.40 $3.87 $3.47 $3.14 $2.87

F&D $0.00 ($4.11) ($2.58) ($1.91) ($1.53) ($1.28) ($1.10) ($0.97) ($0.87) ($0.79) ($0.72)
LOE $0.00 ($4.11) ($2.58) ($1.91) ($1.53) ($1.28) ($1.10) ($0.97) ($0.87) ($0.79) ($0.72)
T&F $0.00 ($0.59) ($0.37) ($0.28) ($0.22) ($0.18) ($0.16) ($0.14) ($0.13) ($0.11) ($0.10)
Royalties $0.00 ($4.10) ($2.57) ($1.91) ($1.53) ($1.28) ($1.10) ($0.97) ($0.87) ($0.78) ($0.72)
Pre-construction ($2.87) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($4.35) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.15) ($0.26) ($0.21) ($0.17) ($0.13) ($0.11) ($0.09) ($0.09) ($0.10) ($0.09)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($7.22) ($13.05) ($8.36) ($6.21) ($4.97) ($4.15) ($3.57) ($3.15) ($2.82) ($2.57) ($2.35)

Earnings before income taxes ($7.22) $3.34 $1.93 $1.41 $1.13 $0.95 $0.83 $0.73 $0.64 $0.57 $0.52
Loss carryforward $0.00 ($3.34) ($1.93) ($1.41) ($0.54) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($7.22) $0.00 $0.00 $0.00 $0.60 $0.95 $0.83 $0.73 $0.64 $0.57 $0.52

Taxes (@ 35%) $0.00 $0.00 $0.00 $0.00 ($0.21) ($0.33) ($0.29) ($0.26) ($0.22) ($0.20) ($0.18)
Net income ($7.22) $3.34 $1.93 $1.41 $0.92 $0.62 $0.54 $0.47 $0.42 $0.37 $0.33

Depreciation $0.00 $0.15 $0.26 $0.21 $0.17 $0.13 $0.11 $0.09 $0.09 $0.10 $0.09
Capital expenditure ($1.45) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($8.67) $3.49 $2.19 $1.62 $1.09 $0.75 $0.65 $0.57 $0.51 $0.47 $0.43

Breakeven natural gas $3.51

Outputs
IRR 10%
EUR (Bcfe) 10.6
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Figure B.5: 10-year cash flows for the Devonian play. 

 
 
 
 
 
 
 
 
 
 

 
 

 
 

 
 
 
 

Devonian
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $2.18 $1.41 $1.08 $0.88 $0.76 $0.66 $0.59 $0.54 $0.49 $0.46
Ethane $0.00 $0.08 $0.05 $0.04 $0.03 $0.03 $0.02 $0.02 $0.02 $0.02 $0.02
Propane $0.00 $0.06 $0.04 $0.03 $0.03 $0.02 $0.02 $0.02 $0.02 $0.01 $0.01
N-Butane $0.00 $0.01 $0.01 $0.01 $0.01 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Iso-Butane $0.00 $0.03 $0.02 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Natural gasoline $0.00 $0.02 $0.01 $0.01 $0.01 $0.01 $0.00 $0.00 $0.00 $0.00 $0.00
Oil $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Revenues $0.00 $2.38 $1.54 $1.17 $0.96 $0.82 $0.72 $0.65 $0.59 $0.54 $0.50

F&D $0.00 ($0.38) ($0.24) ($0.19) ($0.15) ($0.13) ($0.11) ($0.10) ($0.09) ($0.09) ($0.08)
LOE $0.00 ($0.44) ($0.28) ($0.21) ($0.18) ($0.15) ($0.13) ($0.12) ($0.11) ($0.10) ($0.09)
T&F $0.00 ($0.06) ($0.04) ($0.03) ($0.02) ($0.02) ($0.02) ($0.02) ($0.01) ($0.01) ($0.01)
Royalties $0.00 ($0.48) ($0.31) ($0.23) ($0.19) ($0.16) ($0.14) ($0.13) ($0.12) ($0.11) ($0.10)
Pre-construction ($0.95) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($1.31) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.04) ($0.08) ($0.06) ($0.05) ($0.04) ($0.03) ($0.03) ($0.03) ($0.03) ($0.03)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($2.26) ($1.39) ($0.95) ($0.73) ($0.60) ($0.51) ($0.44) ($0.40) ($0.36) ($0.33) ($0.31)

Earnings before income taxes ($2.26) $0.99 $0.59 $0.44 $0.37 $0.32 $0.28 $0.25 $0.23 $0.20 $0.19
Loss carryforward $0.00 ($0.99) ($0.59) ($0.44) ($0.25) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($2.26) $0.00 $0.00 $0.00 $0.12 $0.32 $0.28 $0.25 $0.23 $0.20 $0.19

Taxes (@ 35%) $0.00 $0.00 $0.00 $0.00 ($0.04) ($0.11) ($0.10) ($0.09) ($0.08) ($0.07) ($0.07)
Net income ($2.26) $0.99 $0.59 $0.44 $0.32 $0.21 $0.18 $0.16 $0.15 $0.13 $0.12

Depreciation $0.00 $0.04 $0.08 $0.06 $0.05 $0.04 $0.03 $0.03 $0.03 $0.03 $0.03
Capital expenditure ($0.44) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($2.70) $1.03 $0.66 $0.51 $0.38 $0.25 $0.21 $0.19 $0.18 $0.16 $0.15

Breakeven natural gas $7.31

Outputs
IRR 10%
EUR (Bcfe) 1.2
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Figure B.6: 10-year cash flows for the Barnett play. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 

Barnett
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $9.54 $6.48 $5.15 $4.36 $3.82 $3.43 $3.13 $2.89 $2.69 $2.52
Ethane $0.00 $0.70 $0.48 $0.38 $0.32 $0.28 $0.25 $0.23 $0.21 $0.20 $0.19
Propane $0.00 $0.45 $0.31 $0.24 $0.21 $0.18 $0.16 $0.15 $0.14 $0.13 $0.12
N-Butane $0.00 $0.23 $0.15 $0.12 $0.10 $0.09 $0.08 $0.07 $0.07 $0.06 $0.06
Iso-Butane $0.00 $0.18 $0.12 $0.10 $0.08 $0.07 $0.07 $0.06 $0.05 $0.05 $0.05
Natural gasoline $0.00 $0.11 $0.08 $0.06 $0.05 $0.05 $0.04 $0.04 $0.03 $0.03 $0.03
Oil $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Revenues $0.00 $11.21 $7.62 $6.05 $5.12 $4.49 $4.03 $3.68 $3.40 $3.16 $2.97

F&D $0.00 ($2.18) ($1.48) ($1.18) ($1.00) ($0.87) ($0.78) ($0.72) ($0.66) ($0.61) ($0.58)
LOE $0.00 ($3.84) ($2.61) ($2.07) ($1.75) ($1.54) ($1.38) ($1.26) ($1.16) ($1.08) ($1.02)
T&F $0.00 ($0.20) ($0.14) ($0.11) ($0.09) ($0.08) ($0.07) ($0.07) ($0.06) ($0.06) ($0.05)
Royalties $0.00 ($2.80) ($1.90) ($1.51) ($1.28) ($1.12) ($1.01) ($0.92) ($0.85) ($0.79) ($0.74)
Pre-construction ($3.25) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($2.25) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.08) ($0.14) ($0.11) ($0.09) ($0.07) ($0.06) ($0.05) ($0.05) ($0.05) ($0.05)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($5.50) ($9.10) ($6.27) ($4.98) ($4.21) ($3.69) ($3.30) ($3.01) ($2.78) ($2.59) ($2.44)

Earnings before income taxes ($5.50) $2.11 $1.35 $1.07 $0.91 $0.81 $0.73 $0.67 $0.61 $0.57 $0.53
Loss carryforward $0.00 ($2.11) ($1.35) ($1.07) ($0.91) ($0.05) $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($5.50) $0.00 $0.00 $0.00 $0.00 $0.75 $0.73 $0.67 $0.61 $0.57 $0.53

Taxes (@ 35%) $0.00 $0.00 $0.00 $0.00 $0.00 ($0.26) ($0.26) ($0.23) ($0.21) ($0.20) ($0.19)
Net income ($5.50) $2.11 $1.35 $1.07 $0.91 $0.54 $0.48 $0.43 $0.40 $0.37 $0.34

Depreciation $0.00 $0.08 $0.14 $0.11 $0.09 $0.07 $0.06 $0.05 $0.05 $0.05 $0.05
Capital expenditure ($0.75) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($6.25) $2.19 $1.49 $1.18 $1.00 $0.61 $0.53 $0.48 $0.45 $0.42 $0.39

Breakeven natural gas $4.47

Outputs
IRR 10%
EUR (Bcfe) 9.6
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Figure B.7: 10-year cash flows for the Antrim play. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

Antrim
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $0.57 $0.37 $0.28 $0.23 $0.20 $0.17 $0.16 $0.14 $0.13 $0.12
Ethane $0.00 $0.03 $0.02 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Propane $0.00 $0.01 $0.01 $0.01 $0.01 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
N-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Iso-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Natural gasoline $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Oil $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Revenues $0.00 $0.61 $0.39 $0.30 $0.25 $0.21 $0.19 $0.17 $0.15 $0.14 $0.13

F&D $0.00 ($0.06) ($0.04) ($0.03) ($0.02) ($0.02) ($0.02) ($0.02) ($0.02) ($0.01) ($0.01)
LOE $0.00 ($0.13) ($0.08) ($0.06) ($0.05) ($0.05) ($0.04) ($0.04) ($0.03) ($0.03) ($0.03)
T&F $0.00 ($0.02) ($0.01) ($0.01) ($0.01) ($0.01) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00)
Royalties $0.00 ($0.12) ($0.08) ($0.06) ($0.05) ($0.04) ($0.04) ($0.03) ($0.03) ($0.03) ($0.03)
Pre-construction ($0.34) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($0.30) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.01) ($0.02) ($0.01) ($0.01) ($0.01) ($0.01) ($0.01) ($0.01) ($0.01) ($0.01)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($0.64) ($0.34) ($0.23) ($0.18) ($0.14) ($0.12) ($0.11) ($0.10) ($0.09) ($0.08) ($0.08)

Earnings before income taxes ($0.64) $0.27 $0.16 $0.12 $0.10 $0.09 $0.08 $0.07 $0.06 $0.06 $0.05
Loss carryforward $0.00 ($0.27) ($0.16) ($0.12) ($0.08) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($0.64) $0.00 $0.00 $0.00 $0.02 $0.09 $0.08 $0.07 $0.06 $0.06 $0.05

Taxes (@ 35%) $0.00 $0.00 $0.00 $0.00 ($0.01) ($0.03) ($0.03) ($0.02) ($0.02) ($0.02) ($0.02)
Net income ($0.64) $0.27 $0.16 $0.12 $0.09 $0.06 $0.05 $0.05 $0.04 $0.04 $0.03

Depreciation $0.00 $0.01 $0.02 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Capital expenditure ($0.10) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($0.74) $0.28 $0.18 $0.14 $0.11 $0.07 $0.06 $0.05 $0.05 $0.04 $0.04

Breakeven natural gas $6.38

Outputs
IRR 10%
EUR (Bcfe) 0.4
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Figure B.8: 10-year cash flows for the New Albany play. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

New Albany
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $3.04 $2.33 $1.95 $1.71 $1.54 $1.41 $1.30 $1.22 $1.15 $1.09
Ethane $0.00 $0.03 $0.03 $0.02 $0.02 $0.02 $0.02 $0.01 $0.01 $0.01 $0.01
Propane $0.00 $0.08 $0.06 $0.05 $0.04 $0.04 $0.04 $0.03 $0.03 $0.03 $0.03
N-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Iso-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Natural gasoline $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Oil $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Revenues $0.00 $3.15 $2.41 $2.02 $1.77 $1.59 $1.46 $1.35 $1.26 $1.19 $1.13

F&D $0.00 ($0.63) ($0.48) ($0.41) ($0.36) ($0.32) ($0.29) ($0.27) ($0.25) ($0.24) ($0.23)
LOE $0.00 ($0.95) ($0.72) ($0.61) ($0.53) ($0.48) ($0.44) ($0.41) ($0.38) ($0.36) ($0.34)
T&F $0.00 ($0.03) ($0.03) ($0.02) ($0.02) ($0.02) ($0.02) ($0.01) ($0.01) ($0.01) ($0.01)
Royalties $0.00 ($0.63) ($0.48) ($0.40) ($0.35) ($0.32) ($0.29) ($0.27) ($0.25) ($0.24) ($0.23)
Pre-construction ($2.11) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($0.68) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.02) ($0.04) ($0.03) ($0.03) ($0.02) ($0.02) ($0.01) ($0.01) ($0.01) ($0.01)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($2.78) ($2.26) ($1.76) ($1.47) ($1.29) ($1.15) ($1.05) ($0.98) ($0.91) ($0.86) ($0.82)

Earnings before income taxes ($2.78) $0.89 $0.65 $0.55 $0.49 $0.44 $0.40 $0.37 $0.35 $0.33 $0.31
Loss carryforward $0.00 ($0.89) ($0.65) ($0.55) ($0.49) ($0.20) $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($2.78) $0.00 $0.00 $0.00 $0.00 $0.23 $0.40 $0.37 $0.35 $0.33 $0.31

Taxes (@ 35%) $0.00 $0.00 $0.00 $0.00 $0.00 ($0.08) ($0.14) ($0.13) ($0.12) ($0.11) ($0.11)
Net income ($2.78) $0.89 $0.65 $0.55 $0.49 $0.36 $0.26 $0.24 $0.23 $0.21 $0.20

Depreciation $0.00 $0.02 $0.04 $0.03 $0.03 $0.02 $0.02 $0.01 $0.01 $0.01 $0.01
Capital expenditure ($0.23) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($3.01) $0.91 $0.70 $0.58 $0.51 $0.38 $0.28 $0.26 $0.24 $0.23 $0.22

Breakeven natural gas $4.68

Outputs
IRR 10%
EUR (Bcfe) 3.5
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Figure B.9: 10-year cash flows for the Woodford play. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 

Woodford
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $14.12 $9.09 $6.63 $5.17 $4.22 $3.55 $3.05 $2.66 $2.36 $2.12
Ethane $0.00 $0.09 $0.06 $0.04 $0.03 $0.03 $0.02 $0.02 $0.02 $0.02 $0.01
Propane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
N-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Iso-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Natural gasoline $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Oil $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Revenues $0.00 $14.21 $9.15 $6.67 $5.21 $4.25 $3.57 $3.07 $2.68 $2.38 $2.13

F&D $0.00 ($4.13) ($2.66) ($1.94) ($1.51) ($1.23) ($1.04) ($0.89) ($0.78) ($0.69) ($0.62)
LOE $0.00 ($2.75) ($1.77) ($1.29) ($1.01) ($0.82) ($0.69) ($0.59) ($0.52) ($0.46) ($0.41)
T&F $0.00 ($0.01) ($0.01) ($0.01) ($0.01) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00)
Royalties $0.00 ($3.84) ($2.47) ($1.80) ($1.41) ($1.15) ($0.96) ($0.83) ($0.72) ($0.64) ($0.58)
Pre-construction ($1.81) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($5.03) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.17) ($0.30) ($0.24) ($0.19) ($0.15) ($0.12) ($0.11) ($0.11) ($0.11) ($0.11)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($6.83) ($10.89) ($7.21) ($5.28) ($4.12) ($3.36) ($2.82) ($2.42) ($2.13) ($1.90) ($1.72)

Earnings before income taxes ($6.83) $3.31 $1.94 $1.39 $1.08 $0.89 $0.75 $0.64 $0.55 $0.47 $0.41
Loss carryforward $0.00 ($3.31) ($1.94) ($1.39) ($0.18) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($6.83) $0.00 $0.00 $0.00 $0.90 $0.89 $0.75 $0.64 $0.55 $0.47 $0.41

Taxes (@ 35%) $0.00 $0.00 $0.00 $0.00 ($0.31) ($0.31) ($0.26) ($0.22) ($0.19) ($0.17) ($0.14)
Net income ($6.83) $3.31 $1.94 $1.39 $0.77 $0.58 $0.49 $0.42 $0.36 $0.31 $0.27

Depreciation $0.00 $0.17 $0.30 $0.24 $0.19 $0.15 $0.12 $0.11 $0.11 $0.11 $0.11
Capital expenditure ($1.68) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($8.51) $3.48 $2.24 $1.63 $0.96 $0.73 $0.61 $0.53 $0.47 $0.42 $0.38

Breakeven natural gas $6.24

Outputs
IRR 10%
EUR (Bcfe) 8.3
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Figure B.10: 10-year cash flows for the Fayetteville play. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

Fayetteville
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $4.46 $2.68 $1.84 $1.36 $1.05 $0.85 $0.70 $0.59 $0.51 $0.44
Ethane $0.00 $0.04 $0.02 $0.02 $0.01 $0.01 $0.01 $0.01 $0.01 $0.00 $0.00
Propane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
N-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Iso-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Natural gasoline $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Oil $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Revenues $0.00 $4.50 $2.71 $1.85 $1.37 $1.06 $0.85 $0.71 $0.60 $0.51 $0.44

F&D $0.00 ($1.18) ($0.71) ($0.49) ($0.36) ($0.28) ($0.22) ($0.19) ($0.16) ($0.13) ($0.12)
LOE $0.00 ($1.12) ($0.67) ($0.46) ($0.34) ($0.26) ($0.21) ($0.18) ($0.15) ($0.13) ($0.11)
T&F $0.00 ($0.01) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00)
Royalties $0.00 ($0.58) ($0.35) ($0.24) ($0.18) ($0.14) ($0.11) ($0.09) ($0.08) ($0.07) ($0.06)
Pre-construction ($0.72) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($2.10) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.07) ($0.13) ($0.10) ($0.08) ($0.06) ($0.05) ($0.05) ($0.05) ($0.05) ($0.05)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($2.82) ($2.96) ($1.86) ($1.29) ($0.96) ($0.75) ($0.60) ($0.50) ($0.43) ($0.37) ($0.33)

Earnings before income taxes ($2.82) $1.54 $0.84 $0.56 $0.41 $0.32 $0.25 $0.21 $0.17 $0.14 $0.11
Loss carryforward $0.00 ($1.54) ($0.84) ($0.44) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($2.82) $0.00 $0.00 $0.12 $0.41 $0.32 $0.25 $0.21 $0.17 $0.14 $0.11

Taxes (@ 35%) $0.00 $0.00 $0.00 ($0.04) ($0.14) ($0.11) ($0.09) ($0.07) ($0.06) ($0.05) ($0.04)
Net income ($2.82) $1.54 $0.84 $0.52 $0.27 $0.20 $0.17 $0.13 $0.11 $0.09 $0.07

Depreciation $0.00 $0.07 $0.13 $0.10 $0.08 $0.06 $0.05 $0.05 $0.05 $0.05 $0.05
Capital expenditure ($0.70) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($3.52) $1.61 $0.97 $0.62 $0.35 $0.27 $0.22 $0.18 $0.15 $0.13 $0.12

Breakeven natural gas $5.05

Outputs
IRR 10%
EUR (Bcfe) 2.8
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Figure B.11: 10-year cash flows for the Haynesville play. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 

Haynesville
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $14.26 $8.71 $6.45 $5.18 $4.36 $3.78 $3.34 $3.01 $2.73 $2.51
Ethane $0.00 $0.01 $0.01 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Propane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
N-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Iso-Butane $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Natural gasoline $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Oil $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Revenues $0.00 $14.27 $8.71 $6.45 $5.18 $4.36 $3.78 $3.35 $3.01 $2.74 $2.51

F&D $0.00 ($2.84) ($1.73) ($1.28) ($1.03) ($0.87) ($0.75) ($0.67) ($0.60) ($0.54) ($0.50)
LOE $0.00 ($3.41) ($2.08) ($1.54) ($1.24) ($1.04) ($0.90) ($0.80) ($0.72) ($0.65) ($0.60)
T&F $0.00 ($0.00) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00) ($0.00)
Royalties $0.00 ($3.57) ($2.18) ($1.61) ($1.30) ($1.09) ($0.95) ($0.84) ($0.75) ($0.68) ($0.63)
Pre-construction ($2.92) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($6.00) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.20) ($0.36) ($0.29) ($0.23) ($0.18) ($0.15) ($0.13) ($0.13) ($0.13) ($0.13)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($8.92) ($10.01) ($6.35) ($4.72) ($3.80) ($3.18) ($2.75) ($2.43) ($2.20) ($2.01) ($1.86)

Earnings before income taxes ($8.92) $4.26 $2.36 $1.73 $1.39 $1.18 $1.03 $0.91 $0.81 $0.72 $0.65
Loss carryforward $0.00 ($4.26) ($2.36) ($1.73) ($0.57) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($8.92) $0.00 $0.00 $0.00 $0.82 $1.18 $1.03 $0.91 $0.81 $0.72 $0.65

Taxes (@ 35%) $0.00 $0.00 $0.00 $0.00 ($0.29) ($0.41) ($0.36) ($0.32) ($0.28) ($0.25) ($0.23)
Net income ($8.92) $4.26 $2.36 $1.73 $1.10 $0.77 $0.67 $0.59 $0.53 $0.47 $0.43

Depreciation $0.00 $0.20 $0.36 $0.29 $0.23 $0.18 $0.15 $0.13 $0.13 $0.13 $0.13
Capital expenditure ($2.00) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($10.92) $4.46 $2.72 $2.01 $1.33 $0.95 $0.82 $0.73 $0.66 $0.60 $0.56

Breakeven natural gas $6.11

Outputs
IRR 10%
EUR (Bcfe) 8.7
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Figure B.12: 10-year cash flows for the Bakken play. 

Bakken
Cash flows ($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10

Natural gas $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Ethane $0.00 $0.11 $0.07 $0.06 $0.05 $0.04 $0.04 $0.04 $0.03 $0.03 $0.03
Propane $0.00 $0.11 $0.07 $0.06 $0.05 $0.04 $0.04 $0.04 $0.03 $0.03 $0.03
N-Butane $0.00 $0.03 $0.02 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Iso-Butane $0.00 $0.03 $0.02 $0.02 $0.02 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Natural gasoline $0.00 $0.04 $0.03 $0.02 $0.02 $0.02 $0.02 $0.02 $0.01 $0.01 $0.01
Oil $0.00 $11.71 $7.91 $6.35 $5.44 $4.82 $4.37 $4.02 $3.74 $3.50 $3.31
Revenues $0.00 $12.03 $8.12 $6.52 $5.59 $4.95 $4.49 $4.13 $3.84 $3.60 $3.40

F&D $0.00 ($1.83) ($1.24) ($0.99) ($0.85) ($0.75) ($0.68) ($0.63) ($0.58) ($0.55) ($0.52)
LOE $0.00 ($2.74) ($1.85) ($1.49) ($1.27) ($1.13) ($1.02) ($0.94) ($0.88) ($0.82) ($0.78)
T&F $0.00 ($0.07) ($0.05) ($0.04) ($0.03) ($0.03) ($0.02) ($0.02) ($0.02) ($0.02) ($0.02)
Royalties $0.00 ($2.41) ($1.62) ($1.30) ($1.12) ($0.99) ($0.90) ($0.83) ($0.77) ($0.72) ($0.68)
Pre-construction ($5.74) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Intangible drilling ($6.15) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Tangible drilling (MACRS) $0.00 ($0.21) ($0.37) ($0.30) ($0.24) ($0.19) ($0.15) ($0.13) ($0.13) ($0.13) ($0.13)

MACRS depreciation schedule 10.00% 18.00% 14.40% 11.52% 9.22% 7.37% 6.55% 6.55% 6.56% 6.55%
Costs ($11.89) ($7.25) ($5.13) ($4.12) ($3.51) ($3.09) ($2.78) ($2.55) ($2.38) ($2.24) ($2.12)

Earnings before income taxes ($11.89) $4.78 $3.00 $2.41 $2.08 $1.86 $1.71 $1.57 $1.46 $1.36 $1.27
Loss carryforward $0.00 ($4.78) ($3.00) ($2.41) ($1.71) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Taxable income ($11.89) $0.00 $0.00 $0.00 $0.37 $1.86 $1.71 $1.57 $1.46 $1.36 $1.27

Taxes (@ 35%) $0.00 $0.00 $0.00 $0.00 ($0.13) ($0.65) ($0.60) ($0.55) ($0.51) ($0.47) ($0.45)
Net income ($11.89) $4.78 $3.00 $2.41 $1.95 $1.21 $1.11 $1.02 $0.95 $0.88 $0.83

Depreciation $0.00 $0.21 $0.37 $0.30 $0.24 $0.19 $0.15 $0.13 $0.13 $0.13 $0.13
Capital expenditure ($2.05) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Free cash flow ($13.94) $4.98 $3.36 $2.70 $2.19 $1.40 $1.26 $1.16 $1.08 $1.02 $0.96

Breakeven natural gas $0.00

Outputs
IRR 11%
EUR (Mbbl) 574.5
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Appendix C 

 Financial models are shown for each generating technology under various 

scenarios.  The scenarios are listed here: 

 Coal – Baseline 
 CCGT – Baseline 
 Wind – Baseline 
 PV – Baseline 
 Coal – MATS & CSAPR 
 CCGT – CSAPR 
 Wind –  PTC 
 PV – ITC 
 CCGT – High US LNG Export Volumes 
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Coal – Baseline 

 
Figure C.1: The first 10 years of the financial model for a 30-year coal-fired power plant under baseline 

assumptions.  $48.13 is the electricity price required for the plant to generate an IRR of 10%. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10
Electricity produced (MWh) 0 7,823,655 7,745,418 7,667,964 7,591,285 7,515,372 7,440,218 7,365,816 7,292,158 7,219,236 7,147,044
Income Statement
Total operating revenue $0.0 $386.0 $391.7 $397.5 $403.3 $409.3 $415.3 $421.4 $427.7 $434.0 $440.4

Fuel $0.0 ($223.9) ($227.2) ($230.6) ($234.0) ($237.5) ($241.0) ($244.5) ($248.1) ($251.8) ($255.5)
Non-fuel operating $0.0 ($31.6) ($32.1) ($32.6) ($33.1) ($33.6) ($34.0) ($34.6) ($35.1) ($35.6) ($36.1)
Emission control operating $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Total maintenance $0.0 ($36.8) ($37.3) ($37.9) ($38.4) ($39.0) ($39.6) ($40.2) ($40.8) ($41.4) ($42.0)
Operating expenses $0.0 ($292.4) ($296.7) ($301.1) ($305.5) ($310.0) ($314.6) ($319.2) ($323.9) ($328.7) ($333.6)

EBITDA $0.0 $93.6 $95.0 $96.4 $97.8 $99.3 $100.7 $102.2 $103.7 $105.2 $106.8
Depreciation $0.0 ($43.5) ($82.7) ($74.5) ($67.1) ($60.4) ($54.3) ($51.4) ($51.4) ($51.5) ($51.4)

MACRS depreciation schedule 5.00% 9.50% 8.55% 7.70% 6.93% 6.23% 5.90% 5.90% 5.91% 5.90%
Interest expense $0.0 ($34.8) ($32.4) ($29.8) ($27.0) ($24.0) ($20.7) ($17.2) ($13.4) ($9.3) ($4.8)
Earnings before taxes $0.0 $15.2 ($20.2) ($7.9) $3.7 $14.9 $25.7 $33.6 $38.9 $44.5 $50.6

Loss carryforward $0.0 $0.0 $0.0 $0.0 ($3.7) ($14.9) ($9.5) $0.0 $0.0 $0.0 $0.0
Taxable income $0.0 $15.2 ($20.2) ($7.9) $0.0 $0.0 $16.2 $33.6 $38.9 $44.5 $50.6

Federal taxes $0.0 ($4.7) $0.0 $0.0 $0.0 $0.0 ($5.0) ($10.3) ($11.9) ($13.6) ($15.5)
State taxes $0.0 ($1.5) $0.0 $0.0 $0.0 $0.0 ($1.6) ($3.4) ($3.9) ($4.5) ($5.1)
Net income $0.0 $9.0 ($20.2) ($7.9) $3.7 $14.9 $19.1 $20.0 $23.1 $26.4 $30.1

Cash Flow Statement
Net Income $0.0 $9.0 ($20.2) ($7.9) $3.7 $14.9 $19.1 $20.0 $23.1 $26.4 $30.1
Depreciation $0.0 $43.5 $82.7 $74.5 $67.1 $60.4 $54.3 $51.4 $51.4 $51.5 $51.4
Cash from operations $0.0 $52.6 $62.6 $66.6 $70.8 $75.2 $73.4 $71.4 $74.5 $77.9 $81.4

Capital cost ($871.0) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Subsidies/tax credits $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Cash from investing ($871.0) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0

Loan disbursement $435.5 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Loan repayment $0.0 ($30.1) ($32.5) ($35.1) ($37.9) ($40.9) ($44.2) ($47.7) ($51.5) ($55.6) ($60.1)
Cash from financing $435.5 ($30.1) ($32.5) ($35.1) ($37.9) ($40.9) ($44.2) ($47.7) ($51.5) ($55.6) ($60.1)

Annual cash flow ($435.5) $22.5 $30.1 $31.5 $32.9 $34.4 $29.2 $23.7 $23.0 $22.3 $21.3

Debt Schedule
Beginning balance $435.5 $405.4 $373.0 $337.9 $300.0 $259.1 $215.0 $167.3 $115.7 $60.1
Debt service ($64.9) ($64.9) ($64.9) ($64.9) ($64.9) ($64.9) ($64.9) ($64.9) ($64.9) ($64.9)
Loan repayment ($30.1) ($32.5) ($35.1) ($37.9) ($40.9) ($44.2) ($47.7) ($51.5) ($55.6) ($60.1)
Interest ($34.8) ($32.4) ($29.8) ($27.0) ($24.0) ($20.7) ($17.2) ($13.4) ($9.3) ($4.8)
Ending balance $405.4 $373.0 $337.9 $300.0 $259.1 $215.0 $167.3 $115.7 $60.1 $0.0

Outputs
IRR 10.0%
LCOE $48.13
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CCGT – Baseline 

 
Figure C.2: The first 10 years of the financial model for a 30-year CCGT power plant under baseline 

assumptions.  $49.50 is the electricity price required for the plant to generate an IRR of 10%. 
 

 
 
 
 
 
 
 
 
 
 
 
 
 
 

($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10
Electricity produced (MWh) 0 6,711,250 6,644,137 6,577,696 6,511,919 6,446,800 6,382,332 6,318,508 6,255,323 6,192,770 6,130,842
Income Statement
Total operating revenue $0.0 $340.5 $345.5 $350.6 $355.8 $361.1 $366.4 $371.8 $377.3 $382.8 $388.5

Fuel $0.0 ($257.6) ($261.4) ($265.2) ($269.2) ($273.1) ($277.2) ($281.2) ($285.4) ($289.6) ($293.9)
Non-fuel operating $0.0 ($18.9) ($19.2) ($19.5) ($19.8) ($20.1) ($20.4) ($20.7) ($21.0) ($21.3) ($21.6)
Emission control operating $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Total maintenance $0.0 ($17.7) ($17.9) ($18.2) ($18.4) ($18.7) ($19.0) ($19.3) ($19.6) ($19.8) ($20.1)
Operating expenses $0.0 ($294.2) ($298.5) ($302.9) ($307.4) ($311.9) ($316.5) ($321.2) ($325.9) ($330.7) ($335.6)

EBITDA $0.0 $46.3 $47.0 $47.7 $48.4 $49.1 $49.9 $50.6 $51.3 $52.1 $52.9
Depreciation $0.0 ($21.7) ($41.2) ($37.1) ($33.4) ($30.1) ($27.0) ($25.6) ($25.6) ($25.7) ($25.6)

MACRS depreciation schedule 5.00% 9.50% 8.55% 7.70% 6.93% 6.23% 5.90% 5.90% 5.91% 5.90%
Interest expense $0.0 ($17.4) ($16.2) ($14.9) ($13.5) ($12.0) ($10.3) ($8.6) ($6.7) ($4.6) ($2.4)
Earnings before taxes $0.0 $7.3 ($10.4) ($4.3) $1.5 $7.1 $12.5 $16.4 $19.1 $21.8 $24.9

Loss carryforward $0.0 $0.0 $0.0 $0.0 ($1.5) ($7.1) ($6.1) $0.0 $0.0 $0.0 $0.0
Taxable income $0.0 $7.3 ($10.4) ($4.3) $0.0 $0.0 $6.4 $16.4 $19.1 $21.8 $24.9

Federal taxes $0.0 ($2.2) $0.0 $0.0 $0.0 $0.0 ($2.0) ($5.0) ($5.8) ($6.7) ($7.6)
State taxes $0.0 ($0.7) $0.0 $0.0 $0.0 $0.0 ($0.6) ($1.6) ($1.9) ($2.2) ($2.5)
Net income $0.0 $4.3 ($10.4) ($4.3) $1.5 $7.1 $9.9 $9.7 $11.3 $13.0 $14.8

Cash Flow Statement
Net Income $0.0 $4.3 ($10.4) ($4.3) $1.5 $7.1 $9.9 $9.7 $11.3 $13.0 $14.8
Depreciation $0.0 $21.7 $41.2 $37.1 $33.4 $30.1 $27.0 $25.6 $25.6 $25.7 $25.6
Cash from operations $0.0 $26.0 $30.9 $32.8 $34.9 $37.2 $36.9 $35.4 $36.9 $38.6 $40.4

Capital cost ($434.1) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Subsidies/tax credits $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Cash from investing ($434.1) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0

Loan disbursement $217.1 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Loan repayment $0.0 ($15.0) ($16.2) ($17.5) ($18.9) ($20.4) ($22.0) ($23.8) ($25.7) ($27.7) ($30.0)
Cash from financing $217.1 ($15.0) ($16.2) ($17.5) ($18.9) ($20.4) ($22.0) ($23.8) ($25.7) ($27.7) ($30.0)

Annual cash flow ($217.1) $11.0 $14.7 $15.4 $16.1 $16.8 $14.9 $11.6 $11.3 $10.9 $10.4

Debt Schedule
Beginning balance $217.1 $202.1 $185.9 $168.4 $149.5 $129.2 $107.1 $83.4 $57.7 $30.0
Debt service ($32.3) ($32.3) ($32.3) ($32.3) ($32.3) ($32.3) ($32.3) ($32.3) ($32.3) ($32.3)
Loan repayment ($15.0) ($16.2) ($17.5) ($18.9) ($20.4) ($22.0) ($23.8) ($25.7) ($27.7) ($30.0)
Interest ($17.4) ($16.2) ($14.9) ($13.5) ($12.0) ($10.3) ($8.6) ($6.7) ($4.6) ($2.4)
Ending balance $202.1 $185.9 $168.4 $149.5 $129.2 $107.1 $83.4 $57.7 $30.0 $0.0

Outputs
IRR 10.0%
LCOE $49.50
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Wind – Baseline 

 
Figure C.3: The first 10 years of the financial model for a 30-year wind power facility under baseline 

assumptions.  $84.13 is the electricity price required for the facility to generate an IRR of 10%. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10
Electricity produced (MWh) 0 578,556 572,770 567,043 561,372 555,759 550,201 544,699 539,252 533,859 528,521
Income Statement
Electricity $0.0 $49.9 $50.6 $51.4 $52.1 $52.9 $53.7 $54.5 $55.3 $56.1 $56.9
REC $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Total operating revenue $0.0 $49.9 $50.6 $51.4 $52.1 $52.9 $53.7 $54.5 $55.3 $56.1 $56.9

Fuel $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Non-fuel operating $0.0 ($2.9) ($3.0) ($3.0) ($3.0) ($3.1) ($3.1) ($3.2) ($3.2) ($3.3) ($3.3)
Total maintenance $0.0 ($7.7) ($7.8) ($7.9) ($8.0) ($8.1) ($8.3) ($8.4) ($8.5) ($8.6) ($8.8)
Operating expenses $0.0 ($10.6) ($10.7) ($10.9) ($11.1) ($11.2) ($11.4) ($11.6) ($11.7) ($11.9) ($12.1)

EBITDA $0.0 $39.3 $39.9 $40.5 $41.1 $41.7 $42.3 $42.9 $43.5 $44.2 $44.8
Depreciation $0.0 ($72.3) ($115.7) ($69.4) ($41.7) ($41.7) ($20.8) $0.0 $0.0 $0.0 $0.0

MACRS depreciation schedule 20.00% 32.00% 19.20% 11.52% 11.52% 5.76%
Interest expense $0.0 ($14.5) ($13.5) ($12.4) ($11.2) ($10.0) ($8.6) ($7.1) ($5.6) ($3.8) ($2.0)
Earnings before taxes $0.0 ($47.5) ($89.3) ($41.3) ($11.8) ($9.9) $12.9 $35.8 $38.0 $40.3 $42.8

Loss carryforward $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 ($12.9) ($35.8) ($38.0) ($40.3) $0.0
Taxable income $0.0 ($47.5) ($89.3) ($41.3) ($11.8) ($9.9) $0.0 $0.0 $0.0 $0.0 $42.8

Federal taxes $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 ($13.1)
State taxes $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 ($4.3)
Net income $0.0 ($47.5) ($89.3) ($41.3) ($11.8) ($9.9) $12.9 $35.8 $38.0 $40.3 $25.4

Cash Flow Statement
Net Income $0.0 ($47.5) ($89.3) ($41.3) ($11.8) ($9.9) $12.9 $35.8 $38.0 $40.3 $25.4
Depreciation $0.0 $72.3 $115.7 $69.4 $41.7 $41.7 $20.8 $0.0 $0.0 $0.0 $0.0
Cash from operations $0.0 $24.8 $26.4 $28.1 $29.8 $31.7 $33.7 $35.8 $38.0 $40.3 $25.4

Capital cost ($361.6) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Federal production tax credit $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Cash from investing ($361.6) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0

Loan disbursement $180.8 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Loan repayment $0.0 ($12.5) ($13.5) ($14.6) ($15.7) ($17.0) ($18.3) ($19.8) ($21.4) ($23.1) ($24.9)
Cash from financing $180.8 ($12.5) ($13.5) ($14.6) ($15.7) ($17.0) ($18.3) ($19.8) ($21.4) ($23.1) ($24.9)

Annual cash flow ($180.8) $12.4 $12.9 $13.5 $14.1 $14.7 $15.3 $16.0 $16.6 $17.2 $0.5

Debt Schedule
Beginning balance $180.8 $168.3 $154.8 $140.3 $124.6 $107.6 $89.2 $69.4 $48.0 $24.9
Debt service ($26.9) ($26.9) ($26.9) ($26.9) ($26.9) ($26.9) ($26.9) ($26.9) ($26.9) ($26.9)
Loan repayment ($12.5) ($13.5) ($14.6) ($15.7) ($17.0) ($18.3) ($19.8) ($21.4) ($23.1) ($24.9)
Interest ($14.5) ($13.5) ($12.4) ($11.2) ($10.0) ($8.6) ($7.1) ($5.6) ($3.8) ($2.0)
Ending balance $168.3 $154.8 $140.3 $124.6 $107.6 $89.2 $69.4 $48.0 $24.9 $0.0

Outputs
IRR 10.0%
LCOE $84.13
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PV – Baseline 

 
Figure C.4: The first 10 years of the financial model for a 30-year PV power facility under baseline 

assumptions.  $217.68 is the electricity price required for the facility to generate an IRR of 10%. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10
Electricity produced (MWh) 0 219,150 216,959 214,789 212,641 210,515 208,409 206,325 204,262 202,219 200,197
Income Statement
Electricity $0.0 $48.9 $49.6 $50.4 $51.1 $51.8 $52.6 $53.4 $54.2 $55.0 $55.8
SREC $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Total operating revenue $0.0 $48.9 $49.6 $50.4 $51.1 $51.8 $52.6 $53.4 $54.2 $55.0 $55.8

Fuel $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Non-fuel operating $0.0 ($1.0) ($1.0) ($1.0) ($1.0) ($1.0) ($1.1) ($1.1) ($1.1) ($1.1) ($1.1)
Total maintenance $0.0 ($1.7) ($1.7) ($1.8) ($1.8) ($1.8) ($1.8) ($1.9) ($1.9) ($1.9) ($2.0)
Operating expenses $0.0 ($2.7) ($2.7) ($2.8) ($2.8) ($2.9) ($2.9) ($2.9) ($3.0) ($3.0) ($3.1)

EBITDA $0.0 $46.2 $46.9 $47.6 $48.3 $49.0 $49.7 $50.4 $51.2 $51.9 $52.7
Depreciation $0.0 ($85.1) ($136.1) ($81.7) ($49.0) ($49.0) ($24.5) $0.0 $0.0 $0.0 $0.0

MACRS depreciation schedule 20.00% 32.00% 19.20% 11.52% 11.52% 5.76%
Interest expense $0.0 ($17.0) ($15.8) ($14.6) ($13.2) ($11.7) ($10.1) ($8.4) ($6.5) ($4.5) ($2.3)
Earnings before taxes $0.0 ($55.9) ($105.1) ($48.7) ($13.9) ($11.7) $15.1 $42.1 $44.7 $47.4 $50.4

Loss carryforward $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 ($15.1) ($42.1) ($44.7) ($47.4) $0.0
Taxable income $0.0 ($55.9) ($105.1) ($48.7) ($13.9) ($11.7) $0.0 $0.0 $0.0 $0.0 $50.4

Federal taxes $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 ($15.4)
State taxes $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 ($5.0)
Net income $0.0 ($55.9) ($105.1) ($48.7) ($13.9) ($11.7) $15.1 $42.1 $44.7 $47.4 $29.9

Cash Flow Statement
Net Income $0.0 ($55.9) ($105.1) ($48.7) ($13.9) ($11.7) $15.1 $42.1 $44.7 $47.4 $29.9
Depreciation $0.0 $85.1 $136.1 $81.7 $49.0 $49.0 $24.5 $0.0 $0.0 $0.0 $0.0
Cash from operations $0.0 $29.2 $31.0 $33.0 $35.1 $37.3 $39.6 $42.1 $44.7 $47.4 $29.9

Capital cost ($425.3) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Federal investment tax credit $0.0
State investment tax credit $0.0
Cash from investing ($425.3) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0

Loan disbursement $212.7 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Loan repayment $0.0 ($14.7) ($15.9) ($17.1) ($18.5) ($20.0) ($21.6) ($23.3) ($25.2) ($27.2) ($29.3)
Cash from financing $212.7 ($14.7) ($15.9) ($17.1) ($18.5) ($20.0) ($21.6) ($23.3) ($25.2) ($27.2) ($29.3)

Annual cash flow ($212.7) $14.5 $15.2 $15.9 $16.6 $17.3 $18.0 $18.8 $19.5 $20.3 $0.6

Debt Schedule
Beginning balance $212.7 $198.0 $182.1 $165.0 $146.5 $126.5 $105.0 $81.7 $56.5 $29.3
Debt service ($31.7) ($31.7) ($31.7) ($31.7) ($31.7) ($31.7) ($31.7) ($31.7) ($31.7) ($31.7)
Loan repayment ($14.7) ($15.9) ($17.1) ($18.5) ($20.0) ($21.6) ($23.3) ($25.2) ($27.2) ($29.3)
Interest ($17.0) ($15.8) ($14.6) ($13.2) ($11.7) ($10.1) ($8.4) ($6.5) ($4.5) ($2.3)
Ending balance $198.0 $182.1 $165.0 $146.5 $126.5 $105.0 $81.7 $56.5 $29.3 $0.0

Outputs
IRR 10.0%
LCOE $217.68
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Coal – MATS & CSAPR 

 
Figure C.5: The first 10 years of the financial model for a 30-year coal-fired power plant compliant with 
MATS and CSAPR regulations.  $67.14 is the electricity price required for the facility to generate an IRR 

of 10%. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10
Electricity produced (MWh) 0 7,823,655 7,745,418 7,667,964 7,591,285 7,515,372 7,440,218 7,365,816 7,292,158 7,219,236 7,147,044
Income Statement
Total operating revenue $0.0 $538.4 $546.4 $554.4 $562.6 $570.9 $579.3 $587.9 $596.5 $605.3 $614.3

Fuel $0.0 ($223.9) ($227.2) ($230.6) ($234.0) ($237.5) ($241.0) ($244.5) ($248.1) ($251.8) ($255.5)
Non-fuel operating $0.0 ($31.6) ($32.1) ($32.6) ($33.1) ($33.6) ($34.0) ($34.6) ($35.1) ($35.6) ($36.1)
Emission control operating $0.0 ($55.0) ($55.9) ($56.8) ($57.8) ($58.7) ($59.7) ($60.7) ($61.7) ($62.7) ($63.8)
Total maintenance $0.0 ($36.8) ($37.3) ($37.9) ($38.4) ($39.0) ($39.6) ($40.2) ($40.8) ($41.4) ($42.0)
Operating expenses $0.0 ($347.4) ($352.6) ($357.9) ($363.3) ($368.8) ($374.3) ($379.9) ($385.6) ($391.4) ($397.3)

EBITDA $0.0 $191.0 $193.7 $196.5 $199.3 $202.1 $205.0 $207.9 $210.9 $213.9 $216.9
Depreciation $0.0 ($89.0) ($169.0) ($152.1) ($137.0) ($123.3) ($110.8) ($105.0) ($105.0) ($105.2) ($105.0)

MACRS depreciation schedule 5.00% 9.50% 8.55% 7.70% 6.93% 6.23% 5.90% 5.90% 5.91% 5.90%
Interest expense $0.0 ($71.2) ($66.3) ($61.0) ($55.2) ($49.0) ($42.3) ($35.1) ($27.3) ($18.9) ($9.8)
Earnings before taxes $0.0 $30.9 ($41.6) ($16.6) $7.1 $29.8 $51.8 $67.8 $78.6 $89.8 $102.1

Loss carryforward $0.0 $0.0 $0.0 $0.0 ($7.1) ($29.8) ($21.3) $0.0 $0.0 $0.0 $0.0
Taxable income $0.0 $30.9 ($41.6) ($16.6) $0.0 $0.0 $30.5 $67.8 $78.6 $89.8 $102.1

Federal taxes $0.0 ($9.4) $0.0 $0.0 $0.0 $0.0 ($9.3) ($20.8) ($24.0) ($27.5) ($31.3)
State taxes $0.0 ($3.1) $0.0 $0.0 $0.0 $0.0 ($3.1) ($6.8) ($7.9) ($9.0) ($10.2)
Net income $0.0 $18.3 ($41.6) ($16.6) $7.1 $29.8 $39.4 $40.3 $46.7 $53.4 $60.7

Cash Flow Statement
Net Income $0.0 $18.3 ($41.6) ($16.6) $7.1 $29.8 $39.4 $40.3 $46.7 $53.4 $60.7
Depreciation $0.0 $89.0 $169.0 $152.1 $137.0 $123.3 $110.8 $105.0 $105.0 $105.2 $105.0
Cash from operations $0.0 $107.3 $127.5 $135.5 $144.1 $153.1 $150.3 $145.3 $151.6 $158.5 $165.6

Capital cost ($1,779.2) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Subsidies/tax credits $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Cash from investing ($1,779.2) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0

Loan disbursement $889.6 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Loan repayment $0.0 ($61.4) ($66.3) ($71.6) ($77.4) ($83.5) ($90.2) ($97.4) ($105.2) ($113.7) ($122.8)
Cash from financing $889.6 ($61.4) ($66.3) ($71.6) ($77.4) ($83.5) ($90.2) ($97.4) ($105.2) ($113.7) ($122.8)

Annual cash flow ($889.6) $45.9 $61.2 $63.9 $66.7 $69.6 $60.0 $47.8 $46.4 $44.8 $42.9

Debt Schedule
Beginning balance $889.6 $828.2 $761.9 $690.3 $612.9 $529.3 $439.1 $341.7 $236.4 $122.8
Debt service ($132.6) ($132.6) ($132.6) ($132.6) ($132.6) ($132.6) ($132.6) ($132.6) ($132.6) ($132.6)
Loan repayment ($61.4) ($66.3) ($71.6) ($77.4) ($83.5) ($90.2) ($97.4) ($105.2) ($113.7) ($122.8)
Interest ($71.2) ($66.3) ($61.0) ($55.2) ($49.0) ($42.3) ($35.1) ($27.3) ($18.9) ($9.8)
Ending balance $828.2 $761.9 $690.3 $612.9 $529.3 $439.1 $341.7 $236.4 $122.8 $0.0

Outputs
IRR 10.0%
LCOE $67.14
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CCGT – CSAPR 

 
Figure C.6: The first 10 years of the financial model for a 30-year CCGT power plant compliant with 
CSAPR regulations.  $50.73 is the electricity price required for the facility to generate an IRR of 10%. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10
Electricity produced (MWh) 0 6,711,250 6,644,137 6,577,696 6,511,919 6,446,800 6,382,332 6,318,508 6,255,323 6,192,770 6,130,842
Income Statement
Total operating revenue $0.0 $349.0 $354.1 $359.3 $364.6 $370.0 $375.5 $381.0 $386.6 $392.3 $398.1

Fuel $0.0 ($257.6) ($261.4) ($265.2) ($269.2) ($273.1) ($277.2) ($281.2) ($285.4) ($289.6) ($293.9)
Non-fuel operating $0.0 ($18.9) ($19.2) ($19.5) ($19.8) ($20.1) ($20.4) ($20.7) ($21.0) ($21.3) ($21.6)
Emission control operating $0.0 ($1.8) ($1.8) ($1.9) ($1.9) ($2.0) ($2.0) ($2.0) ($2.1) ($2.1) ($2.2)
Total maintenance $0.0 ($17.7) ($17.9) ($18.2) ($18.4) ($18.7) ($19.0) ($19.3) ($19.6) ($19.8) ($20.1)
Operating expenses $0.0 ($296.0) ($300.4) ($304.8) ($309.3) ($313.9) ($318.5) ($323.2) ($328.0) ($332.9) ($337.8)

EBITDA $0.0 $53.0 $53.8 $54.6 $55.3 $56.2 $57.0 $57.8 $58.6 $59.5 $60.4
Depreciation $0.0 ($24.6) ($46.8) ($42.1) ($37.9) ($34.1) ($30.7) ($29.0) ($29.0) ($29.1) ($29.0)

MACRS depreciation schedule 5.00% 9.50% 8.55% 7.70% 6.93% 6.23% 5.90% 5.90% 5.91% 5.90%
Interest expense $0.0 ($19.7) ($18.3) ($16.9) ($15.3) ($13.6) ($11.7) ($9.7) ($7.6) ($5.2) ($2.7)
Earnings before taxes $0.0 $8.7 ($11.3) ($4.4) $2.2 $8.5 $14.6 $19.0 $22.0 $25.2 $28.6

Loss carryforward $0.0 $0.0 $0.0 $0.0 ($2.2) ($8.5) ($5.1) $0.0 $0.0 $0.0 $0.0
Taxable income $0.0 $8.7 ($11.3) ($4.4) $0.0 $0.0 $9.5 $19.0 $22.0 $25.2 $28.6

Federal taxes $0.0 ($2.7) $0.0 $0.0 $0.0 $0.0 ($2.9) ($5.8) ($6.7) ($7.7) ($8.8)
State taxes $0.0 ($0.9) $0.0 $0.0 $0.0 $0.0 ($1.0) ($1.9) ($2.2) ($2.5) ($2.9)
Net income $0.0 $5.2 ($11.3) ($4.4) $2.2 $8.5 $10.7 $11.3 $13.1 $15.0 $17.0

Cash Flow Statement
Net Income $0.0 $5.2 ($11.3) ($4.4) $2.2 $8.5 $10.7 $11.3 $13.1 $15.0 $17.0
Depreciation $0.0 $24.6 $46.8 $42.1 $37.9 $34.1 $30.7 $29.0 $29.0 $29.1 $29.0
Cash from operations $0.0 $29.8 $35.4 $37.7 $40.1 $42.6 $41.4 $40.3 $42.1 $44.0 $46.0

Capital cost ($492.2) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Subsidies/tax credits $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Cash from investing ($492.2) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0

Loan disbursement $246.1 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Loan repayment $0.0 ($17.0) ($18.3) ($19.8) ($21.4) ($23.1) ($25.0) ($27.0) ($29.1) ($31.4) ($34.0)
Cash from financing $246.1 ($17.0) ($18.3) ($19.8) ($21.4) ($23.1) ($25.0) ($27.0) ($29.1) ($31.4) ($34.0)

Annual cash flow ($246.1) $12.8 $17.1 $17.9 $18.7 $19.5 $16.4 $13.4 $13.0 $12.6 $12.1

Debt Schedule
Beginning balance $246.1 $229.1 $210.8 $190.9 $169.5 $146.4 $121.5 $94.5 $65.4 $34.0
Debt service ($36.7) ($36.7) ($36.7) ($36.7) ($36.7) ($36.7) ($36.7) ($36.7) ($36.7) ($36.7)
Loan repayment ($17.0) ($18.3) ($19.8) ($21.4) ($23.1) ($25.0) ($27.0) ($29.1) ($31.4) ($34.0)
Interest ($19.7) ($18.3) ($16.9) ($15.3) ($13.6) ($11.7) ($9.7) ($7.6) ($5.2) ($2.7)
Ending balance $229.1 $210.8 $190.9 $169.5 $146.4 $121.5 $94.5 $65.4 $34.0 $0.0

Outputs
IRR 10.0%
LCOE $50.73
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Wind – PTC 

 
Figure C.7: The first 10 years of the financial model for a 30-year wind power facility that monetizes the 

PTC.  $69.71 is the electricity price required for the facility to generate an IRR of 10%. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10
Electricity produced (MWh) 0 578,556 572,770 567,043 561,372 555,759 550,201 544,699 539,252 533,859 528,521
Income Statement
Electricity $0.0 $41.3 $41.9 $42.6 $43.2 $43.8 $44.5 $45.1 $45.8 $46.5 $47.2
REC $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Total operating revenue $0.0 $41.3 $41.9 $42.6 $43.2 $43.8 $44.5 $45.1 $45.8 $46.5 $47.2

Fuel $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Non-fuel operating $0.0 ($2.9) ($3.0) ($3.0) ($3.0) ($3.1) ($3.1) ($3.2) ($3.2) ($3.3) ($3.3)
Total maintenance $0.0 ($7.7) ($7.8) ($7.9) ($8.0) ($8.1) ($8.3) ($8.4) ($8.5) ($8.6) ($8.8)
Operating expenses $0.0 ($10.6) ($10.7) ($10.9) ($11.1) ($11.2) ($11.4) ($11.6) ($11.7) ($11.9) ($12.1)

EBITDA $0.0 $30.7 $31.2 $31.7 $32.1 $32.6 $33.1 $33.6 $34.1 $34.6 $35.1
Depreciation $0.0 ($72.3) ($115.7) ($69.4) ($41.7) ($41.7) ($20.8) $0.0 $0.0 $0.0 $0.0

MACRS depreciation schedule 20.00% 32.00% 19.20% 11.52% 11.52% 5.76%
Interest expense $0.0 ($14.5) ($13.5) ($12.4) ($11.2) ($10.0) ($8.6) ($7.1) ($5.6) ($3.8) ($2.0)
Earnings before taxes $0.0 ($56.0) ($98.0) ($50.2) ($20.7) ($19.0) $3.7 $26.4 $28.5 $30.7 $33.1

Loss carryforward $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 ($3.7) ($26.4) ($28.5) ($30.7) ($0.6)
Taxable income $0.0 ($56.0) ($98.0) ($50.2) ($20.7) ($19.0) $0.0 $0.0 $0.0 $0.0 $32.5

Federal taxes $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 ($9.9)
State taxes $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 ($3.2)
Net income $0.0 ($56.0) ($98.0) ($50.2) ($20.7) ($19.0) $3.7 $26.4 $28.5 $30.7 $19.9

Cash Flow Statement
Net Income $0.0 ($56.0) ($98.0) ($50.2) ($20.7) ($19.0) $3.7 $26.4 $28.5 $30.7 $19.9
Depreciation $0.0 $72.3 $115.7 $69.4 $41.7 $41.7 $20.8 $0.0 $0.0 $0.0 $0.0
Cash from operations $0.0 $16.3 $17.7 $19.3 $20.9 $22.6 $24.5 $26.4 $28.5 $30.7 $19.9

Capital cost ($361.6) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Federal production tax credit $0.0 $12.7 $12.6 $12.5 $12.4 $12.2 $12.1 $12.0 $11.9 $11.7 $11.6
Cash from investing ($361.6) $12.7 $12.6 $12.5 $12.4 $12.2 $12.1 $12.0 $11.9 $11.7 $11.6

Loan disbursement $180.8 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Loan repayment $0.0 ($12.5) ($13.5) ($14.6) ($15.7) ($17.0) ($18.3) ($19.8) ($21.4) ($23.1) ($24.9)
Cash from financing $180.8 ($12.5) ($13.5) ($14.6) ($15.7) ($17.0) ($18.3) ($19.8) ($21.4) ($23.1) ($24.9)

Annual cash flow ($180.8) $16.5 $16.9 $17.2 $17.5 $17.9 $18.2 $18.6 $19.0 $19.4 $6.6

Debt Schedule
Beginning balance $180.8 $168.3 $154.8 $140.3 $124.6 $107.6 $89.2 $69.4 $48.0 $24.9
Debt service ($26.9) ($26.9) ($26.9) ($26.9) ($26.9) ($26.9) ($26.9) ($26.9) ($26.9) ($26.9)
Loan repayment ($12.5) ($13.5) ($14.6) ($15.7) ($17.0) ($18.3) ($19.8) ($21.4) ($23.1) ($24.9)
Interest ($14.5) ($13.5) ($12.4) ($11.2) ($10.0) ($8.6) ($7.1) ($5.6) ($3.8) ($2.0)
Ending balance $168.3 $154.8 $140.3 $124.6 $107.6 $89.2 $69.4 $48.0 $24.9 $0.0

Outputs
IRR 10.0%
LCOE $69.71
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PV – ITC 

 
Figure C.8: The first 10 years of the financial model for a 30-year PV power facility that monetizes the 

ITC.  $136.06 is the electricity price required for the facility to generate an IRR of 10%. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 

($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10
Electricity produced (MWh) 0 219,150 216,959 214,789 212,641 210,515 208,409 206,325 204,262 202,219 200,197
Income Statement
Electricity $0.0 $30.6 $31.0 $31.5 $31.9 $32.4 $32.9 $33.4 $33.9 $34.4 $34.9
SREC $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Total operating revenue $0.0 $30.6 $31.0 $31.5 $31.9 $32.4 $32.9 $33.4 $33.9 $34.4 $34.9

Fuel $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Non-fuel operating $0.0 ($1.0) ($1.0) ($1.0) ($1.0) ($1.0) ($1.1) ($1.1) ($1.1) ($1.1) ($1.1)
Total maintenance $0.0 ($1.7) ($1.7) ($1.8) ($1.8) ($1.8) ($1.8) ($1.9) ($1.9) ($1.9) ($2.0)
Operating expenses $0.0 ($2.7) ($2.7) ($2.8) ($2.8) ($2.9) ($2.9) ($2.9) ($3.0) ($3.0) ($3.1)

EBITDA $0.0 $27.9 $28.3 $28.7 $29.1 $29.6 $30.0 $30.4 $30.9 $31.3 $31.8
Depreciation $0.0 ($85.1) ($136.1) ($81.7) ($49.0) ($49.0) ($24.5) $0.0 $0.0 $0.0 $0.0

MACRS depreciation schedule 20.00% 32.00% 19.20% 11.52% 11.52% 5.76%
Interest expense $0.0 ($17.0) ($15.8) ($14.6) ($13.2) ($11.7) ($10.1) ($8.4) ($6.5) ($4.5) ($2.3)
Earnings before taxes $0.0 ($74.2) ($123.7) ($67.5) ($33.1) ($31.2) ($4.6) $22.0 $24.3 $26.8 $29.4

Loss carryforward $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 ($22.0) ($24.3) ($26.8) ($29.4)
Taxable income $0.0 ($74.2) ($123.7) ($67.5) ($33.1) ($31.2) ($4.6) $0.0 $0.0 $0.0 $0.0

Federal taxes $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
State taxes $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Net income $0.0 ($74.2) ($123.7) ($67.5) ($33.1) ($31.2) ($4.6) $22.0 $24.3 $26.8 $29.4

Cash Flow Statement
Net Income $0.0 ($74.2) ($123.7) ($67.5) ($33.1) ($31.2) ($4.6) $22.0 $24.3 $26.8 $29.4
Depreciation $0.0 $85.1 $136.1 $81.7 $49.0 $49.0 $24.5 $0.0 $0.0 $0.0 $0.0
Cash from operations $0.0 $10.9 $12.4 $14.1 $15.9 $17.8 $19.9 $22.0 $24.3 $26.8 $29.4

Capital cost ($425.3) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Federal investment tax credit $127.6
State investment tax credit $29.8
Cash from investing ($268.0) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0

Loan disbursement $212.7 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Loan repayment $0.0 ($14.7) ($15.9) ($17.1) ($18.5) ($20.0) ($21.6) ($23.3) ($25.2) ($27.2) ($29.3)
Cash from financing $212.7 ($14.7) ($15.9) ($17.1) ($18.5) ($20.0) ($21.6) ($23.3) ($25.2) ($27.2) ($29.3)

Annual cash flow ($55.3) ($3.8) ($3.4) ($3.0) ($2.6) ($2.1) ($1.7) ($1.3) ($0.8) ($0.4) $0.1

Debt Schedule
Beginning balance $212.7 $198.0 $182.1 $165.0 $146.5 $126.5 $105.0 $81.7 $56.5 $29.3
Debt service ($31.7) ($31.7) ($31.7) ($31.7) ($31.7) ($31.7) ($31.7) ($31.7) ($31.7) ($31.7)
Loan repayment ($14.7) ($15.9) ($17.1) ($18.5) ($20.0) ($21.6) ($23.3) ($25.2) ($27.2) ($29.3)
Interest ($17.0) ($15.8) ($14.6) ($13.2) ($11.7) ($10.1) ($8.4) ($6.5) ($4.5) ($2.3)
Ending balance $198.0 $182.1 $165.0 $146.5 $126.5 $105.0 $81.7 $56.5 $29.3 $0.0

Outputs
IRR 10.0%
LCOE $136.06
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CCGT – High US LNG Export Volumes 

 
Figure C.9: The first 10 years of the financial model for a 30-year CCGT power plant assuming high US 

LNG export volumes.  $64.31 is the electricity price required for the plant to generate an IRR of 10%. 
 
 

 

($ in millions)
Year 0 1 2 3 4 5 6 7 8 9 10
Electricity produced (MWh) 0 6,711,250 6,644,137 6,577,696 6,511,919 6,446,800 6,382,332 6,318,508 6,255,323 6,192,770 6,130,842
Income Statement
Total operating revenue $0.0 $442.4 $448.9 $455.5 $462.3 $469.1 $476.0 $483.0 $490.1 $497.4 $504.7

Fuel $0.0 ($351.1) ($356.3) ($361.5) ($366.9) ($372.3) ($377.8) ($383.4) ($389.0) ($394.7) ($400.6)
Non-fuel operating $0.0 ($18.9) ($19.2) ($19.5) ($19.8) ($20.1) ($20.4) ($20.7) ($21.0) ($21.3) ($21.6)
Emission control operating $0.0 ($1.8) ($1.8) ($1.9) ($1.9) ($2.0) ($2.0) ($2.0) ($2.1) ($2.1) ($2.2)
Total maintenance $0.0 ($17.7) ($17.9) ($18.2) ($18.4) ($18.7) ($19.0) ($19.3) ($19.6) ($19.8) ($20.1)
Operating expenses $0.0 ($389.5) ($395.3) ($401.1) ($407.0) ($413.0) ($419.1) ($425.3) ($431.6) ($438.0) ($444.5)

EBITDA $0.0 $52.9 $53.7 $54.4 $55.2 $56.0 $56.8 $57.7 $58.5 $59.4 $60.2
Depreciation $0.0 ($24.6) ($46.8) ($42.1) ($37.9) ($34.1) ($30.7) ($29.0) ($29.0) ($29.1) ($29.0)

MACRS depreciation schedule 5.00% 9.50% 8.55% 7.70% 6.93% 6.23% 5.90% 5.90% 5.91% 5.90%
Interest expense $0.0 ($19.7) ($18.3) ($16.9) ($15.3) ($13.6) ($11.7) ($9.7) ($7.6) ($5.2) ($2.7)
Earnings before taxes $0.0 $8.6 ($11.4) ($4.5) $2.1 $8.4 $14.5 $18.9 $21.9 $25.0 $28.5

Loss carryforward $0.0 $0.0 $0.0 $0.0 ($2.1) ($8.4) ($5.5) $0.0 $0.0 $0.0 $0.0
Taxable income $0.0 $8.6 ($11.4) ($4.5) $0.0 $0.0 $8.9 $18.9 $21.9 $25.0 $28.5

Federal taxes $0.0 ($2.6) $0.0 $0.0 $0.0 $0.0 ($2.7) ($5.8) ($6.7) ($7.7) ($8.7)
State taxes $0.0 ($0.9) $0.0 $0.0 $0.0 $0.0 ($0.9) ($1.9) ($2.2) ($2.5) ($2.8)
Net income $0.0 $5.1 ($11.4) ($4.5) $2.1 $8.4 $10.8 $11.2 $13.0 $14.9 $16.9

Cash Flow Statement
Net Income $0.0 $5.1 ($11.4) ($4.5) $2.1 $8.4 $10.8 $11.2 $13.0 $14.9 $16.9
Depreciation $0.0 $24.6 $46.8 $42.1 $37.9 $34.1 $30.7 $29.0 $29.0 $29.1 $29.0
Cash from operations $0.0 $29.7 $35.3 $37.6 $40.0 $42.5 $41.5 $40.3 $42.1 $44.0 $46.0

Capital cost ($492.2) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Subsidies/tax credits $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Cash from investing ($492.2) $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0

Loan disbursement $246.1 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0 $0.0
Loan repayment $0.0 ($17.0) ($18.3) ($19.8) ($21.4) ($23.1) ($25.0) ($27.0) ($29.1) ($31.4) ($34.0)
Cash from financing $246.1 ($17.0) ($18.3) ($19.8) ($21.4) ($23.1) ($25.0) ($27.0) ($29.1) ($31.4) ($34.0)

Annual cash flow ($246.1) $12.7 $17.0 $17.8 $18.6 $19.4 $16.5 $13.3 $12.9 $12.5 $12.0

Debt Schedule
Beginning balance $246.1 $229.1 $210.8 $190.9 $169.5 $146.4 $121.5 $94.5 $65.4 $34.0
Debt service ($36.7) ($36.7) ($36.7) ($36.7) ($36.7) ($36.7) ($36.7) ($36.7) ($36.7) ($36.7)
Loan repayment ($17.0) ($18.3) ($19.8) ($21.4) ($23.1) ($25.0) ($27.0) ($29.1) ($31.4) ($34.0)
Interest ($19.7) ($18.3) ($16.9) ($15.3) ($13.6) ($11.7) ($9.7) ($7.6) ($5.2) ($2.7)
Ending balance $229.1 $210.8 $190.9 $169.5 $146.4 $121.5 $94.5 $65.4 $34.0 $0.0

Outputs
IRR 10.0%
LCOE $64.31
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